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Southwest Power Pool, Inc. 
BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING 

Hilton KCI – Kansas City, Missouri 
July 28, 2015 

- Summary of Action Items    - 
 

1. Approved Consent Agenda Items 

a. Approved minutes from April 28 and Special Meeting Minutes from June 6, 2015 

b. Approved Markets and Operations Policy Committee Recommendations 

i. CPWG:   RR73 

ii. MWG:   RR76, RR101, MPRR165 

iii. RTWG:   RR103 

iv. CTPTF:   Recommendation - Study Estimates 

v. Staff:   

1. Recommendation - 2015 ITPNT and ITP10 TO-Requested NTC Re-
evaluation 

2. Recommendation - NTC Re-evaluation  
3. Recommendation - South Waverly 161/69 kV Transformer Waiver Request 

Assessment  
 

c. Approved Human Resources Committee Recommendation 

2. Approved Staff Recommendation Order 1000 RFP 

3. Approved Strategic Planning Committee SPCTF New Member Recommendation with 
modifications. 
 

4. Approved the following from the Markets and Operations Policy Committee 

a. MWG:  

i. RR91 Recommendation – RR91 included in the Board background meeting 
materials was the MWG approved RR which differs from the PowerPoint 
presentation of RR91 by MOPC Chair Noman Williams.  The presentation reflected 
the MOPC approved RR91.  These minutes contain the MOPC and Board approved 
RR91. 

ii. RR100 Recommendation 

5. Approved Staff Recommendation:  2015 ITPNT and ITP10 Cost Variance NTC Re-evaluations 
Recommendation (The motion was to suspend and re-evaluate all seven projects.) 
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               MINUTES NO. 164 
      

Southwest Power Pool, Inc. 
BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING 

Hilton KCI – Kansas City, Missouri 
July 28, 2015 

- MINUTES    - 

Agenda Item 1 – Administrative Items 
SPP Chair Mr. Jim Eckelberger called the meeting to order at 8:04 a.m. The following Board of 
Directors/Members Committee members were in attendance or represented by proxy: 
Mr. Larry Altenbaumer, director 
Ms. Kristy Ashley, Exelon Generation Company  
Ms. Phyllis Bernard, director 
Mr. Julian Brix, director  
Mr. Nick Brown, director 
Mr. Phil Crissup, Oklahoma Gas and Electric 
Mr. Mike Deggendorf, Kansas City Power and Light Mr. 
Jim Eckelberger, director 
Mr. Jim Foley, proxy for Mr. Jon Hansen, Omaha Public Power District 
Mr. Bob Harris, Western Area Power Administration – Upper Great Plains Region  
Mr. Kelly Harrison, Westar Energy 
Mr. Bruce Walkup, proxy for Mr. Duane Highley, Arkansas Electric Cooperative  
Mr. David Hudson, Xcel Energy 
Mr. Rob Janssen, Dogwood Energy 
Mr. Thomas Kent, Nebraska Public Power District  
Mr. Jeff Knottek, City Utilities of Springfield 
Mr. Stuart Lowry, Sunflower Electric Power Corporation  
Mr. Josh Martin, director 
Mr. Dave Osburn, Oklahoma Municipal Power Authority  
Mr. Mike Risan, Basin Electric Power Cooperative 
Mr. Harry Skilton, director 
Mr. Kevin Smith, Tenaska 
Mr. Stuart Solomon, American Electric Power 
Ms. Kelly Walters, Empire District Electric Company 
Mr. Roy Klusmeyer, proxy for Mr. Gary Roulet, Western Farmers Electric Cooperative  
Mr. Mike Wise, Golden Spread Electric Cooperative 

 

Mr. Eckelberger introduced Commissioner Cheryl LaFleur, Mr. Andrew Weinstein, and Mr. Robert 
Ivanauskas from FERC.  He also introduced Mr. Michael Teague, Secretary of Energy and Environment 
from the State of Oklahoma, SPP’s newest member, Mr. Joel Bladow, Senior Vice President of 
Transmission from Tri-State Generation and Transmission. He then asked for a round of introductions. 
There were 143 people in attendance either in person or via the phone representing 33 members 
(Attendance List – Attachment 1). Mr. Nick Brown reported proxies (Proxies – Attachment 2). 
 
Mr. Eckelberger invited Commissioner LaFleur to speak.  She reflected on some of the changes that have 
occurred since she has been in her current position.  Commissioner LaFleur mentioned the launch of the 
Integrated Marketplace and how successful that has been.  She has been following the integration of wind 
in the SPP power supply and noted that SPP has tripled its wind integration, there have been four major 
transmission projects that have been successfully completed, and SPP has continued its work on Order 
1000.  Commissioner LaFleur also mentioned the successful work with seams issues and the pending 
integration of Western Area Power Administration – Upper Great Plains Region.   
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Agenda Item 2 – Board Report 

President’s Report 
Mr. Nick Brown provided the President’s Report (2015 Financial Package – Attachment 3 and Corporate 
Metrics – Attachment 4) and reported that June 1 was a historic day for SPP as the Integrated Systems (IS) 
came under the direction of SPP and the integration went smoothly.  Mr. Brown expressed appreciation for 
everyone who worked on pulling this all together.  The full market of the integration of systems is scheduled 
for October 1.  The signed membership agreement from Tri-State Generation and Transmission was 
received yesterday, along with Harlan Municipal Utilities, and they should both be filed later this week.  
Since the first of this year we have added seven other new members not including the two mentioned: 
Midwest Gen LLC, East River Electric Power Cooperative, Inc., Missouri River Energy Services, Xcel 
Energy Southwest Transmission Company LLC, Northwest Iowa Power Cooperative, Corn Belt Power 
Cooperative, and Northwestern Energy.   
The Integrated Marketplace is going extraordinarily well and a new peak was expected in the market 
yesterday, but because of high cloud cover that peak did not happen.  Mr. Brown is very pleased with the IT 
system’s up-time of the Integrated Marketplace.   

Mr. Brown introduced new SPP staff member Matt Morais.  Matt is joining SPP’s staff as the new Associate 
General Counsel for Markets, Operations, Regulatory Policy, and Compliance. Prior to joining SPP he 
worked at ERCOT.   

At the last meeting there was much discussion on the iteration on the delegation from NERC for our 
Regional Entity (RE) function and the proposed modifications with our RE agreement and how it differed 
from other Regional Entity delegation agreements.  We had expressed our concern to NERC 
representatives.  Last month Ron Ciesiel, Nick, and NERC fully executed an RE agreement that is identical 
to every other RE agreement.   

Mr. Brown thanked long-time Alstom employee Mr. Wendell Drost for his many years of service to SPP.  He 
has been a main SPP contact with various projects.  He has 46 years of experience with this industry.   
 
 
Regional Entity Trustees Report 
Mr. John Meyer reported on Version 5 of the NERC Critical Infrastructure Standards (CIP V5).  The V5 
Transition Advisory Group is collaborating to finalize frequently asked question responses after industry 
comments.  There was one category 1 event analyzed, it was a loss of monitoring or control at a control 
center.  This is the ninth consecutive quarter with no vegetation management issues.  Registration for the 
Multiple Regional Registered Entity (MRRE) program ended in June for the 2015 compliance program.  
Across NERC, 14 groups of 63 Registered Entities requested inclusion in the MRRE program.  Lead Region 
assignments should be made by mid-August.  There are several webinars coming up and registrations are 
open.  There are 235 in-person registrants for the CIP 2015 workshop in Kansas City and 92% of the 
attendees rated the workshop in the top two categories of excellent or good.   
 
 
Regional State Committee Report 
Commissioner Dana Murphy reported on the Regional State Committee (RSC) and the recent retreat that 
took place over the weekend.  She indicated that there was a lot of robust discussion.  There was 
discussion on the scoping document for cost allocation and how it applied to new members.  The scoping 
document was approved and the CAWG will move forward.  Additionally, she indicated that the Bylaws 
were discussed.  The RSC voted and approved the New Member Task Force report after a few more 
changes were made.  The RSC added a provision to Attachment 1 which would incorporate the areas that 
the RSC has responsibility for.  She noted that a State Commission Forum was established to provide RSC 
members, CAWG members, and the respective staff an opportunity to provide input early on during the new 
member process.  Additionally, an adjustment to the Bylaws may be needed to include this new information.   
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Commissioner Murphy stated that the RSC Bylaws are in the process of being revised and the changes will 
go before the RSC for a vote at the September meeting.  A scoping document for looking at the Aggregate 
Study Waiver was also discussed.  The RSC did support Kansas City Power and Light on the denial of the 
South Waverly transformer.   

Commissioner Murphy was recently appointed to the Electric Power Research Institute.  This is a good 
educational opportunity and if anyone has questions she will be available to listen. 
 
 
Federal Energy Regulatory Commission Report 
Mr. Patrick Clarey reported in May FERC issued a proposed rule renewing reliability standards addressing 
the vulnerability of electric transmission systems with magnetic disturbances.  Addressing this is a two-
stage process.  FERC addressed the first stage in June of 2014 by implementing plans and procedures to 
the processes mitigated.  The second stage was adopted in May.  In June FERC posted revisions to certain 
CIP Standards to address communication network issues and also proposed the development of standards 
for supply chain management security rules.   
 
 
Oversight Committee Report 
Mr. Josh Martin reported on the last two meetings of the Oversight Committee.  There was a special 
meeting held on May 4 to authorize SPP staff to engage the Industry Expert Panel (IEP).  The following 
items were discussed:  

 Authorization of staff to engage the IEP with contracts starting in May 2015 and running until 
December 31 (unless a panelist is engaged in the IEP work which would run through the end of 
the evaluation) 

 Clarified that a “consulting firm” could not be retained as a voting member of the IEP, but that a 
“firm” could provide assistance to the IEP 

 Endorsed staff’s recommendation to set the RFP Response Window at 180 days for this 
competitive project. 

The Industry Expert Panelists have all been contracted.  IEP training is scheduled from September 30 – 
October 5, 2015.  The SPP Board of Directors is invited and the curriculum is under development and will 
be shared with stakeholders in August.  The Window for new IEP candidates opened on June 1, 2015.  The 
Walkemeyer Competitive Upgrade Schedule (Walkemeyer Timeline – Attachment 6) was briefly mentioned. 
 
There was an in-person meeting held in Little Rock on June 8.  The committee discussed the delay in 
engaging an outside firm to audit/assess Market Monitoring Unit (MMU) metrics and processes and directed 
staff to put a placeholder for the assessment in the 2016 budget.  The committee directed staff to accelerate 
discussions with the Department of Homeland Security (DHS) to enable the delivery of Cyber Training that 
would also accommodate an additional half day of high-level overview for the SPP Directors and Member 
Committee representatives. 
 
The MMU is requesting one additional headcount in the 2016 budget.  The MMU completed a portion of the 
15-month review of the Integrated Marketplace (IM), which has been filed with FERC. 
 
 
Annual State of the Market Report 
Mr. Alan McQueen reported on the Annual State of the Market (ASOM) (Annual State of the Market Report 
– Attachment 7 and Annual State of the Market Presentation – Attachment 8).  The usual ASOM report runs 
for a calendar year but this year it was completed to reflect the first twelve months of the IM.  Next year the 
report will reflect a calendar year again.  There has been significant growth in the market.  The MMU 
provided nine recommendations, with regard to: 
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1. Quick Start Logic, 
2. Ramp-Constrained Shortage Pricing, 
3. Manipulation of Make Whole Payment Provisions, 
4. Ramp-Constrained Shortage Pricing, 
5. Manipulation of Make Whole Payment Provisions, 
6. Day-Ahead Must-Offer Requirement, 
7. TCR and ARR System Availability, 
8. Transmission Outage Reporting and Modeling, 
9. TCR Bidding at Electrically Equivalent Settlement Locations, 
10. Allocation of Over-Collected Losses, and 
11. Market Power Mitigation Conduct Thresholds. 

The Integrated System will add 5,000 MW of load and almost 10,000 miles of high-voltage transmission 
lines increasing the number of SPP-managed transmission lines by 18% to more than 58,000 miles. 
At the conclusion of the ASOM Report briefing, Mr. Eckelberger asked the chairs of the Markets and 
Operation Policy Committee (MOPC) and Market Working Group (MWG) to take a look at the ASOM report 
and look at the ideas that should be pursued if they are not already being pursued and get some feed-back 
in the next few meetings as to what is going on and how we can improve the market.   
 
 
Human Resources Committee Report 
Mr. Julian Brix reported on the Human Resources Committee. The committee conducted a teleconference 
on June 19. At that meeting the committee approved engaging Mercer consultants to conduct a review of 
SPP officer compensation. The last survey was conducted in 2013. Since that time the SPP officer team 
composition has changed. An officer level role has been consolidated and two new roles added that were 
not part of the 2013 study.   The committee also approved a recommendation to amend the Southwest 
Power Pool Post-Retirement Healthcare Benefit.  This amendment is included as part of the consent 
agenda for this meeting. The committee will be meeting in August and October at the SPP Corporate 
Campus in Little Rock. 
 
 
Corporate Governance Committee Report 
Mr. Nick Brown reported that the Membership at the recommendation of the Corporate Governance 
Committee (CGC) approved modifications to our Bylaws to add up to three additional directors to the Board.  
The CGC’s thinking is to get ahead of the game, and thinking of succession plans with the growing lead-
time and the complexity of the organization, this is an appropriate action.  The CGC scheduled a meeting 
for this afternoon.  The CGC has issued a request for proposal to independent search firms as is required 
by FERC order to utilize a search firm for initial identification of candidates.  The last search was seven 
years ago.  The proposals will be reviewed this afternoon. There will be another CGC meeting in Kansas 
City in late August.    
 
 
Finance Committee Report 
The Finance Committee (FC) met a couple of times during this month.   The key areas the FC is actively 
engaged in is the management of the retirement fund, Order 1000 cost recovery, business process 
improvement, 2015 financials, 2016 administrative fee forecast, and the administrative fee rate strategy.   
 
 
Agenda Item 3 – Consent Agenda 
Mr. Eckelberger presented the Consent Agenda (Consent Agenda – Attachment 10) which included 
recommendations from the Credit Practices Working Group (CPWG), MWG, Regional Tariff Working Group 
(RTWG), Competitive Transmission Process Task Force (CTPTF), staff, and the Human Resources 
Committee (HRC).   
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Mr. Harry Skilton made a motion to approve the consent agenda and Mr. Josh Martin seconded the 
motion.  The Members Committee voted in unanimous approval.  The Board voted; the motion 
passed. 
 
 
Agenda Item 4 – Staff Reports 
 
Order 1000 RFP 
Mr. Paul Suskie reported on the Order 1000 RFP update (Order 1000 RFP Modifications Presentation – 
Attachment 11 and Order 1000 RFP Modifications Recommendation – Attachment 12).  This is 
arecommendation from SPP staff to make one minor modification to the RFP to approve a change to the 
Walkemeyer RFP for the utility status approval – date regulatory approval is needed.   
 
Mr. Josh Martin made a motion to approve the staff’s recommendation to change the “Date 
Regulatory Approval Needed” on RFP-00001 (Walkemeyer to North Liberal) from June 1, 2016 to 
January 1, 2017, or a period of 8 months from the issuance of this NTC.  Mr. Julian Brix seconded 
the motion.  The Members Committee voted in unanimous approval.  The Board voted; the motion 
passed. 
 
 
Agenda Item 5 – Strategic Planning Committee Report 
Mr. Mike Wise reported on the successful Strategic Planning Committee (SPC) retreat that occurred in May.  
The group discussed long-term implications of demand response, energy efficiency, and distributed 
generation, governance matters, and corporate planning matters.  Follow-up action items include studying 
the operation impacts of rooftop solar implications in California and beginning to track regional trends in 
variable energy resources.  The SPC and CGC will begin looking at ways to address increased public 
participation in Board and Committee meetings.  The SPC will collaborate with the FC on the annual 
development of SPP’s operating plan to dovetail with the SPP strategic plan.  Staff presented the final 
report and recommendation of the SPC New Member Task Force noting that report is the culmination of 
meetings held since last September to revise SPP’s process document for adding prospective transmission-
owning members.  (New Member Task Force Report-Edited – Attachment 13 and New Member Task Force 
Recommendation – Attachment 14) 
 
Mr. Larry Altenbaumer made a motion to accept the Final Report of the SPC New Member Task 
Force as approved/modified by the SPC with the additions suggested by the RSC and Chairman 
Eckelberger and direct staff to update existing processes to implement the Final report.  Ms. Phyllis 
Bernard seconded the motion.  The Members Committee voted in unanimous approval.  The Board 
voted; the motion passed. 
 
 
Agenda Item 6 – Markets and Operations Policy Committee Report 
Mr. Noman Williams provided the MOPC report and recommendations (MOPC Presentation – Attachment 
15 and MOPC Action Items – Attachment 16)1.  Revision Request (RR) 91 Annual Allocation Percent 
Change is the first step to improve the TCR funding.  RR91 as adopted by MOPC proposes to change 
annual ARR allocation system capacity to:  June 100%, July-September 90%, and Seasons 80%.  All 
residual capacity will still be allocated and auctioned in monthly processes.  MWG approved Seasons at 
60% and MOPC changed the percentage to 80%.  The estimated cost is $114,000 with six months to 
complete. 
__________________________________________ 
 
1   RR91 included in the Board background meeting materials was the MWG approved RR which 
differs from the PowerPoint presentation of RR91 by MOPC Chair Noman Williams.  The 
presentation reflected the MOPC approval RR91.  These minutes contain the MOPC and Board 
approved RR91. 
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Mr. Larry Altenbaumer made a motion to approve the MOPC MWG RR91 recommendation with the 
modifications made by MOPC.  Mr. Harry Skilton seconded the motion.  The Members Committee 
voted in favor with two abstentions (Dogwood Energy and Western Area Power Administration – 
Upper Great Plains Region).  The Board voted; the motion passed. 
 
 
Mr. Williams reported on the MWG RR100 Gas-Electric Coordination Market Timeline Changes.  The 
notice of proposed rulemaking (NOPR) proposed changes to the gas nomination times, frequency, and the 
start of the gas day.  Propose Tariff changes to adjust Day Ahead Market and RUC timing and “Explain 
how its proposed scheduling modifications are sufficient” or “show cause why such changes are not 
necessary”.  There was significant discussion on this topic. 
 
Mr. Harry Skilton made a motion to approve the MWG RR100 that implements Day-Ahead Market 
(DAMKT) and timeline changes to comply with FERC Section 206 Order in Docket No. RM14-2 
issued March 20.  The order moves the DAMKT timeline to close at 0930 with results posted at 1400, 
it shortens the reoffer period between DAMKT and DA RUC to 45 minutes, and moves the DA RUC 
timeline to close at 1445 and complete by 1715.  The Revision proposes a timeline that does not 
provide the DAMKT results prior to the 1300 Timely Gas Nomination and provides results prior to 
the Evening Gas Nomination.  Mr. Nick Brown seconded the motion.  The Members Committee 
voted in favor (Empire District Electric Company, Sunflower Electric Power Corporation, Kansas 
City Power & Light Company, Oklahoma Gas and Electric Company, Oklahoma Municipal Power 
Authority, Arkansas Electric Cooperative Corporation, Dogwood Energy, LLC, and American 
Electric Power), with six abstentions (Tenaska, Xcel Energy, Exelon Generation Company, Golden 
Spread Electric Cooperative, Western Farmers Electric Cooperative, and Western Area Power 
Administrative) and five against (Westar Energy, Basin Electric Power Cooperative, Omaha Public 
Power District, Nebraska Public Power District, and City Utilities of Springfield).  The Board voted; 
the motion passed. 
 
 
Mr. Lanny Nickell spoke on behalf of the staff recommendation 2015 ITPNT and ITP10 cost variance NTC 
re-evaluation recommendations.  MOPC recommended approval of three of the projects and staff 
recommended approval of the same three plus an additional four projects.    
 
Mr. Julian Brix made a motion to suspend and reevaluate all seven projects as soon as practical.   
Mr. Nickell committed on behalf of Staff to reevaluate the projects and provide recommendations 
back to the SPP Board at the October meeting if possible, but no later than the January meeting.  
Mr. Larry Altenbaumer seconded the motion.  The Members Committee voted in unanimous 
approval.  The Board voted; the motion passed. 
 
Agenda Item 7 – Future Meetings 
 
2015 
RET/RSC/BOD   October 26-27    Little Rock 
(Annual Meeting of Members) 
BOD    December 8    Little Rock 
 
2016 
RET/RSC/BOD   January 25-26    Oklahoma City 
RET/RSC/BOD   April 25-26    Sante Fe, NM 
BOD    June 13-14    Little Rock 
RET/RSC/BOD   July 25-26    Rapid City, SD 
RET/RSC/BOD   October 24-25    Little Rock 
(Annual Meeting of Members) 24 October – 75th Anniversary Celebration/Dinner 
BOD    December 6    Little Rock 
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Adjournment 
 
With no further business, Mr. Eckelberger thanked everyone for participating and adjourned the meeting at 
1:29 p.m. 
 
 
Respectfully Submitted, 
 
Paul Suskie, Corporate Secretary 



  

Relationship-Based  •  Member-Driven  •  Independence Through Diversity 

Evolutionary vs. Revolutionary  •  Reliability & Economics Inseparable 

 
Southwest Power Pool, Inc. 

BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING 
July 28, 2015 

Hilton KCI – Kansas City, Missouri 
•  A G E N D A  •  

8:00 a.m. – 3:00 p.m. Central Daylight Time 

 
1. Call to Order and Administrative Items ..................................................................... Mr. Jim Eckelberger 

2. Board Reports 

a. President’s Report......................................................................................... Mr. Nick Brown 

b. Regional Entity Trustees Report .................................................................. Mr. John Meyer 

c. Regional State Committee Report .......................................... Commissioner Dana Murphy 

d. Federal Energy Regulatory Commission Report ..................................... Mr. Patrick Clarey 

e. Oversight Committee Report ....................................................................... Mr. Josh Martin 

i. Walkemeyer Timeline 

ii. Annual State of the Market Report (ASOM) .............................. Mr. Alan McQueen 

f. Human Resources Committee Report ........................................................... Mr. Julian Brix 

g. Corporate Governance Committee Report ................................................... Mr. Nick Brown 

h. Finance Committee Report ........................................................................ Mr. Harry Skilton 

3. Consent Agenda ....................................................................................................... Mr. Jim Eckelberger 

a. Approve April 28 Minutes and Special Meeting Minutes 6 June 

b. Markets and Operations Policy Committee 

i. CPWG:   RR73 

ii. MWG:     RR76, RR101, MPRR165 

iii. RTWG:   RR103 

iv. CTPTF:   Study Estimates Recommendation 

v. Staff: 

1. 2015 ITPNT and ITP10 TO-Requested NTC Re-evaluation 
Recommendation 

2. NTC Re-evaluation Recommendation 
3. South Waverly 161 69kV Transformer Waiver Request Assessment 

Recommendation 
 

c. Human Resources Committee Recommendation 



 

 

4. Staff Reports 

a. Order 1000 RFP ........................................................................................... Mr. Paul Suskie 

5. Strategic Planning Committee Report .................................................................... Mr. Michael Wise 

a. SPCTF New Member Recommendation 

6. Markets and Operations Policy Committee Report ............................................ Mr. Noman Williams 

a. MWG:     RR91 Recommendation 
                                         RR100 Recommendation 

b. Staff:       2015 ITPNT and ITP10 Cost Variance NTC Re-evaluations Recommendation 
 

7. Future Meetings ................................................................................................. Mr. Jim Eckelberger 

RET/RSC/BOD - October 26-27 ............................................ Little Rock  
BOD - December 8........................................................ ……….Little Rock 
 
2016 

RET/RSC/BOD – January 25-26………………………………Oklahoma City 

RET/RSC/BOD – April 25-26………..…….……………………Santa Fe 

BOD – June 13-14..................................................................Little Rock 

RET/RSC/BOD – July 25-26……………………….…..............Rapid City, SD 

RET/RSC/BOD – October 24-25……………………………….Little Rock 

BOD – December 6………………….………..………………….Little Rock 
 
 

Executive Session 

FERC Dockets



 

 

 



















From: Duane Highley
To: Shaun Scott
Subject: RE: SPP Board Meeting
Date: Thursday, July 23, 2015 9:01:40 AM

Shaun,

Next week’s SPP member committee meeting is in conflict with our annual meeting and Board of
 Directors meetings for the coop and its subsidiaries, so I cannot attend.

I would like to have Bruce Walkup (who serves on MOPSC) serve as my proxy for this meeting.

Sincerely,

Duane Highley
(501) 570-2261

mailto:Duane.Highley@aecc.com
mailto:smscott@spp.org
mailto:smscott@spp.org




From: Roulet, Gary
To: Shaun Scott
Subject: Re: SPP Board Meeting
Date: Thursday, July 23, 2015 11:23:57 AM

In am on vacation, roy klusmeyer has my proxy

Sent from my iPad

Gary Roulet
Western Farmers Electric Coop

mailto:g_roulet@wfec.com
mailto:smscott@spp.org
mailto:smscott@spp.org
mailto:smscott@spp.org


To: SPP Officers / Directors / Managers
From: Sheri Dunn / Cindy Goodwin
Date: July 16, 2015
RE: June 2015 Financial Package

Page
1) Financial Commentary:  FY Forecast to Budget Variances 1

2) Financial Overview:  FY Forecast by month compared to Budget and Prior Year 3

3) Income Statement Actual Results Overview:  Current Month Actual compared to  Forecast,
FY Forecast compared to Budget and FY Forecast compared to Prior Year

4

4) Balance Sheet:  Current Month compared to Year End 5

5) 6

5) Headcount Analysis:  Forecast compared to Budget 9

Memorandum

Attached are the June 2015 monthly financial reports. 

Capital Projects Summary:  Project-to-Date and Remaining Forecast compared to Total 
Capital Project Budget



2015 FY 2015 FY Fav/(Unfav)
Forecast Budget Variance

Revenues $178,180 $174,595 $3,585 2.1%

Expenses 207,427 209,982 2,555 1.2%

Net Income/(Loss) ($29,247) ($35,387) $6,140 17.4%

2015 FY 2015 FY Fav/(Unfav)
Forecast Budget Variance

Tariff Administration Service $145,378 $141,149 $4,229 3.0%

FERC Fees & Assessments 16,604 15,460 1,144 7.4%

NERC ERO Regional Entity Rev 10,211 11,693 (1,483) (12.7%)       

Miscellaneous Income 4,323 5,338 (1,015) (19.0%)       

Contract Services Revenue 1,100 475 625 131.6%

Annual Non-Load Dues 564 480 84 17.5%

Total Revenue $178,180 $174,595 $3,585 2.1%

9

10

2015 Financial Commentary
June 30, 2015
(in thousands)

Summary

Revenue

Tariff Administrative Service revenue was adjusted to reflect an increase due to a change in the Settlements billing process for 1A charges, which 
includes $1.2 million for a prior-year true-up. Additional revenues are also included related to an increase in the forecasted load from the original 
budget (which was based on load through July 2014).

FERC Fees Assessments revenue was adjusted to reflect the current rate calculated by Settlements, which is $0.074 as compared to $0.066 assumed 
in the budget. The budget anticipated a conservative increase of 3% over the prior year; however, the new rate includes prior year adjustments 
resulting in a 7% increase over the prior year.

NERC ERO Regional Entity revenue is based on Regional Entity (RE) budgeted expenditures and anticipated pass-thru expenses for SPP resources 
outside the RE.  The primary drivers of the variance reside in compensation and outside services expenses.  Although the budget assumed the RE 
would be fully staffed at the beginning of the year, currently 4 out of the 30 budgeted positions remain vacant with 2 of the positions eliminated from the 
forecast. Staffing levels and external consulting costs  were reassessed and the forecast was subsequently reduced based on the decreasing trend of 
violations experienced since the budget was finalized in early 2014.The net impact to SPP is an unfavorable variance of $0.1.

Miscellaeous Income forecast was reduced for Order 1K IEP pass-thru revenues given that only one RFP was issued. 

Contract Services forecast includes revenue for WAPA reliability coordination services agreement, which was not included in the budget.

Page 1 of 9



2015 Financial Commentary
June 30, 2015
(in thousands)

2015 FY 2015 FY Fav/(Unfav)
Forecast Budget Variance

Salary & Benefits $83,165 $80,020 ($3,145) (3.9%)         

Assessments & Fees 13,951 16,400 2,449 14.9%

Communications 4,099 4,307 208 4.8%

Maintenance 13,978 14,670 692 4.7%

Outside Services (Including RSC) 12,937 16,137 3,200 19.8%

Administrative & Leases 4,962 5,113 151 3.0%

Travel & Meetings 2,841 3,092 251 8.1%

Depreciation & Amortization 60,602 61,247 645 1.1%

Other Expenses 10,892 8,996 (1,896) (21.1%)       

Total Expense $207,427 $209,982 $2,555 1.2%

Expense

Salary & Benefits were adjusted to reflect current active staff and timing of new hires based on estimates from HR. The budget assumed a vacancy 
rate of 5%; however, the vacancy forecast is now 4% based on current staffing projections. This change contributes to the overall unfavorable 
variance to budget. The forecast for benefits expense also includes actuarial adjustments to pension and retiree health care costs, which are non-
cash expenses excluded from the cost recovery calculation.

Assessments and Fees has decreased significantly from prior forecast. SPP received its annual assessment invoice from FERC and
recognized a true-up for the prior year over-accrual  in June. The remaining forecast for the 2015 accrual was decreased by $800 in recognition of 
the lower FERC costs now expected for 2015. 

The FY favorable variance in Outside Services is largely relatedto i) a significant reduction in Order 1K industry expert panel (IEP) pass-thru costs 
(due to the issuance of only one RFP) ii) lower expenses related to wind forecasting and staff augmentation mostly associated with Integrated 
Systems (IS), and iii) lower consulting costs in the RE (Regional Entity) due to a decreasing trend in the number of violations. 

Meetings expense also trails budget in various areas, with the largest departmental variance in Training with cost savings associated with reducing 
expenses for various external meetings and conferences ($35) and eliminating restoration drill meeting expenses ($10). Lower attendance and 
changing the number of meeting days from 2 to 1 has allowed the Change Working Group (CWG) to meet at American Electric Power Co (AEP) 
facilities and results in lower meeting expense costs given that SPP has a fixed contract with AEP.

The budget in Other Income / Expense includes a $1.2 million expense reduction placeholder assigned by the Board, which has been removed from 
the forecast in order to show a more accurate representation of expected expenses for the remainder of the year. The SWAP valuation adjustment is 
not included in the budget due to unpredictability and results in an unfavorable variance year-to-date. Also contributing to the unfavorable variance to 
budget is additional Interest Expense for IT storage equipment that was financed through a capital lease. A partial offset to this can be seen in the 
favorable maintenance expense variance as a result of lower maintenance costs associated with the related equipment.
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Actual Actual Actual Actual Actual Actual Fcst Fcst Fcst Fcst Fcst Fcst FY 2015 FY 2015 Variance FY 2014 Variance
Jan-15 Feb-15 Mar-15 Apr-15 May-15 Jun-15 Jul-15 Aug-15 Sep-15 Oct-15 Nov-15 Dec-15 Forecast Budget Fav/(Unfav) Actual Fav/(Unfav)

Income
Tariff Administrative Service $11,866 $10,867 $12,014 $12,796 $11,977 $11,500 $12,028 $11,998 $11,872 $11,804 $13,310 $13,346 $145,378 $141,149 $4,229 $133,722 $11,656
Fees & Assessments 2,407 2,528 2,096 2,095 1,889 2,148 2,481 2,570 2,293 2,238 2,255 2,377 27,378 27,633 (255) 25,013 2,366
Contract Services Revenue 38 38 40 40 40 165 165 165 165 165 40 40 1,100 475 625 453 648
Miscellaneous Income 88 283 602 312 228 480 275 275 322 275 275 910 4,323 5,338 (1,015) 4,350 (26)

Total Income 14,398 13,716 14,751 15,242 14,134 14,293 14,949 15,008 14,652 14,482 15,880 16,673 178,180 174,595 3,585 163,537 14,643

Expense
Salary 4,569 4,607 4,642 4,576 4,557 4,557 4,523 4,532 4,586 4,635 4,654 4,650 55,089 54,349 (740) 54,131 (957)
Benefits & Taxes 2,108 2,101 2,273 2,887 2,029 2,833 2,038 1,991 2,535 2,037 2,044 2,642 27,519 24,917 (2,602) 30,938 3,420
Continuing Education 23 13 18 20 44 25 80 70 74 66 67 58 558 755 197 505 (53)

Salary & Benefits 6,699 6,722 6,933 7,483 6,631 7,415 6,642 6,592 7,195 6,739 6,764 7,350 83,165 80,020 (3,145) 85,575 2,410
Employee Travel 99 160 173 179 207 172 185 174 192 183 166 168 2,058 2,094 36 1,924 (133)
Administrative 249 275 422 445 281 661 293 276 390 852 284 350 4,776 4,921 145 4,399 (377)
Assessments & Fees 1,363 1,363 1,363 1,363 1,363 (244) 1,230 1,230 1,230 1,230 1,230 1,230 13,951 16,400 2,449 16,323 2,372
Meetings 78 75 46 49 70 84 83 51 47 111 62 27 783 998 215 833 50
Communications 294 308 310 351 319 318 363 363 363 363 363 387 4,099 4,307 208 3,745 (354)
Leases 15 16 14 14 17 14 16 16 16 16 16 16 186 192 6 180 (6)
Maintenance 1,111 1,079 1,035 1,122 1,121 1,121 1,199 1,171 1,181 1,172 1,169 1,497 13,978 14,670 692 15,149 1,171
Services 583 989 1,211 992 819 833 1,251 1,220 1,223 1,210 1,063 1,342 12,736 15,849 3,113 16,128 3,392
Regional State Committee 7 19 9 20 16 21 18 18 18 18 18 18 202 288 87 191 (10)
Depreciation & Amortization 4,672 4,795 5,045 5,069 5,029 5,007 5,115 5,115 5,149 5,150 5,168 5,289 60,602 61,247 645 51,046 (9,556)

Total Expense 15,171 15,800 16,560 17,086 15,874 15,403 16,394 16,226 17,003 17,043 16,303 17,673 196,535 200,987 4,451 195,493 (1,042)

Other Income/(Expense)
Investment Income -                  -                  70 12 17 33 -                   -                   -                   -                   -                   -                   132 -                      132 459 (327)
Interest Expense (1,007) (801) (938) (830) (936) (931) (869) (869) (878) (852) (855) (862) (10,627) (10,496) (131) (12,916) 2,289
Capitalized Interest -                  -                  102 -                   -                   -                   -                   -                   -                   -                   -                   9 111 241 (130) 363 (252)
Change in Valuation of Swap -                  -                  (659) -                   -                   478 -                   -                   -                   -                   -                   -                   (181) -                      (181) (1,528) 1,347
Other Income/Expense (24) 90 (1) 14 5 (353) -                   -                   -                   -                   -                   -                   (269) 1,260 (1,529) 74 (343)
Unrealized Gain on Investment -                  -                  69 42 25 (193) -                   -                   -                   -                   -                   -                   (57) -                      (57) 251 (308)
Change in Funded Status of Employee Benefit Plan -                  -                  -                  -                   -                   -                   -                   -                   -                   -                   -                   -                   -                 -                      -                  (797) 797

Net Other Income (Expense) (1,031) (711) (1,357) (763) (889) (966) (869) (869) (878) (852) (855) (853) (10,892) (8,996) (1,896) (14,093) 3,202

Net Income (Loss) ($1,803) ($2,795) ($3,166) ($2,606) ($2,629) ($2,075) ($2,314) ($2,087) ($3,228) ($3,413) ($1,278) ($1,853) ($29,247) ($35,387) $6,140 ($46,050) $16,803
(24,469,675)  

2015 Headcount Forecast 576           576           570           570            573            570            572            577            577            577            578            578            578          
2015 Headcount Budget 595           595           598           598            598            598            598            598            598            598            598            598            598          

Over / (Under) Budget (19)            (19)            (28)            (28)            (25)            (28)            (26)            (21)            (21)            (21)            (20)            (20)            (20)           
Headcount Vacancy -3% -3% -5% -5% -4% -5% -4% -4% -4% -4% -3% -3% -4%

NRR Over / (Under) Recovery $2,839 $1,310 ($3,783) $2,315 $2,395 ($4,906) $2,228 $2,315 ($4,637) $1,431 $3,492 ($3,210) $1,790

Southwest Power Pool
Monthly Overview

June 30, 2015
(in thousands)
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Jun-2015 Jun-2015 Variance Jun-2015 Jun-2015 Variance Jun-2015 Jun-2014 Variance
Actual Forecast Fav/(Unfav) Actual Budget Fav/(Unfav) Current Year Prior Year Fav/(Unfav)

Income
Tariff Administrative Service $11,500 $11,836 ($336) $71,020 $68,374 $2,646 $71,020 $66,612 $4,408
Fees & Assessments 2,148 2,362 (215) 13,162 13,843 (681) 13,162 12,239 923
Contract Services Revenue 165 165 -                 361 237 123 361 225 136
Miscellaneous Income 480 352 129 1,992 2,389 (397) 1,992 1,895 98

Total Income 14,293 14,715 (422) 86,534 84,843 1,691 86,534 80,971 5,564

Expense
Salary & Benefits 7,415 7,145 ($270) 41,884 40,090 ($1,794) 41,884 44,244 $2,360
Employee Travel 172 189 17 990 1,053 63 990 879 (110)
Administrative 661 683 22 2,332 2,478 146 2,332 2,066 (266)
Assessments & Fees (244) 1,367 1,611 6,571 8,200 1,629 6,571 8,145 1,574
Meetings 84 76 (8) 402 533 131 402 471 69
Communications 318 335 17 1,899 2,154 254 1,899 1,917 18
Leases 14 16 2 90 96 6 90 85 (5)
Maintenance 1,121 1,196 75 6,589 7,355 765 6,589 7,674 1,085
Services 833 932 99 5,426 8,350 2,924 5,426 8,240 2,813
Regional State Committee 21 18 (3) 92 144 52 92 89 (3)
Depreciation & Amortization 5,007 5,175 169 29,616 30,261 645 29,616 22,648 (6,968)

Total Expense 15,403 17,133 1,730 95,892 100,713 4,821 95,892 96,458 566

Other Income/(Expense)
Investment Income 33 - 33 132 -               132 132 - 132
Interest Expense (931) (898) (33) (5,443) (5,297) (146) (5,443) (5,490) 48
Capitalized Interest - - -                 102 133 (31) 102 311 (209)
Change in Valuation of Swap 478 - 478 (181) -               (181) (181) 34 (215)
Other Income/Expense (353) (350) (3) (269) 630 (899) (269) 49 (318)
Unrealized Gain on Investment (193) - (193) (57) -               (57) (57) - (57)

Net Other Income (Expense) (966) (1,248) 282 (5,716) (4,533) (1,183) (5,716) (5,097) (620)

Net Income (Loss) ($2,075) ($3,666) $1,591 ($15,074) ($20,403) $5,329 ($15,074) ($20,585) $5,510

Headcount 570            598             (28)           570 598        (28)                570                 573             (3) 

Southwest Power Pool
Actual Results Overview

(in thousands)

Current Month Compared to Forecast YTD Actual Compared to YTD Budget YTD 2015 Compared to YTD 2014

June 30, 2015
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6/30/2015 12/31/2014 Net Change

ASSETS
    Current Assets
        Cash & Equivalents $42,793 $57,534 ($14,741)
        Restricted Cash Deposits 205,102 222,285 (17,184)
        Accounts Receivable (net) 26,384 41,826 (15,442)
        Other Current Assets 16,038 7,204 8,834
    Total Current Assets $290,317 $328,850 (38,533)

    Total Fixed Assets 157,619 176,881 (19,262)
    Total Other Assets 2,510 5,183 (2,673)
    Investments 9,470 10,099 (630)

TOTAL ASSETS $459,916 $521,013 ($61,098)

LIABILITIES & EQUITY
    Liabilities
        Current Liabilities
            Accounts Payable (net) $16,522 $31,417 (14,895)
            Customer Deposits 210,920 222,285 (11,365)
            Current Maturities of LT Debt 24,906 24,299 606
            Other Current Liabilities 42,365 57,943 (15,578)
            Deferred Revenue 6,075 5,895 180
        Total Current Liabilites 300,788 341,840 (41,052)

        Long Term Liabilities
            US Bank 5.45% Senior Notes - 2016 - 3,000 (3,000)
            US Bank Maumelle Mortgage - 2027 3,238 3,341 (103)
            Campus 4.82% Senior Notes - 2042 61,303 61,869 (567)
            Integrated Marketplace 3.55% Senior Note - 2024 54,250 57,750 (3,500)
            Senior Notes - 2024 80,000 85,000 (5,000)
            Senior Notes - 2025           37,000 37,000 - 
            Capital Lease Obligation 5,969 - 5,969
            Other Long Term Liabilities 19,388 18,158 1,230
        Total Long Term Liabilities 261,147 266,118 (4,971)

            Net Income (15,074) (46,050) 30,975
            Members' Equity (86,945) (40,895) (46,050)
        Total Members' Equity (102,019) (86,945) (15,074)

TOTAL LIABILITIES & EQUITY $459,916 $521,013 ($61,098)

Southwest Power Pool
Balance Sheet
June 30, 2015
(in thousands)
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Prior 
Year(s)

2014 
Actual

2015 
Forecast

2016 
Forecast

2017 
Forecast

TOTAL 
FORECAST

TOTAL 
BUDGET

Variance 
Over/(Under)

Market Post Go‐Live $601.3 $12,717.6 $2,739.5 $3,816.0 $952.5 $20,826.9 $23,080.2 ($2,253.3) a)

Carry‐forward projects
Netezza $2,156.0 $490.3 $171.7 $0.0 $0.0 $2,818.0 $2,818.0 $0.0
Transmission Settlements Upgrade ETSE3.0 0.0 0.0 482.5 2,778.4 926.1 4,187.0 4,187.0 (0.0)
EMS Upgrade 0.0 0.0 0.0 1,042.5 455.0 1,497.5 1,497.7 (0.2)
Sonic ESB and Sonic MQ Replacement 0.0 1.4 218.5 0.0 0.0 219.8 475.0 (255.2)
IssueTrak Integration with Remedy (covered by SPP staff) 0.0 0.0 0.0 0.0 0.0 0.0 150.0 (150.0)
Cost Allocation SQL Database (cancelled) 0.0 0.0 0.0 0.0 0.0 0.0 50.0 (50.0)
Z2 Crediting Process (orig budget $295 in 2012) * 348.9 2.2 837.1 188.6 0.0 1,376.8 295.0 1,081.8 e)
Project Server 2013 Upgrade * 0.0 104.0 22.3 0.0 0.0 126.4 300.0 (173.6)
QA ICCP Buildout * 0.0 190.4 1.0 0.0 0.0 191.4 180.0 11.4

Total Carry‐Forward Projects $2,504.9 $788.3 $1,733.0 $4,009.5 $1,381.1 $10,416.9 $9,952.7 $464.2

* The TOTAL BUDGET for the Carry Forward projects that were expected to be complete in 2014 were not included in the 2015‐2017 budget.

2015 New Projects
Gas / Electric Harmonization $0.0 $1,000.0 $0.0 $1,000.0 $2,000.0 ($1,000.0) b)
IS Integration 893.7 0.0 0.0 893.7 1,027.0 (133.3)
Local Reliability Assessment 0.0 500.0 0.0 500.0 500.0 0.0
2‐Factor Authentication (1 of 2 ‐ Infrastructure build) 0.0 250.0 0.0 250.0 250.0 0.0
Vaadin 6 to 7 Upgrade 120.0 0.0 0.0 120.0 180.0 (60.0)
Tie Line Meter Checkout 59.4 0.0 0.0 59.4 66.0 (6.6)

Total 2015 New Projects $1,073.1 $1,750.0 $0.0 $2,823.1 $4,023.0 ($1,199.9)

Foundation
IT Foundation $14,801.7 $9,940.2 $11,026.0 $35,767.8 $33,073.1 $2,694.7 c)
Operations Foundation 2,702.0 2,633.0 2,818.0 8,153.0 7,977.0 176.0
Other Foundation 642.3 973.0 470.0 2,085.3 1,530.0 555.3 d)

Total Foundation $18,146.0 $13,546.2 $14,314.0 $46,006.1 $42,580.1 $3,426.0

Unbudgeted Projects
Corporate Website Replacement Project $0.0 $182.8 $180.5 $0.0 $0.0 $363.3 $0.0 $363.3 f)
Mitigated Offer VOM Cost Calculation 0.0 0.0 193.4 0.0 0.0 193.4 0.0 193.4
V&R Energy Systems Research 0.0 0.0 27.0 0.0 0.0 27.0 0.0 27.0

Total Unbudgeted Projects $0.0 $182.8 $400.9 $0.0 $0.0 $583.7 $0.0 $556.7

Total Capital Project Expense $3,106.3 $13,688.7 $24,092.5 $23,121.7 $16,647.6 $80,656.7 $79,636.1 $993.7

2015 ‐ 2017 Capital Project Forecast ($0,000)
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b) The Gas / Electric Harmonization project budget included a high‐level ROM estimate of $2,000 to be spent in 2015 . The project is currently under review,
and the forecast has been pushed to 2016 at a reduced cost estimate of $1,000.

a) The actual costs of the Pinnacle projects were less than the initial budget estimates, which were developed in fall of the 2013. Some contractors who were 
funded through the Pinnacle project budget also performed activities that were not categorized as development work (e.g. planning and staff augmentation). As 
such, the contractor charges incurred for those activities were included under operating expense and not included in the Pinnacle projects capital costs. The 
remaining Post‐Go‐Live costs are associated with the Enhanced Combined Cycle project, which is expected to come within budget of $6,708.

c) The timing of receipt/recording of IT equipment purchases (primarily storage equipment) causes a variance in the IT foundation budget, however these 
purchases were expected to be received in 2014 and  were included in the 2014 budget .

e) The initial project budget for Z2 Crediting Process was established in early 2012. Since 2012, there have been ongoing challenges in establishing common 
understanding of requirements and system functions. The current project cost forecast is based on the recently approved requirements and the decision to 
utilize a new vendor to complete the project. As a result, an impairment loss ($351) and additional expense to settle with the previous vendor ($200) were 
recognized as operating expense, resulting in total project cost of $1,577.

f) The total project cost for the corporate website replacement includes expense in 2014 for work that did not meet requirements. A new vendor was selected in 
2015 to complete the project.

Notes on Material Variances to Budget

d) The primary driver of the increase is related to additional costs anticipated in facilities, including repairs to the parking deck and emergency power system.

Page 7 of 9



$42.6 

$23.1 

$10.0 

$4.0 
$0.0 

$46.0 

$20.8 

$10.4 

$2.8 $0.6 
$0.0
$5.0

$10.0
$15.0
$20.0
$25.0
$30.0
$35.0
$40.0
$45.0
$50.0

Foundation Post Go-Live Carry-Forward 2015 New Unbudgeted

2015-2017 Total Project Budget vs. Forecast (millions)

Total Budget Total Forecast

$27.4 

$53.3 

Project-to-Date

Remaining Forecast

Project-to-Date vs. Remaining 
Forecast

$79.6
$80.7

Total Budget Total Forecast

Total Project
Budget vs. Forecast

Page 8 of 9



Current Month Actual vs. Budget  Full Year Forecast vs. Budget
Actual Budget Over/(Under) FY 2015 FY 2015 Over/(Under)

Jun-2015 Jun-2015 Budget Forecast Budget Budget

Officers 11 10 1 11 10 1
Accounting 10 10 0 11 10 1
Credit 4 4 0 4 4 0
Settlements 24 24 0 24 24 0

Administration 49 48 1 50 48 2

Corporate Services 27 29 (2) 28 29 (1)

Interregional Affairs 4 4 0 4 4 0
SPP Compliance 9 11 (2) 11 11 0
Project Management 13 13 0 14 13 1
Training 11 11 0 11 11 0
Customer Service 9 10 (1) 9 10 (1)
Process Management 3 3 0 3 3 0
Internal Audit 6 6 0 6 6 0

Process Integrity 55 58 (3) 58 58 0

Information Technology 140 146 (6) 145 146 (1)

Markets 7 7 0 7 7 0

Interregional Relations 3 3 0 3 3 0

Operations 154 160 (6) 159 160 (1)

Engineering 67 73 (6) 73 73 0

Regulatory Policy & General Counsel 38 40 (2) 40 40 0

Communications & Gov't Affairs 4 4 0 5 4 1

SPP Regional Entity 26 30 (4) 28 30 (2)

Vacancy Allowance 0 0 0 (18) 0 (18)

TOTAL HEADCOUNT 570 598 (28) 578 598 (20)
*

* The forecast includes a negative headcount adjustment of 18 positions to reflect an average vacancy of 4% as compared to the budgeted 
vacancy rate of 5%. As a result of removing two open positions in the RE, total positions in the forecast is 596 as compared to the budget of 598.

Southwest Power Pool
Headcount Analysis

June 30, 2015
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SPP Corporate Metrics Report - 2nd Quarter 2015 1

1 TCR/ARR Summary
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Financial Metrics
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Supplement - Regulatory Activity Update & Outlook

DISCLAIMER
The data and analysis in this report are provided for informational purposes only and shall not be considered or relied upon as market advice or market settlement data.    Southwest 
Power Pool (SPP) makes no representation or warranties of any kind, express or implied, with respect to the accuracy or adequacy of the information contained herein.

SPP shall have no liability to recipients of this information or third parties for the consequences arising from errors or discrepancies in this information, or for any claim, loss or damage of any kind or nature whatsoever arising out 
of or in connection with (i) the deficiency or inadequacy of this information for any purpose, whether or not known or disclosed to the authors, (ii) any error or discrepancy in this information, (iii) the use of this information, or
(iv) a loss of business or other consequential loss or damage whether or not resulting from any of the foregoing.

Performance

Southwest Power Pool 
Corporate Metrics
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1a. TCR Funding Summary
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1b. ARR Funding Summary
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2a. Congestion - TLR / CME Time
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Level 3A 248 149 160 187 239 288 224 446 366 389 289 153 210 110 96
Level 3B 13 4 9 3 11 14 24 22 11 34 16 15 18 6 7
Level 4 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0
Level 5A 46 35 34 104 5 49 76 20 128 141 87 27 9 5 39
Level 5B 1 3 9 11 1 5 11 3 5 4 4 2 4 0 5
Total TLR Time 308 191 212 305 256 356 335 491 510 568 396 197 241 121 147
CME Time 
(loading >90%)

1,930 1,890 3,075 2,565 3,703 3,710 2,672 3,589 3,141 3,172 2,216 1,798 1,826 1,979 2,291

CME Time (loading >
90%) (hrs)

2012 2013 2014 12 mo
369 306 270 250

23 17 16 15
9 4 1 -

110 84 69 58
5 5 6 5

517 415 362 327
2,276 2,351 2,705 2,722

Monthly Average in Hours
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2b. Congestion - Congested Intervals (RTBM)
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Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15

Uncongested 
Intervals

10% 26% 9% 17% 10% 14% 21% 7% 20% 24% 22% 30% 16% 27% 24%

Intervals with 
Binding Only

77% 62% 72% 70% 77% 73% 64% 72% 66% 67% 68% 52% 65% 56% 65%

Intervals with a 
Breach

13% 12% 19% 12% 13% 14% 14% 20% 14% 9% 10% 17% 20% 17% 11%

2012 2013 2014 12 mo

14.5% 14.6% 16.9% 19.3%

79.2% 78.6% 69.1% 66.2%

6.3% 6.8% 14.0% 14.3%

Average



2b. Congestion - Congested Intervals (DAMKT)
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Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15

Uncongested 
Intervals

1% 1% 1% 0% 4% 0% 0% 3% 2% 6% 1% 2% 2%

Intervals with 
Binding Only

98% 97% 98% 99% 95% 99% 99% 96% 97% 93% 99% 98% 97%

Intervals with a 
Breach

1% 2% 1% 1% 1% 1% 0% 1% 1% 1% 0% 0% 1%

2012 2013 2014 12 mo

1.9% 1.9%

97.2% 97.3%

0.9% 0.8%

Average



2c. Price Contour Map (July 2014-June 2015)

Day-Ahead Real-Time
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2d. Congestion - Flowgates (July 2014 - June 2015)
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# AECI flowgate
* SPP Market-to-Market flowgate
^ MISO Market-to-Market flowgate
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Flowgate Name Region Flowgate Location
OSGCANBUSDEA Texas Panhandle Osage Switch - Canyon East (115) ftlo Bushland - Deaf Smith (230)
WDWFPLTATNOW Western Oklahoma Woodward - FPL Switch (138) ftlo Tatonga - Northwest (345)
WDWFPLWDWTAT Western Oklahoma Woodward - FPL Switch (138) ftlo Woodward EHV - Tatonga (345)
SUNAMOTOLYOA Texas Panhandle Sundown - Amoco (230) ftlo Tolk - Yoakum (230)
NEORIVNEOBLC SE Kansas Neosho - Riverton (161) ftlo Neosho - Blackberry (345)
BRKXF2BRKXF1 SW Missouri Brookline Xfmr 2 (345/161) ftl Brookline Xfmr 1 (345/161)
FAIOSBSTJHAW # KC - Omaha Corridor Fairport - Osborn (161) ftlo St. Joe - Hawthorn (345), Alabama - Nashua (161)
SHAHAYKNOXFR Central Kansas South Hays - Hays (115) ftlo Knoll Xfmr (230/115)
IATSTRSTJHAW * KC - Omaha Corridor Iatan - Stranger Creek (345) ftlo  St. Joe - Hawthorn (345)
TUBDOBBENGRI ^ Entergy Tubular-Dobbins (138) ftlo Dobbin-Grimes (138)



# AECI flowgate
* SPP Market-to-Market flowgate
^ MISO Market-to-Market flowgate
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2d. Congestion - Flowgates (July 2014 - June 2015)
Tr

an
sm

is
si

on
 &

M
ar

ke
t I

nd
ic

at
or

s
Flowgate Name Region Flowgate Location Projects that may provide mitigation
OSGCANBUSDEA Texas 

Panhandle
Osage Switch - Canyon East (115) 
ftlo Bushland - Deaf Smith (230)

Canyon East Sub –Randall County Interchange 115 kV line (March 2018 –
Aggregate Studies)

WDWFPLTATNOW Western 
Oklahoma

Woodward - FPL Switch (138) ftlo 
Tatonga - Northwest (345)

1. Matthewson - Tatonga 345 kV Ckt 2 (March 2021 – ITP10)
2. Elk City - Red Hills 138 kV Ckt 1 Reconductor (June 2015, ITPNT)

WDWFPLWDWTAT Western 
Oklahoma

Woodward - FPL Switch (138) ftlo 
Woodward EHV - Tatonga (345)

Woodward – Tatonga ck2 345 kV (March 2021 - ITP10)

SUNAMOTOLYOA Texas 
Panhandle

Sundown - Amoco (230) ftlo Tolk -
Yoakum (230)

1. Tuco Interchange – Yoakum 345 kV Ckt 1 (June 2020 – HPILS)
2. Amoco - Sundown 230 kV Terminal Upgrades (April 2019 - 2015 ITP10)

NEORIVNEOBLC SE Kansas Neosho - Riverton (161) ftlo Neosho -
Blackberry (345)

No projects identified at time of report publication.

BRKXF2BRKXF1 SW Missouri Brookline Xfmr 2 (345/161) ftlo 
Brookline Xfmr 1 (345/161)

No projects identified at time of report publication.

FAIOSBSTJHAW # KC - Omaha 
Corridor

Fairport - Osborn (161) ftlo St. Joe -
Hawthorn (345), Alabama - Nashua
(161)

1. Sibley – Mullin Creek 345 kV (December 2016 – High Priority)
2. Iatan – Nashua 345kV (completed April 2015 - Balanced Portfolio)

SHAHAYKNOXFR Central Kansas South Hays - Hays (115) ftlo Knoll 
Xfmr (230/115)

Hays Plant - South Hays 115 kV Ckt 1 (June 2016 - ITPNT)

IATSTRSTJHAW * KC - Omaha 
Corridor

Iatan - Stranger Creek (345) ftlo St. 
Joe - Hawthorn (345)

Sibley – Mullin Creek 345 kV (December 2016 – High Priority)

TUBDOBBENGRI ^ Entergy Tubular-Dobbins (138) ftlo Dobbin-
Grimes (138)

No projects identified at time of report publication.



3a. Balancing Authority Report - CPS Performance

CPS1 (statistical measure of 1 minute average ACE vs. Frequency)

200%
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CPS2 (10 minute average of ACE performance)
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SPP BA is not subject to CPS, but is subject to BAAL. CPS is reported here for informational purposes only.
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3b. Balancing Authority Report - BAAL Performance
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Event Length Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15
>10 and <=20 min 1 0 2 0 0 0 0 0 1 1 0 0 0
>20 and <=30 min 0 0 0 0 0 0 0 0 0 0 0 0 0
>30 min 0 0 0 0 0 0 0 0 0 0 0 0 0



4a. Price and Volatility (Day-Ahead) - July 2014-June 2015
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4b. Price and Volatility (Real-Time) - July 2014-June 2015
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4c. Electricity/Gas Cost Comparison
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Average in $ Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15

DA LMP
($/MWh)

35.70 35.58 31.25 31.78 32.92 29.32 30.25 29.15 27.83 25.15 24.22 21.96 21.60 22.84 24.76

RT LMP
($/MWh)

29.60 35.88 26.78 29.93 32.01 28.72 29.10 26.71 27.65 23.84 24.12 20.46 20.66 21.73 24.20

PEPL Gas
Cost ($/MMBtu)

4.44 4.37 4.34 3.88 3.77 3.75 3.62 3.90 3.34 2.81 2.56 2.50 2.29 2.58 2.54

Jun  Jul 13 Aug   Sep   Oct   Nov   Dec Jan Feb Mar    Apr   May Jun  Jul 14 Aug   Sep   Oct Nov Dec Jan Feb   Mar    Apr   May   Jun
13 13 13 13 13 13 14 14 14 14 14 14 14 14 14 14 14 15 15 15 15 15 15



5a. Revenue Neutrality Uplift

Revenue Neutrality Uplift (RNU) ensures settlement payments/receipts for each 
settlement interval equal zero.

• Positive RNU - SPP receives insufficient revenue and collects from market participants.
• Negative RNU - SPP receives excess revenue, which must be credited back

to market participants.
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in thousands $ Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15 2012 2013 2014 12 mo

Total Uplift 751 2,140 4,730 -93 -478 2,050 2,805 2,245 2,009 3,470 279 -2,790 4,384 2,013 2,570 -7,463 -7,553 11,906 18,464

Total



5a. Revenue Neutrality Uplift
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* This table is based on the latest available settlements data and is subject to change due to resettlement.
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in thousands $ Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15

DA Revenue Inadequacy 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0

RT Revenue Inadequacy 85 19 54 111 49 110 88 132 68 73 47 174 73 25 39

RT OOME MWP 91 94 170 83 22 39 7 158 4 3 3 3 33 13 41

RT Regulation Deployment Adj 131 -21 219 161 143 38 78 18 122 -20 -72 -127 -51 44 49

RT JOA Adj 0 0 0 0 0 0 0 0 0 0 0 -4,337 -1,792 -1,660 226

RT Congestion Adj 1,455 2,507 4,367 -179 -352 2,771 2,036 1,673 1,181 3,458 282 1,149 5,304 3,039 1,539

SUBTOTAL 1,763 2,598 4,810 176 -137 2,958 2,209 1,981 1,375 3,514 260 -3,138 3,567 1,461 1,894

Less RT Net Inadvertent Adj 1,078 504 196 268 426 907 -596 -264 -632 44 -23 -348 -817 -552 -675

TOTAL RNU 684 2,094 4,614 -93 -563 2,051 2,805 2,245 2,007 3,470 283 -2,790 4,384 2,013 2,569



5b. Make Whole Payments
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6. SPP Admin Fee Performance
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Note: Budgeted 2015 figures cover the entire 2015 calendar year, while
actual 2015 figures cover the period through the date of this report.
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2007 2008 2009 2010 2011 2012 2013 2014 2015

Budgeted Net Revenue Required ($000s) $ 52,819 $ 61,462 $ 56,478 $ 68,358 $ 78,368 $ 89,560 $ 121,800 $ 132,600 $ 141,208

Budgeted Load (000's) 288,649 312,496 331,324 333,458 343,000 353,453 360,915 348,178 363,500
Budgeted NRR / Budget Load $ 0.183 $ 0.197 $ 0.170 $ 0.205 $ 0.228 $ 0.253 $ 0.337 $ 0.381 $ 0.389

Approved Admin Fee 0.190 0.190 0.170 0.195 0.210 0.255 0.315 0.381 0.390

Actual Net Revenue Required ($000's) $47,998 $58,081 $59,837 $63,497 $80,841 $84,776 $123,336 $136,959 $143,580

Actual Load (000's) 301,098 296,135 328,175 331,610 341,438 361,686 357,535 350,976 372,176
Actual NRR / Actual Load $ 0.159 $ 0.196 $ 0.182 $ 0.191 $ 0.237 $ 0.234 $ 0.345 $ 0.390 $ 0.386

Actual Load Growth 5.12% -1.65% 10.82% 1.05% 2.96% 5.93% -1.15% -1.83% 6.04%
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7. Budget Performance Monitor

Operating Expense Variance
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in thousands $ Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15
Budgeted Operating Expense 16,557 16,425 16,471 17,051 16,311 16,309 16,526 16,359 16,795 17,206 16,846 16,981

Actual Operating Expense 15,911 16,264 16,048 15,593 15,024 15,317 15,171 15,800 16,560 17,086 15,874 15,403

Monthly Variance:
Over Budget / (Under Budget)

(646) (161) (423) (1,458) (1,287) (992) (1,355) (559) (235) (120) (972) (1,578)

12 month Cumulative Variance: 
Over Budget / (Under Budget)

(646) (807) (1,230) (2,688) (3,975) (4,967) (6,322) (6,881) (7,116) (7,236) (8,208) (9,786)



8. Financial Settlement Index
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in thousands Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15
Late Transmission 
Payments

$0 $291 $134 $58 $778 $540 $33 $948 $1,613 $64 $0 $579

Total Transmission 
Payments

$36,931 $39,386 $34,483 $40,826 $37,780 $24,312 $35,089 $36,626 $35,488 $41,098 $39,967 $28,523

% Late Payments 0% 1% 0% 0% 2% 2% 0% 3% 5% 0% 0% 2%

12 mo

$5,038

$430,509

1.2%

in thousands Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15
Late Market 
Payments

$266 $36 $ - $56 $44 $201 $186 $11 $197 $38 $88 $200

Total Market 
Payments

$89,390 $64,544 $64,172 $75,855 $45,666 $49,069 $65,577 $41,049 $106,625 $64,205 $51,558 $12,662

% Late Payments 0% 0% 0% 0% 0% 0% 0% 0% 0% 0% 0% 2%

12 mo

$1,323

$730,372

0.2%

in thousands Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15
Transmission Short 
Pays

$ - $ - $ - $ - $ - $ - $ - $ - $ - $ - $ - $ -

Market Short Pays $ - $ - $ - $22 $ - $ - $24 $ - $ - $0 $ - $ -

12 mo

$0

$46



9a. Financial Disputes Index - $ Integrated Marketplace

*

* Annual maximum
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(Figures in
$000's)

Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15

Total Disputes $300.0 $17.0 $55.5 $7.8 $167.3 $3.1 $326.1 $26.3 $16.1 $1.9 $6.6 $34.7 $0.9 $42.8 $7.5

Avg. Dispute 
Size

$75.0 $3.4 $6.9 $1.9 $18.6 $0.4 $40.8 $5.3 $5.4 $0.1 $0.9 $8.7 $0.3 $8.6 $0.8

Largest single 
dispute

$127.5 $8.4 $49.4 $7.1 $96.6 $1.2 $149.2 $16.2 $11.0 $1.0 $2.2 $32.6 $0.9 $25.8 $3.0

2014 2015 12 mo

$100.0 $15.7 $53.4

$18.5 $3.2 $7.6

$149.2 $32.6 $149.2

Average



9b. Financial Disputes Index - Integrated Marketplace
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(Figures in $000's) Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15

# New Disputes 21 33 27 13 13 16 14 16 10 22 13 11 11 15 31
# Resettlements - - 15 31 50 62 80 90 70 102 56 62 16 5 47
Avg Days Outstanding 7 7 2 2 13 6 7 2 9 7 11 5 19 16 24

2014 2015 12
mo

19 17 31
40 48 56

6 14 10
Monthly Average



10a. Employee Turnover - monthly

Employee Turnover (monthly)
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Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15

Voluntary TO Rate 0.5% 0.7% 0.7% 0.2% 0.5% 0.4% 0.7% 0.0% 0.4% 0.2% 0.3% 0.9% 0.2% 0.7% 0.5%
Involuntary TO Rate 0.0% 0.2% 0.0% 0.0% 0.4% 0.2% 0.0% 0.2% 0.0% 0.0% 0.2% 0.3% 0.2% 0.2% 0.0%
Total Turnover (#
of employees)

3 5 4 1 5 3 4 1 2 1 3 7 2 5 3

Permanent 
Employees

573 571 571 571 569 569 566 568 570 570 576 573 568 569 569

Apr 14 May 14 Jun 14 Jul 14 Aug 14 Sep 14 Oct 14 Nov 14 Dec 14 Jan 15 Feb 15 Mar 15 Apr 15 May 15 Jun 15
Rolling 12-month 
Turnover Rate

5.2% 5.9% 6.3% 5.9% 6.1% 5.8% 5.8% 5.4% 5.4% 5.4% 6.0% 6.8% 6.7% 6.7% 6.5%



Note 1: Total Turnover only includes voluntary and involuntary separations; retirements and interns are not used in the calculation.

Note 2: Turnover Ratio is annualized for the current year.
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10b. Employee Turnover - annual

Annual Turnover Ratio and Employee Count
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1998 1999 2000 2001 2002 2003 2004 2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015

Total Turnover 3 1 7 7 10 8 8 8 14 21 30 13 21 20 28 33 31 21
Total Employees 39 45 73 110 110 116 131 169 245 295 345 423 449 514 558 569 570 571
Turnover Ratio 7.7% 2.2% 9.6% 6.4% 9.1% 6.9% 6.1% 4.7% 5.7% 7.1% 8.7% 3.1% 4.7% 3.9% 5.0% 5.8% 5.4% 7.4%



11. SPP Regional Entity Compliance
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2010 2011 2012 2013 2014 2015

Starting Caseload 154 268 245 178 195 134
New Violations 254 239 173 191 126 35
Processed by SPP RE 117 187 197 134 143 30

Dismissed by SPP RE 23 75 43 40 44 6

Ending Caseload 268 245 178 195 134 133
Cumulative Violations 448 687 860 1,051 1,177 1,212



12. IT System Performance
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13a. Studies - Aggregate - MW
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MW
Completed 2Q 14 3Q 14 4Q 14 1Q 15 2Q 15
2012-AG2 313
2012-AG3 366
2013-AG1 688
2013-AG2 13,842
2013-AG3 1,797
2014-AG1 3,990

TOTAL 313 1,054 - 13,842 5,787

MW
In Progress 2Q 14 3Q 14 4Q 14 1Q 15 2Q 15
2012-AG1
2012-AG2
2012-AG3 3,581
2013-AG1 1,483
2013-AG2 14,557 14,024 14,024
2013-AG3 2,309 2,309 1,885
2014-AG1 5,853 5,160 4,958
2015-AG1 3,373

TOTAL 20,416 23,971 22,186 21,493 3,373
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$ (in millions)
Completed 2Q 14 3Q 14 4Q 14 1Q 15 2Q 15
2012-AG2 $ -
2012-AG3 $ 23.54
2013-AG1 $ 0.06
2013-AG2 $ 0.14
2013-AG3 $ 9.49
2014-AG1 $ 16.12

TOTAL $ - $ 23.60 $ - $ 0.14 $ 25.60

$ (in millions)
In Progress 2Q 14 3Q 14 4Q 14 1Q 15 2Q 15
2012-AG1
2012-AG2
2012-AG3 $   105.14
2013-AG1 $ 31.60
2013-AG2 $   174.98 $ 0.40 $ 0.14
2013-AG3 $ 4.72 $ 0.46 $ 9.39
2014-AG1 $ 25.70 $ 11.85 $ 52.43
2015-AG1 $ 18.17

TOTAL $   379.62 $   311.72 $ 30.82 $ 12.45 $ 18.17
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MW
In Progress 2Q 14 3Q 14 4Q 14 1Q 15 2Q 15

DISIS-2010-002 70

DISIS-2011-001 401 200 200 200 200

DISIS-2011-002 53

DISIS-2012-001 230

DISIS-2012-002 609 180 180 180

DISIS-2013-001 1,241 284 284 284

DISIS-2013-002 2,213 1,490 1,490 1,490

DISIS-2014-001 2,217 641 641 641 426

DISIS-2014-002 7,055 5,922 3,482 2,401

DISIS-2015-001 1,317 5,205

PISIS-2014-001 213

PISIS-2014-002 1,403 1,156 1,156

PISIS-2015-001 300

FCS-2014-001 472

FCS-2014-002 1,858

FCS-2014-004 500 450

FCS-2015-001 400

FCS-2015-002 172
Pending Withdrawal

TOTAL 9,577 11,753 10,322 9,150 8,704
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MW Capacity
IA Fully Executed / On Suspension 2,383.5
IA Fully Executed / On Schedule 7,315.5
Total Scheduled or Suspended Generation 9,699.0
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Metrics Definitions

Transmission and Market Indicators
Two groups of metrics will be monitored to provide an overall health indication of the regional transmission system and market.

• Reliability Performance Indicators, which focus on the actual operations of the transmission system and whether or not it was operated within 
expected limits and standards.

• Market Performance Indicators, which focus on the performance of the market in terms of overall volume, prices and level of participation.

Reliability Performance Indicators
This sub-group of metrics is designed to measure the operations of the transmission system from a reliability perspective.

• How well-funded are Transmission Congestion Rights (TCR). (see TCR/ARR Summary)
• How much time was congested during the period. (see Congestion)
• Was the system operated in compliance with the relevant control performance standards? (see Regional Control Performance)

1. TCR/ARR Summary TCR/ARR funding is derived as follows:
1. Day-ahead revenue is collected daily
2. TCR holders are paid daily based on awarded TCR MW and Day-ahead clearing prices

a. Uplift is charged daily
b. Surpluses are redistributed Monthly and Annually

3. TCR revenue is collected daily based on TCR MW and TCR ACPs (consistent through 
month/season)

4. ARR holders are paid daily based on ARR MW and TCR ACPs (consistent 
through month/season)

a. Uplift is charged daily
b. Surpluses are redistributed Monthly and Annually

2. Congestion 2a. TLR / CME Time
TLR Events by level (in hours)

Level 3 - curtailment of non-firm schedules and non-firm market flow
• Level 4 – curtailment of all non-firm schedules and non-firm market flow (additional

reconfiguration of transmission allowed)
Level 5 - curtailment of all non-firm and some firm schedules and market flow

• CME (Congestion Management Events) where loading is greater than 90% (in hours)
2b. Congested Intervals

Percent of intervals binding (flow = System Operating Limit [SOL]), breached (flow > SOL) and
• congested (either binding or breached) during the month. Charts are included for both the Day-Ahead 

Market (DAMKT) and the Real-Time Balancing Market (RTBM).
2c. Price Contour Map

• Graphic representation of average monthly prices by load area in both the Day-Ahead Market and 
Real-Time Balancing Market since the start of the Integrated Marketplace.

2d. Congestion – Flowgates
• Congestion by flowgate ranked by average hourly shadow price in the RTBM for the last 12 months. 

DA values are also included.
• Table is included to show top ten most congested flowgates and any potential projects which may 

provide mitigation to the congestion.
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3. Regional Control Performance The SPP BA is not subject to CPS, but is subject to BAAL. CPS is reported here for informational purposes 
only. Measures the aggregate performance to the NERC CPS (Control Performance Standards) for
SPP. This indicator is set based on the NERC real time control performance standards (known as BAL-001
– Real Power Balancing Control Performance and BAL-002 – Disturbance Control Performance).

• CPS1 requires compliance for 100% of the periods measured within the month; and CPS2 requires 
compliance for 90% of the periods measured within the month.
BAAL - each Balancing Authority shall operate such that its clock-minute average of reporting

• ACE does not exceed for more than 30 consecutive clock-minutes its clock-minute 
Balancing Authority ACE Limit (BAAL)

Market Performance Indicators
This sub-group of indicators provides a view of the effectiveness of the market in the context of answering the following questions:

• What was the average wholesale price paid in the region and what was its volatility? (see Price)

• How much Revenue Neutrality Uplift was generated during the month? (see Uplift)

• What was the level of available generation offered to the market and EIS related energy sales in the month? (see Market Liquidity)

4. Price Shows the prices and volatility for both the DAMKT and RTBM for each market participant with load 
within the footprint. Also provides an SPP-wide average price for the period reported. Volatility

• (measured as the coefficient of variation, which is average divided by the standard deviation) is
shown for each market participant as well as SPP as a whole. A higher volatility indicates more
variability in prices.

• SPP-wide monthly average LMP and the Gas Cost at the Panhandle Eastern Pipeline hub along 
with12-month rolling averages.

5. Uplift Tracks amount of RNU (Revenue Neutrality Uplift) charged or credited to market participants during the 
month, along with the category of uplift. RNU ensures settlement payments/receipts for each settlement 
interval equal zero.

• Positive RNU - SPP receives insufficent revenue and collects from market participants.

• Negative RNU - SPP receives excess revenue, which must be credited back to market participants.
Tracks Make Whole Payments (MWP) for both the Day-Ahead Market and the RUC (Real-Time) with 
payments broken down by Fuel Type of the generation receiving the MWP.
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Financial Metrics

This group of metrics provides a view of the organization’s overall financial situation in terms of both the operating costs and settlement functions carried out.

6. SPP Admin Fee Performance Measures actual costs incurred by SPP on an annual basis and compares this to the approved Admin Fee 
and Budgeted Net Revenue Requirement (NRR).

7. Budget Performance Monitor Measures the total actual operating expenses against the total budgeted operating expenses across the 
organization.

8. Financial Settlement Index Metric measures the timeliness of the financial settlements for both transmission billing and market billing 
and provides a proxy for the strength of the organization’s cash flow.

9. Financial Disputes Index Measures the number and value of disputes made with regard to the financial settlements of the markets. 
The objective in this area is twofold: (1) minimize the time to clear disputes; and (2) minimize the total value 
of dollars in dispute. Figures are included for both the EIS Market and the Integrated Marketplace.

• The dollar amount for total disputes, the average dispute size and the largest single dispute is 
tracked.

• The number of disputes active during the month, as well as the average days outstanding for those 
disputes is calculated. In addition, the number of resettlements during the month is tracked.

10. Employee Turnover Measures both involuntary and voluntary turnover rates, along with number of employees in the organization. 
Monthly turnover is charted on a rolling 12 month basis, while annual turnover ratio and number of employees
is provided for historical purposes.

A turnover rate is calculated each month by dividing the total turnover for the month by the total
• employee count at month-end. This monthly rate is then aggregated for the previous 12 months 

giving a 12-month turnover rate. In order to observe the trend, this 12-month turnover rate is 
calculated on a rolling basis for the last 25 months.

• An annual turnover rate and the number of employees at year-end are both tracked for historical 
purposes.
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Performance Metrics

The metrics in this group focus on NERC Compliance, IT System Availability and Engineering Studies.

11. SPP RE Compliance Measures SPP Regional Entity compliance of all NERC standards. Metrics track the active caseload, as well 
as new possible violations and the disposition of reported violations.

12. IT System Availability Measures availability of SPP IT Systems.

13. Studies Tracks status of Aggregate Studies and Generation Interconnection Studies by MW and upgrade costs 
(Aggregate Studies only).
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SPP Tariff/Governing Document Revisions
Docket Number Short Description Summary
ER12-1179 Submission of Tariff Revisions 

to Implement SPP Integrated 
Marketplace

On June 1, 2015, SPP submitted its 15 Month Informational Report on the Integrated Marketplace.

On  June 1, 2015, SPP submitted  its compliance filing regarding the bid  limit for the Transmission 
Congestion Right auction.

On June 30, 2015, FERC issued an order accepting SPP's compliance filing submitted on June 1, 2015, 
regarding the bid limit for the Transmission Congestion Right auction.

ER13-366

and 

ER13-367

14-1281
(U.S. Court of Appeals)

15-1157
(U.S. Court of Appeals)

Submission of Tariff Revisions 
to Comply with Order No. 1000 
Regional Planning and Cost 
Allocation Requirements

Submission of Revisions to its 
Membership Agreement to 
Comply with Order No. 1000

Oklahoma Gas and Electric 
Company ("OG&E") v. Federal 
Energy Regulatory Commission 
("FERC") Concerning Orders 
Issued in Docket Nos. ER13-366 
and ER13-367 Regarding SPP's 
Order No. 1000 Regional 
Compliance Filings

LSP Transmission Holdings, 
LLC and LS Power 
Transmission, LLC v. Federal 
Energy Regulatory Commission 
("FERC")

On April 16, 2015, FERC issued an Order on Rehearing and Compliance Filing. FERC denied LS Power 
Transmission, LLC and LSP Transmission Holdings, LLC request for rehearing of the order issued on 
October 16, 2014. The Commission conditionally accepted SPP's December 15, 2014 Compliance Filing, 
effective March 30, 2014, subject to a further compliance filing. The revisions removing provisions to 
incorporate Service Upgrades into SPP's competitive bidding process were accepted, effective January 1, 
2015.

On May 18, 2015, SPP submitted its compliance filing in response to the order issued on April 16, 2015.

On May 22, 2015, the U.S. Court of Appeals issued an order setting the briefing format and schedule in 
Case No. 14-1281.

On June 1, 2015, LS Power Transmission, LLC and LSP Transmission Holdings, LLC filed a Petition for 
Review before the U.S. Court of Appeals in Case No. 15-1157 concerning the orders issued on July 18, 
2013, October 16, 2014, and April 16, 2015 in FERC Docket Nos. ER13-366 and ER13-367.

On June 8, 2015, LS Power Transmission, LLC and LSP Transmission Holdings, LLC filed a Protest in 
response to SPP's May 18, 2015 compliance filing. The parties stated that SPP's proposal is overly broad 
and vague and should be rejected.

On June 25, 2015, SPP filed an answer in response to the protest filed by LS Power Transmission, LLC 
and LSP Transmission Holdings, LLC filed on June 8, 2015. SPP stated: 1) its proposed tariff revisions 
comply with the Third Compliance Order and Order No. 1000; and 2) the protest constitutes a collateral 
attack on Order No. 1000 and the SPP Compliance Orders.

ER13-1939 Submission of Tariff Revisions 
to Comply with Order No. 1000 
Interregional Coordination and 
Cost Allocation Requirements

On May 18, 2015, SPP submitted revisions to its Tariff to comply with the order issued on March 19,
2015 regarding SPP's seam with the Southeastern Regional Transmission Planning ("SERTP") region.
An effective date of January 1, 2015 was requested.
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SPP Tariff/Governing Document Revisions
Docket Number Short Description Summary
ER14-781 Submission of Tariff Revisions 

to Modify the Generator 
Interconnection Procedures

On June 18, 2015, FERC issued an order denying the requests for clarification and/or rehearing of the 
June 13, 2014 order and conditionally accepting SPP's July 14, 2014 compliance filing.

The Commission directed SPP to revise its Tariff in both section 8.9 of the Generator Interconnection 
Procedures and Article 11.6 of the Generator Interconnection Agreement (GIA) and Interim GIA to state 
that SPP will calculate interest from the date of collection until the date refunds are made.

SPP's compliance filing is due on July 20, 2015.
ER14-2553 Order No. 681 Compliance 

Filing to Implement Long-Term 
Congestion Rights ("LTCRs")

On January 30, 2015, SPP submitted tariff revisions in compliance with the October 28, 2014 Order and 
Order No. 681.

FERC action is pending.

ER14-2850

and

ER14-2851

Submission of Tariff Revisions 
to Facilitate the Integration of 
Western Area Power 
Administration - Upper Great 
Plains Region ("Western-UGP"), 
Basin Electric Power 
Cooperative ("Basin Electric"), 
and Heartland Consumers Power 
District ("Heartland") 
(collectively the "IS Parties"), 
which Jointly Own and Operate 
the Integrated System, into the 
SPP Regional Transmission 
Organization ("RTO")

Submission of Bylaws and 
Membership Agreement 
("Governing Documents") 
Revisions  to Facilitate the 
Integration of Western Area 
Power Administration - Upper 
Great Plains Region ("Western-
UGP"), Basin Electric Power 
Cooperative ("Basin Electric"),

On April 20, 2015, FERC issued an order accepting SPP's compliance filing submitted on December 10, 
2014. Effective dates of October 1, 2015 for the tariff revisions, and November 10, 2014 for the 
Amendments to the Membership Agreement were granted.

Settlement proceedings are ongoing.
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SPP Tariff/Governing Document Revisions

Docket Number Short Description Summary
and Heartland Consumers Power 
District ("Heartland") 
(collectively the "IS Parties"), 
which Jointly Own and Operate 
the Integrated System, into the 
SPP Regional Transmission 
Organization ("RTO")

ER15-492 Petition for Waiver of Tariff On April 20, 2015, FERC issued an order granting SPP a limited waiver of the provisions in Attachment 
Provisions in Attachment O to O of the Tariff to enable SPP to modify the study schedule for its ITP process. SPP requested that, for the 
enable SPP to Modify the Study three year planning cycle commencing in January 2015, the Commission waive the requirement to 
Schedule for the Integrated perform the ITP-20 and the timing requirements for the ITP-10.
Transmission Planning ("ITP")
Process An effective date of January 1, 2015 was granted.

ER15-509 Submission of Tariff Revisions On June 11, 2015, FERC issued an Order on Rehearing and Compliance. 
to Refine Processes Related to
SPP's Order No. 1000 The Commission denied SPP's request for clarification that an affiliate of a Designated Transmission 
Competitive Transmission Owner that wishes to be assigned a Notification to Construct does not need to follow the timeframes for 
Owner Selection Process the annual qualification and re-certification process outlined in the Tariff. The Commission also denied

SPP's alternative request for rehearing of the requirement that an affiliate of a Designated Transmission
Owner must become qualified using the same qualification process and criteria that any other potential 
bidder must follow to become qualified.

The Commission clarified that the January 23, 2015 Order does not find that all novations are prohibited 
by the Tariff. Rather, the Commission's findings in the January 23 Order address only the proposal that 
was before it, which was the proposal to provide a Designated Transmission Owner the ability to assign a 
Notification to Construct to a qualified affiliate.

The Commission accepted SPP's February 23, 2015 Compliance Filing, effective January 26, 2015.
ER15-763 Submission of Tariff Revisions On April 29, 2015, SPP submitted a compliance filing to include the explanation of the formulae in 

to Modify Allocation of Over- Sections 8.6.16.2(a) and 8.6.16.2(b) of Attachment AE of the Tariff.
Collected Losses

On June 29, 2015, FERC issued an order accepting SPP's April 29, 2015 Compliance Filing.

This order constitutes final agency action.
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SPP Tariff/Governing Document Revisions
Docket Number Short Description Summary
ER15-788 Submission of Tariff Revisions 

Regarding Thresholds for 
Uneconomic Production 
Investigation

On April 13, 2015, SPP submitted its response to the Commission's request for additional information 
issued on February 27, 2015.

On June 12, 2015, FERC issued an order rejecting the tariff revisions necessary to modify the process by
which the SPP Market Monitoring Unit identifies market power abuse involving uneconomic production
from a generator.

ER15-990 Petition for Wavier of Tariff 
Provisions Regarding the 
Establishment of Certain 
Resource Hubs in SPP's 
Integrated Marketplace

On May 14, 2015, FERC issued an order granting SPP's waiver request that the Commission waive 
Section 3.1.1 of Attachment AE of SPP's Tariff to allow SPP to recognize the existing hubs described to 
permit implementation of the new Resource Hub proposed by Xcel Energy Services Inc.

ER15-1139 Submission of Tariff Revisions 
to Section III.D of Attachment J 
to Add Potential Remedies that 
SPP Could Recommend as Part 
of the Regional Cost Allocation 
Review ("RCAR") Process

On April 30, 2015, FERC issued an order rejecting SPP's tariff revisions to add potential remedies to 
Section III.D of Attachment J that SPP could recommend as part of its RCAR process.

ER15-1152 Submission of Tariff Revisions 
Regarding a Transitional Process 
for Allocation of Auction 
Revenue Rights ("ARRs")

On May 1, 2015, FERC issued an order conditionally accepting SPP's tariff revisions to implement a 
transitional process for allocation of ARRs to Transmission Owners in the process of joining SPP as 
Market Participants. The Commission directed SPP to submit a compliance filing revising the Tariff to 
allow an entity who joins SPP as a Transmission Owner at such a time that is prevented from participating 
in the annual ARR allocation, to request a Transitional ARR Allocation, regardless of whether the entity is 
a new or existing Market Participant. An effective date of May 1, 2015 was granted.

On June 1, 2015, SPP submitted its compliance filing in response to the order issued on May 1, 2015.

On July 1, 2015, FERC issued an order accepting SPP's June 1, 2015 filing revising the Tariff in 
compliance with the order issued on May 1, 2015. An effective date of May 1, 2015 was granted.

This order constitutes final agency action.

ER15-1293 Submission of Tariff Revisions 
Regarding Multi-Day Reliability 
Commitment in Conservative 
Operations (Revising 
Attachment AE Sections 4.5.2 
and 4.5.3)

On May 14, 2015, FERC issued a letter requesting additional information in order to process the filing.

On June 15, 2015, SPP submitted its response to the Commission's request for additional information 
issued on May 14, 2015.
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SPP Tariff/Governing Document Revisions
Docket Number Short Description Summary
ER15-1340 Submission of Tariff Revisions to

Clarify Certification as a 
Regulation Qualified Resource in 
the Integrated Marketplace

On May 6, 2015, FERC issued an order accepting the tariff revisions to include terms and conditions in 
Attachment AE in order to provide the means for a generation resource that is not currently registered in 
the Integrated Marketplace, as in the process of registration, to either self-certify as a Regulation Qualified 
Resource, Regulation-Up Qualified Resource, or Regulation-Down Qualified Resource approved for 
dispatch within the Integrated Marketplace or request SPP to administer testing as an alternative to self-
testing. An effective date of May 19, 2015 was granted.

This order constitutes final agency action.
ER15-1414 Submission of Tariff Revisions 

to Modify the Aggregate 
Transmission Service Study 
("ATSS") Process

On May 19, 2015, FERC issued an order accepting SPP's tariff revisions to modify the ATSS Process. An 
effective date of June 1, 2015 was granted.

This order constitutes final agency action.

ER15-1666 Order No. 1000 Interregional 
Compliance Filing with Regards 
to the Mid-Continent Area 
Power Pool ("MAPP") Planning 
Region and its Sole Public 
Utility, NorthWestern 
Corporation ("NorthWestern")

On May 4, 2015, SPP submitted its compliance filing specifying SPP's proposal to comply with the 
interregional planning and cost allocation requirements of Order No. 1000 with regards to the MAPP 
planning region and its sole public utility, NorthWestern Corporation. An effective date of October 1, 
2015 was requested.

ER15-1918 Submission of Tariff Revisions 
to Clarify and Modify 
Transmission Owner Selection 
Process Provisions

On June 15, 2015, SPP filed tariff revisions to modify the demonstration of financial strength that 
participants in its Transmission Owner Selection Process must show, resolve ambiguity regarding the 
calculation and recovery of Transmission Owner Selection Process costs, and clarify what information the 
Industry Expert Panel may rely upon in scoring and ranking Request for Proposals. An effective date of 
August 15, 2015 was requested.

On July 6, 2015, Ameren Services Company filed a Motion to Intervene and Comments. Ameren stated it 
supports the tariff revisions proposed by SPP that provide clarity to the Transmission Owner Selection 
Process and to the implementation of the Transmission Owner Selection Process. However, Ameren stated
that SPP's request to charge Request for Proposal respondents $2000 for each bid submitted in accordance
with the Transmission Owner Selection Process to recover undefined general costs not directly traceable to
a specific Competitive Upgrade solicitation should be rejected.

ER15-1924 Revisions to Bylaws to Expand 
the Board of Directors

On June 16, 2015, SPP submitted revisions to the SPP Bylaws to expand its Board of Directors by up to 
three additional seats and to incorporate corresponding modifications to certain quorum and voting 
requirements. An effective date of August 15, 2015 was requested.
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Other Filings of Interest
Docket Number Short Description Summary
EL11-34

12-1158
(U.S. Court of Appeals)

EL14-21

ER14-1174

EL14-30

Midcontinent Independent 
System Operator, Inc. ("MISO”) 
Petition for Declaratory Order 
Seeking Commission 
Confirmation Regarding Section
5.2 of the Joint Operating 
Agreement ("JOA") between 
MISO and SPP

Southwest Power Pool, Inc. v. 
Federal Energy Regulatory 
Commission (“FERC”)

SPP Complaint for an Order 
Finding the Midcontinent 
Independent System Operator, 
Inc. ("MISO") is Violating the 
Joint Operating Agreement 
("JOA") between SPP and MISO 
and the SPP Tariff and Requiring 
MISO to Compensate SPP for 
Use of SPP's Transmission 
System (“SPP Complaint”)

Unexecuted Firm Point-To-Point 
Transmission Service Agreement 
between SPP as Transmission 
Provider and Midcontinent 
Independent System Operator, 
Inc. ("MISO") as Transmission 
Customer (“Service Agreement 
Filing”)

Midcontinent Independent 
System Operator, Inc. ("MISO") 
Complaint Regarding 
Transmission Service Invoices

Settlement proceedings are ongoing.
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Other Filings of Interest
Docket Number Short Description Summary

from SPP (“MISO Complaint”)

ER13-1864 Joint Operating Agreement 
("JOA") between SPP and the 
Midcontinent Independent 
System Operator, Inc. ("MISO") 
to Include Market-to-Market 
("M2M") Terms and Conditions 
(SPP Rate Schedule FERC No. 
9)

On April 9, 2015, FERC issued an order accepting the compliance filing revising SPP's JOA with MISO 
pursuant to the January 22, 2015 order on M2M coordination. An effective date of March 1, 2015 was 
granted.

On April 24, 2015, SPP submitted revisions to the JOA between SPP and MISO to revise Attachment 2, 
Section 8.1.2 in compliance with the order issued on January 22, 2015.  An effective date of March 1, 
2015 was requested.

On May 14, 2015, MISO filed Comments in response to SPP's compliance filing submitted on April 24, 
2015. MISO stated it generally supports the revisions and agrees that the proposed language reduces the 
ambiguity issues with current Section 8.1.2 of Attachment 2 of the SPP-MISO JOA and more clearly 
defines the parties' obligations for M2M resettlement. MISO stated that while it supports the revisions to 
Section 8.1.2, the Commission must be aware that the potential still exists for future disputes over 
uneconomic production.

ER13-1937 Joint Operating Agreement 
("JOA") between SPP and the 
Midcontinent Independent 
System Operator, Inc. ("MISO") 
to Comply with Interregional 
Requirements of Order No. 1000 
(SPP Rate Schedule FERC No. 
9)

On April 17, 2015, FERC issued an order granting a 120-day extension of time to and including August 
18, 2015, for SPP and MISO to comply with the February 19, 2015 Order.
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State Cases
Docket Number Short Description Summary
Arkansas 
13-041-U

In the Matter of the Application 
of Southwestern Electric Power 
Company ("SWEPCO") for a 
Certificate of Environmental 
Compatibility and Public Need 
("CECPN") for the Construction, 
Ownership, Operation and 
Maintenance of the Proposed 
345 kV Transmission Line 
Between the Shipe Road Station 
and the Proposed Kings River 
Station and Associated Facilities 
to be Located in Benton, Carroll 
and/or Madison and Washington 
Counties, Arkansas

On April 24, 2015, SWEPCO filed a Motion for Limited Rehearing of Order No. 37. 

On April 24, 2015, Save the Ozarks filed a Petition for Rehearing of Order No. 37.

On May 4, 2015, SWEPCO filed its Response to Save the Ozarks' Petition for Rehearing.

On May 4, 2015, SPP filed its Response to SWEPCO's Motion for Limited Rehearing and to Save the
Ozarks' Petition for Rehearing of Commission Order 37.

On May 20, 2015, the APSC issued Order No. 38, denying Save the Ozarks' Petition for Rehearing,
granting SWEPCO's Motion filed on April 24, 2015, and granting SPP's requested relief in its Response
filed on May 4, 2015. Save the Ozarks' Surreply filed on March 17, 2015 was stricken from the record.

Kansas
15-WSEE-365-MIS

In the Matter of the Application 
of Westar Energy, Inc. 
(“Westar”) for a Siting Permit 
for the Construction of a 345 kV 
Transmission Line in Riley and 
Pottawatomie Counties, Kansas

On April 7, 2015, SPP filed the Direct Testimony of Antoine Lucas.

On April 10, 2015, Andy Fry and Leo Haynos filed Direct Testimony on behalf of the Kansas Corporation 
Commission (“KCC”).

On April 24, 2015, Kelly Harrison filed Supplemental Testimony on behalf of Westar.

On May 4, 2015, KCC Staff, Westar, and SPP filed a Joint Motion to Approve Stipulation and Agreement
and Modify the Procedural Schedule. The parties requested that the KCC waive the currently scheduled
Simultaneous Post-Hearing Briefs and Simultaneous Post-Hearing Reply Briefs due on May 13 and May
19, 2015.

A hearing was held on May 6, 2015.

On June 11, 2015, the KCC issued an Order Approving Stipulation and Agreement.
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Date Event Location

4/6/2015,
4/10/2015

Met with Members of Congress at SPP corporate headquarters and provided tour of ODC Little Rock, Arkansas

4/22/2015 -
4/23/2015

Met with Members of Congress and their staffs, including the Staff Director for the House Natural
Resources Subcommittee and the Democratic Staff Directors for the House Energy and Commerce
Committee

Washington, DC

5/11/2015 Met with the Director of the Arkansas Department of Environmental Quality, at ADEQ’s request, 
to provide information on the EPA's CPP

Little Rock, Arkansas

6/10/2015 Hosted Government Affairs conference call for SPP member companies' government affairs 
representatives

Washington, DC

6/16/2015 -
6/19/2015

Met with Members of Congress and their staffs, including the Chief Counsel for the House Energy 
and Commerce Committee

Washington, DC

6/19/2015 Participated in a Congressional briefing for Members of Congress and their staffs with all U.S. 
ISO/RTOs

Washington, DC



Regulatory Outlook

ER13-1864 implementation methodologies for Interface Bus Pricing, and analyzing whether the benefits of 
implementation of a day-ahead firm flow entitlement exchange process outweigh its costs, until such
issues are resolved (Order Conditionally Accepting in Part and Rejecting in Part Revisions to Joint 
Operating Agreement issued on January 22, 2015)

FERC 

RM15-11

7/27/2015Comments due in response to Notice of Proposed Rulemaking proposing to approve Reliability Standard
TPL-007-1 (Transmission System Planned Performance for Geomagnetic Disturbance Events) (Notice of
Proposed Rulemaking issued on May 14, 2015)

RM14-2 to adjust the time at which the results of its day-ahead energy market and reliability unit commitment
process (or equivalent) are posted to a time that is sufficiently in advance of the Timely and Evening 
Nomination Cycles, respectively, to allow gas-fired generators to procure natural gas supply and pipeline 
transportation capacity to serve their obligations, or (2) to show cause why such changes are not 
necessary. In their responses, each ISO and RTO must explain how its proposed scheduling 
modifications are sufficient for gas-fired generators to secure natural gas pipeline capacity prior to the 
Timely and Evening Nomination Cycles (Order Initiating Investigation into ISO and RTO Scheduling 
Practices and Establishing Paper Hearing Procedures issued in EL14-27 on March 20, 2014; Order No.

7/15/2015 1:06:33 PM Page: 1

FERC Compliance Filing is due to revise section 8.9 of the Generator Interconnection Procedures and Article 7/20/2015
ER14-781 11.6 of the Generator Interconnection Agreement (GIA) and Interim GIA (Order on Rehearing and

Compliance Filing Issued on June 18, 2015)

FERC 

ER15-1499

Settlement Conference to be held (Order of Chief Judge Designating Settlement Judge and Scheduling 
Settlement Conference issued on June 22, 2015)

7/20/2015

FERC SPP's Informational Report due detailing SPP’s and MISO’s progress on resolving issues related to their 7/22/2015

FERC 

ER15-279

Compliance Filing is due to incorporate the revisions related to the annual transmission revenue 
requirement into the Tariff (Order issued on June 25, 2015)

7/27/2015

FERC 

10-1272

SPP's Annual State of the Market Report due at FERC 8/3/2015

FERC Compliance Filing is due. Each ISO and RTO is required (1) to make a filing that proposes tariff changes 8/4/2015



Regulatory Outlook

7/15/2015 1:06:33 PM Page: 2

FERC 809 issued in RM14-2 on April 16, 2015; Notice of Extension of Time issued in EL14-27 on July 1, 2015)

Compliance Filing is due. Each ISO and RTO is required (1) to make a filing that proposes tariff changes

8/4/2015

EL14-27 to adjust the time at which the results of its day-ahead energy market and reliability unit commitment 
process (or equivalent) are posted to a time that is sufficiently in advance of the Timely and Evening 
Nomination Cycles, respectively, to allow gas-fired generators to procure natural gas supply and pipeline 
transportation capacity to serve their obligations, or (2) to show cause why such changes are not 
necessary. In their responses, each ISO and RTO must explain how its proposed scheduling modifications
are sufficient for gas-fired generators to secure natural gas pipeline capacity prior to the Timely and Evening
Nomination Cycles (Order Initiating Investigation into ISO and RTO Scheduling Practices and Establishing
Paper Hearing Procedures issued in EL14-27 on March 20, 2014; Order No. 809 issued in RM14-2 on April
16, 2015; Notice of Extension of Time issued in EL14-27 on July 1, 2015)

FERC 

RM15-21

Comments are due in response to the American Wind Energy Association's petition requesting that the 
Commission initiate a rulemaking to revise provisions of the pro forma Large Generator Interconnection 
Procedures and Large Generator Interconnection Agreement (Notice of Petition for Rulemaking issued on 
July 7, 2015)

8/6/2015

FERC 

ER13-1937

Compliance Filing is due to revise the Joint Operating Agreement between SPP and the Midcontinent 
Independent System Operator, Inc. in response to Order No. 1000's interregional requirements and the 
February 19, 2015 Order (Order on Compliance Filings issued on February 19, 2015; Order granting 
extension of time issued on April 17, 2015)

8/18/2015

FERC Settlement Conference to be held (Order Scheduling Settlement Conference issued on July 7, 2015) 8/19/2015

ER14-2851

FERC Settlement Conference to be held (Order Scheduling Settlement Conference issued on July 7, 2015) 8/19/2015

ER14-2850

FERC 

RM15-12

Comments due in response to the Notice of Proposed Rulemaking (Notice of Proposed Rulemaking 
issued on June 18, 2015)

8/24/2015



Regulatory Outlook

10-00143-UT Uncontested Stipulation; December 16, 2010 Final Order Adopting Certification of Stipulation)

7/15/2015 1:06:33 PM Page: 3

FERC 

RM15-7

Comments due in response to the Notice of Proposed Rulemaking (Notice of Proposed Rulemaking 
issued on June 18, 2015)

8/24/2015

FERC 

RM15-13

Comments due in response to the Notice of Proposed Rulemaking (Notice of Proposed Rulemaking 
issued on June 18, 2015)

8/24/2015

FERC 

RM15-16

Comments due in response to Notice of Proposed Rulemaking (Notice of Proposed Rulemaking issued on
June 18, 2015)

8/24/2015

FERC 

ER05-652

File Informational Report on SPP Aggregate Study (Safe Harbor Report) (April 22, 2005 Order) 10/15/2015

FERC 

ER08-1338

SPP to file its Annual Budget in FERC Docket Nos. ER04-48, ER08-1338, RT04-1 11/1/2015

State of New Mexico Lea County Electric Cooperative Inc.'s Interim Period ends (participation in SPP RTO) (October 1, 2010 12/16/2015



SPP RE Update to 
SPP Board

July 28, 2015
Kansas City, MO

John Meyer
SPP RE Trustees Chairman



CIP Update
• CIP V5 Frequently Asked Questions

– V5 Transition Advisory Group collaborating to finalize FAQ 
responses after industry comments

• NERC Meeting July 1, 2015: CIP V5 – Way Forward

– Discuss concerns with the recent CIP V5 memoranda

– Identify ways forward to support long-term solutions that 
may include:
 Compliance action or guidance development

 Standards development or interpretation processes

 Other solutions

– Revised postings should be out by Labor Day

– Ron Ciesiel represented Regional Management 2



3

Vegetation Management Update
• No reported contacts for Q2-15

– 9th consecutive quarter with no contacts

SPP RE Regional Events - 2Q 2015
• One category 1 event was analyzed 

– 1 Category 1h - Loss of monitoring or control at a control 
center



Risk-Based Registration Initiative

• Purchasing-Selling Entities and Interchange Authorities 
no longer registered
– Removed 33 Registered Entities from SPP RE registry

– Reduced registration for another 41 Registered Entities

• Distribution Provider (DP) Threshold raised to 75 MW
– 2 DPs removed from SPP RE registry

– 2 DPs reduced to Underfrequency Load Shed-only DP

4



SPP RE Violations By Year

5



Risk Based Compliance Monitoring

• New SPP RE webpage describes Inherent Risk 
Assessment, Internal Control Evaluations, Self-Logging

• SPP RE has completed 22 IRAs for Registered Entities on 
the 2015 audit schedule

• Two Internal Control Evaluation requests have been 
made

6

http://www.spp.org/section.asp?pageID=205
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Multiple Regional Registered Entity (MRRE)
• Registration for the MRRE program ended June 30 for 

2016 compliance program

• Across NERC, 14 groups of 63 Registered Entities 
requested inclusion in MRRE program 
- 9 of the 14 groups included SPP RE Registered Entities

• Lead Region assignments should be made by mid-August



SPP RE Misoperation Report as of Q1-15
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Outreach Update
• July 29, CIP-014 Webinar Register

• August 6, New Standards Webinar Register

• Sept. 29-30, Fall Workshop in Dallas/webinar Register

• 235 in-person/webinar registrants for CIP 2015 workshop 
in Kansas City 

- 92% of attendees rated workshop in top two categories of 
excellent or good

- Materials posted and six new videos added:
 Preparing for CIP V5 Audit
 Transient Cyber Assets & Removable Media
 External Routable Connectivity
 Identifying BES Cyber Systems
 V5 Transition Lessons Learned and FAQ
 Low Impact BES Cyber Systems 9

http://www.spp.org/event_register2.asp?oID=7336
http://www.spp.org/event_register2.asp?oID=7337
http://www.spp.org/event_detail.asp?dateID=Sep_29_2015
http://www.spp.org/section.asp?group=3509&pageID=27
http://vimeopro.com/sppcompliance/re%23/video/129883965
http://vimeopro.com/sppcompliance/re%23/video/129885274
http://vimeopro.com/sppcompliance/re%23/video/129885271
http://vimeopro.com/sppcompliance/re%23/video/129885268
http://vimeopro.com/sppcompliance/re%23/video/129885270
http://vimeopro.com/sppcompliance/re%23/video/129885273
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Most Violated Standards
Based on rolling 12 months through 6/30/15 [Represents ~ 91% of total violations]

*       NERC as of June 30, 2014
**     Not in NERC Rolling 12 month Top Ten

SPP
RE

Rank

NERC 
12 Month

Rank *
Standard Description Number of

Violations Risk Factor

1 7 CIP-002 Critical Cyber Asset Identification 23 High/Lower

2 1 CIP-007 Systems Security Management 22 Med./Lower

3 3 CIP-005 Electronic Security Perimeters 13 Med./Lower

4 2 CIP-006 Physical Security - Critical Cyber Assets 11 Med./Lower

5 4 CIP-004 Personnel & Training 6 Med./Lower

6 6 CIP-003 Security Management Controls 5 Med./Lower

7 8 VAR-002 Network Voltage Schedules 5 Med./Lower

8 10 FAC-008 Facility Ratings (includes FAC-009) 4 Med./Lower

9 5 PRC-005  Protection System Maintenance 4 High/Lower

10 9 CIP-009 Recovery Plan for Critical Cyber Assets 3 Med./Lower



Renewed Delegation Agreement

• SPP RE executed the Regional Delegation Agreement 
(RDA) in June

• SPP RE was afforded the same renewal clause as all 
other regions
– Initial 5-year term

– Automatic renewal term of 5 years unless either party 
provides a one-year termination notice

• NERC filed petition with FERC on June 26 for approval 
of the Regional Delegation Agreements

11



Walkemeyer Competitive Upgrade Schedule

April 27, 2015 BOD approved project for construction

May 5, 2015 RFP-00001 Issued to Qualified RFP Participants 

May 28, 2015 Pre-response meeting held for Q&A on RFP/project

August 3, 2015 QRPs provide Notice of Intent to Bid on  project

Sept 30 – Oct 1, 2015 IEP training session

November 2, 2015 RFP Responses due

November 30, 2015 IEP begins RFP review 
(60 days w/ optional 30 day extension)

February 28, 2016 IEP review complete (Assume 90 day window)

April 12, 2016 Posting date for IEP Recommendation to SPP BOD

April 26, 2016 SPP BOD Meeting - Expected decision 

Italicized dates are proposed at this time.
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Disclaimer 

The data and analysis in this report are provided for informational purposes only and shall not be 

considered or relied upon as market advice or market settlement data. All analysis and opinions 

contained in this report are solely those of the SPP Market Monitoring Unit (MMU), the 

independent market monitor for Southwest Power Pool, Inc. (SPP). The MMU and SPP make no 

representations or warranties of any kind, express or implied, with respect to the accuracy or 

adequacy of the information contained herein. The MMU and SPP shall have no liability to 

recipients of this information or third parties for the consequences that may arise from errors or 

discrepancies in this information, for recipients’ or third parties’ reliance upon such information, 

or for any claim, loss, or damage of any kind or nature whatsoever arising out of or in connection 

with: 

(i) the deficiency or inadequacy of this information for any purpose, whether or not 

known or disclosed to the authors 

(ii) any error or discrepancy in this information 

(iii) the use of this information 

(iv) any loss of business or other consequential loss or damage whether or not resulting 

from any of the foregoing 
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1. Executive Summary 

The SPP Market Monitoring Unit’s Annual State of the Market report for the first 12 months of 

the SPP’s Integrated Marketplace presents an overview of the market design and market 

outcomes, assesses market performance, and provides recommendations for improvement. The 

report fulfills the MMU’s requirement under Attachment AG of the SPP Open Access 

Transmission Tariff to review and report on market performance with particular regard to the 

efficiency and competitiveness of market outcomes as well as the prevention of the exercise of 

market power and market manipulation from a perspective that is independent of both the RTO 

and its members. Along with this goal, the MMU emphasizes that economics and reliability are 

inseparable and that an efficient wholesale electricity market provides the greatest benefit to the 

end user both presently and in the years to come. This executive summary presents a summary of 

the assessment and lists the MMU’s recommendations for improved market performance. 

1.1. Overview 

In the year since its March 1, 2014 start, the Integrated Marketplace has provided wholesale 

electricity at modest prices that compare favorably to those in regions with well-established 

markets. Average Locational Marginal Prices (LMPs) generally tracked the price of natural gas, 

and market uplift payments represented a small share of the average all-inclusive price. 
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Figure 1–1 SPP All-In Price of Electricity 

 

 

SPP met the majority of its energy needs, peaking at 45 GW of load, from about 25 GW of coal-

fired capacity, with an ample 35 GW of natural gas-fired capacity to meet the margin. 

Furthermore, SPP successfully integrated 9 GW of wind turbines in 2014, with up to 33% of 

energy needs met by wind in some hours. In 2014 the market also navigated a winter weather 

event with a natural gas supply shortage in March and coal delivery delays through the summer 

and fall. 
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Figure 1–2 Generation by Fuel Type Real-Time Graph 

 

 

Given the large reserve margin and the frequency with which the LMP represents inexpensive 

generation, prices did not rise to levels high enough to support investment in new generating 

capacity. They did rise to a level that supports the annual avoidable costs of new, efficient 

generation. To the extent that existing capacity did not receive market revenues sufficient to 

cover annual avoidable costs, the market either did not dispatch them efficiently or was signaling 

the inefficiency of the resource. The former presents a market performance concern, while the 

latter is an efficient market outcome. 
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1.1.1. Energy and Operating Reserve Markets 

The Integrated Marketplace introduced a centralized unit commitment process, a Day-Ahead 

Market, and a Real-Time Balancing Market with both energy and Operating Reserve products. 

The centralized unit commitment constituted the largest and most immediate financial benefit of 

the market to SPP, as it allowed SPP to reduce online generating capacity by 10%. 

Figure 1–3 Online Capacity Comparison 

 

 

In addition to committing capacity to meet the load and operating reserve obligations, SPP also 

committed resources for reliability needs through its Reliability Unit Commitment (RUC) 

processes. The demand for reliability met through the RUC processes supplemented the load and 

operating reserve obligations with market ramping and local reliability constraints, services for 

which the market provided no additional payment. The commitment of additional capacity to 

meet these constraints dampened real-time prices, increased RUC Make Whole Payments, and 

implied that faster starting resources may not have received market revenues sufficient to cover 

annual avoidable costs. A particular concern to the MMU has been the RUC commitment of 

“quick start” resources. These resources can start in less than ten minutes and generally require 

only an hour of minimum run time, but the RUC process committed them to run several hours in 

advance and kept them online for an average of more than four hours. 
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Figure 1–4 Average Hourly Capacity Increases 

 

 

SPP reflected shortages of operating reserves during 58 hours with scarcity pricing levels at an 

average over $1,000/MWh for aggregate operating reserves, over $700/MWh for regulating 

reserves, and about $300/MWh for Spinning Reserves. These high prices allowed the market to 

reflect the demand for reliability. Average prices below $100/MWh for ramp constrained 

shortages did not reflect the demand for reliability, creating a market separation between 

economics and reliability. In its recommendations, the MMU encourages SPP to create tighter 

links between economics and reliability by enhancing RUC processes and scarcity pricing to 

allow the market to fully reflect the demand for reliability. 
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Figure 1–5 Capacity Shortages and Ramp Constrained Shortages 

 

The Integrated Marketplace provides relatively simple provisions for market uplift, or make 

whole payments, when compared to other RTO markets. Coupled with five minute RTBM 

settlements, these provide incentives for resources to meet their commitment and dispatch 

instructions by ensuring that the market covers the short run marginal costs of production. The 

level of make whole payments in the first year constituted less than 1% of the all-inclusive price 

of electricity, with 70% of make whole payments related to RUC commitments. Their total 

magnitude was intermediate relative to generator uplift costs in other RTOs. The MMU 

recommendations around the RUC processes and scarcity pricing could reduce the need for make 

whole payments. This report also summarizes some known opportunities for market 

manipulation of the make whole payment provisions and provides corresponding 

recommendations. 
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Figure 1–6 Make Whole Payments by Fuel Type 

 

 

1.1.2. Day-Ahead Market 

The Day-Ahead Market produced economically sound LMPs and resource commitments 

consistently and transparently. Ninety-seven percent (97%) of load and all of the operating 

reserve obligations settled in the Day-Ahead Market. In fact, load participation in the Day-Ahead 

Market by some participants rose to 109% in some months. A market design flaw in the 

allocation of Over-Collected Losses, which SPP has since corrected, incentivized this behavior. 

Moderate participation in virtual trading profited by about $24 million for the year. Generators 

also participated fully in the Day-Ahead Market, whether or not they held a day-ahead must-

offer obligation, with the exception of the wind farms. A number of weaknesses in the current 

limited must-offer provisions should be addressed by SPP. Alternatively, the MMU recommends 

removal of the day-ahead must-offer requirement and replacement with a physical withholding 

penalty that targets resources that have a financial incentive to withhold. 
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Figure 1–7 Cleared Demand Bids in Day-Ahead Market 

 

 

1.1.3. Congestion and Losses 

Locational Marginal Prices reflect the marginal cost of energy, congestion, and losses at any 

given location in the market. With its historic transmission bottlenecks and ever-expanding 

network, the SPP market’s geographic pricing pattern continued to evolve in 2014. The 

challenge of moving inexpensive power from coal and wind out of the north and west of the 

footprint to the eastern load centers resulted in an average $20/MWh spread between the lowest 

and highest LMP points. The building of new transmission reduced the cost of congestion and 

losses over the course of the year. It also reduced the prevalence of local market power. 
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Figure 1–8 March to March Average LMP for the Day-Ahead Market 

 

 

The market charged load serving entities a total of $290 million in congestion costs for the year. 

Load serving entities may hedge the congestion cost with Transmission Congestion Rights 

(TCRs) and Auction Revenue Rights (ARRs). This market provided them with $300 million in 

payments. Therefore, in aggregate the load was hedged. However, the TCR and ARR payments 

for a few load serving entities fell well short of their congestion costs. In total, non-load 
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participants profited by $15 million from SPP congestion and by $26 million from TCRs. 

Despite the overall gains from TCRs and ARRs, the TCR market performance could be 

enhanced by improvements to market efficiency and transparency. The 85% funding of TCRs 

from Day-Ahead Market congestion was low, and the 112% funding of ARR positions by TCR 

auction revenues was high. Reductions in the amount of transmission capacity made available in 

the TCR and ARR process to more realistic levels, earlier reporting of planned transmission 

outages, and improvements to modelling of the conversion of ARRs to TCRs would enhance 

price formation and thus the ability to effectively and economically hedge load from congestion 

costs. 

Figure 1–9 Monthly TCR Funding Levels and Monthly ARR Funding Levels 

 

 

1.1.4. Market Power and Mitigation 

The competitive assessment of structural market power and prices shows that the SPP market 

produced prices near competitive levels, requiring local market power mitigation to achieve such 

outcomes. The hourly largest supplier market share averaged around 15%, and the market was 

moderately concentrated about half the time. The market generally reached highly concentrated 

levels in the intermediate and peaking segments of the supply curve. Despite some structural 

market power, average monthly price-cost mark-ups did not exceed $2/MWh and fell with 

increased competition between coal and gas-fired generation when gas prices fell in the winter. 
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Figure 1–10 Monthly Average Mark-Ups 

 

 

Automatic offer mitigation limited the impact of local market power on prices. The market rarely 

applied mitigation to energy, no load, and operating reserve offers, at less than 1% of market 

resource hours. A mistake in system implementation of the mitigation caused over-mitigation of 

start-up offers for the majority of the year. With that correction and an increase in the threshold 

for market power impacts, start-up offer mitigation fell from a high of 18% to as low as 1%. 
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Figure 1–11 Mitigation Frequency Start-Up Offers 

 

 

Despite infrequent mitigation, the MMU recommends some increases in the offer conduct 

thresholds for mitigation to account for cost uncertainty. It maintains its contention that market 

power mitigation to competitive offer levels, short run marginal costs, is necessary to support 

competitive market outcomes, which maximize the benefits of the SPP market. 
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1.2. Summary of Recommendations 

The SPP MMU has the responsibility to make market design recommendations independent of 

any and all market stakeholders including the RTO. This is part of the checks and balances to 

ensure the benefits of the market are equitably distributed to all Market Participants regardless of 

size or influence of individual or groups of Market Participants. The MMU does this through 

active participation in SPP staff reviews, in SPP stakeholder meetings, before the Federal Energy 

Regulatory Commission, and in public reports. Some of the recommendations presented in this 

report have been made through these various channels and have received varying levels of 

consideration. 

The following recommendations, supporting analysis, and educational background may be found 

throughout this report: 

MMU Recommendation 1. Quick Start Logic 

The MMU supports the development of new rules governing the dispatch of quick-start 

resources that: (1) do not subject quick-starts to RUC commitment; and (2) do not provide make 

whole payment eligibility for RTBM dispatch. 

MMU Recommendation 2. Ramp-Constrained Shortage Pricing 

Ramp-constrained operating reserve shortages should be priced in a manner similar to the 

operating reserve capacity shortages. 

MMU Recommendation 3. Manipulation of Make Whole Payment Provisions 

Potential for make whole payment manipulation for resources committed across the midnight 

hour, fixed regulation bids, Out-of-Merit energy payments, and jointly-owned units should be 

eliminated. 

MMU Recommendation 4. Day-Ahead Must-Offer Requirement 

The MMU recommends that SPP eliminate the limited day-ahead must-offer provision and 

revise the physical withholding rules to include a penalty for non-compliance. In the event that 

the limited must-offer provision is continued, SPP should address design weaknesses. 
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MMU Recommendation 5. TCR and ARR System Availability 

TCR and ARR system availability should be reduced to minimize the over-allocation of TCRs 

and ARRs that Day-Ahead Market congestion revenues do not support. 

MMU Recommendation 6. Transmission Outage Reporting and Modelling 

The MMU supports SPP’s current efforts to improve planned outage reporting and suggests 

adding flexibility to outage inclusion criteria for ARR and TCR modelling. 

MMU Recommendation 7. TCR Bidding at Electrically Equivalent Settlement 

Locations 

A systematic block of TCR bidding at electrically equivalent settlement locations should be 

implemented to prevent ongoing tariff violations. 

MMU Recommendation 8. Allocation of Over-Collected Losses 

SPP should remove the Bilateral Settlement Schedule transactions from the over-collected losses 

distribution calculation and consider over-collected losses distributions to exports relative to 

interface transaction profit margins to assess potential distortion of market incentives. 

MMU Recommendation 9. Market Power Mitigation Conduct Thresholds 

The MMU supports a modest increase in offer conduct thresholds for start-up offers, regulation 

offers, and energy offers for Frequently Constrained Areas. 
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2. Overview of SPP Market Footprint 

2.1. Market Description 

Southwest Power Pool (SPP) is a Regional Transmission Organization (RTO) authorized by the 

Federal Energy Regulatory Commission (FERC) with a mandate to ensure reliable power 

supplies, adequate transmission infrastructure, and competitive wholesale electricity prices. SPP 

was granted RTO status by FERC in 2004. SPP is one of nine Independent System Operators 

(ISOs)/RTOs and one of eight NERC Regional Entities in North America. SPP provides many 

services to its members including reliability coordination, tariff administration, regional 

scheduling, reserve sharing, transmission expansion planning, training, and wholesale electricity 

market operations. This report focuses on the first full year (12 months) of the SPP wholesale 

electricity market referred to as the Integrated Marketplace, which started on March 1, 2014. 

This affords us the opportunity to effectively analyze and compare the Marketplace results to 

other annual reports. When relevant, this report will discuss certain aspects of the Energy 

Imbalance Services Market that was operational for the first two months of 2014. Subsequent 

annual reports will return to a normal 12 month calendar year reporting period. 

The Integrated Marketplace is a full Day-Ahead Market with Transmission Congestion Rights, 

virtual trading, a Reliability Unit Commitment process, a Real-Time Balancing Market, and a 

price-based Operating Reserves market. SPP simultaneously put into operation a single 

Balancing Authority as part of the implementation of the Integrated Marketplace. The real time 

market that was in place prior to the Integrated Marketplace was supported by 16 balancing 

authorities consisting of large vertically integrated utilities in the RTO footprint. The primary 

benefit of converting to a day-ahead market is to improve the efficiency of daily resource 

commitments. Another benefit of the new market includes the joint optimization of energy and 

ancillary services. 

2.1.1. SPP Location 

SPP is located in the west-central portion of the Eastern Interconnection. It is bordered by the 

Midcontinent ISO (MISO) to the north and east and the Electric Reliability Council of Texas 

(ERCOT) to the south. SPP also shares borders with the Western Electricity Coordinating 
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Council (WECC) to the west with limited HVDC interconnection capacity. Figure 2–1 shows the 

operating regions of the nine ISOs and RTOs in the United States and Canada. 

Figure 2–1 ISO RTO Operating Regions 

 

Source: ISO/RTO Council 

The SPP Integrated Marketplace footprint will be expanding in the fall of 2015 to include the 

Integrated System (IS), composed of the Western Area Power Administration (WAPA) – Upper 

Great Plains, Basin Electric Power Cooperative, and Heartland Consumers Power District. The 

IS covers much of the Dakotas and small adjacent parts of Iowa, Minnesota, Montana, Nebraska, 

and Wyoming. The IS will add 5,000 MW of load, and almost 10,000 miles of high-voltage 

transmission lines increasing the number of SPP-managed transmission lines by 18% to more 

than 58,000 miles. 
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2.1.2. SPP Market Participants 

At the end of 2014, 134 entities were participating in the SPP Integrated Marketplace. This is a 

substantial increase from the 102 participating in the predecessor EIS Market in 2013. The 

Marketplace is open to financial and physical asset owners, whereas the EIS Market required all 

participants to own assets such as generation or load. 

Market participants can be divided into several categories: investor owned utilities, cooperatives, 

municipals, state agencies, independent power producers, and financial only. Figure 2–2 shows 

the distribution of resource owners registered to participate in the Integrated Marketplace. The 

number of Independent Power Producers is high because most of the wind producers are 

included in this category. Several Market Participants, referred to as agents, represent several 

individual resource owners that would individually be classified in different types such as 

municipal, cooperatives, and state agency. 

Figure 2–2 Distribution of Market Participants with Resources by Type 

 

As of December 31, 2014 
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Figure 2–3 shows market capacity owned by Market Participant Type. This chart indicates 

investor owned utilities have the majority of capacity, 63%, even though they represent only a 

small percent of participants, 17%, in the market. This is in contrast to the Independent Power 

Producer category with a large number of participants, 37%, but representing only a small 

portion of total capacity, 7%. 

Figure 2–3 Capacity by Market Participants Type 

 

As of December 31, 2014 

Note: Capacity in MW 
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2.2. Market Prices 

The average price of energy in SPP’s real-time market for the year March 2014 through February 

2015 was $32.82/MWh. The 12 month average all-in price, which includes the cost of energy 

market make whole payments and reserves, was $33.65/MWh.
1
 Figure 2–4 plots the monthly 

average all-in price of energy and the price of natural gas, measured at the Panhandle Eastern 

hub. 

Figure 2–4 SPP All-In Price of Electricity 

 

 

This figure shows the strong correlation between the price of natural gas and the price of energy. 

This is a sign that the market generally functioned well during its first year, as gas fired 

generation often sets price in SPP and fuel cost constitutes the vast majority of the marginal cost 

                                                 
1
 The all-in price also includes Reserve Sharing Group costs and payments to Demand Response Resources. Both 

were negligible for the year. 
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of energy. Much of the deviation from the energy-gas price trend, also known as the implied heat 

rate, resulted from monthly fluctuation in load, marginal fuel, and the coal/natural gas price 

spread. The graph also shows that the sum of uplift payments to generators and the market cost 

of reserves constituted less than 2.5% of the all-in price, with make whole payments at 

$0.33/MWh and reserves at $0.47/MWh. 

The overall level and trend in Integrated Marketplace prices were modest and reasonable when 

compared to other RTOs. Figure 2–5 shows that the on-peak Day-Ahead LMP for SPP’s South 

Hub averaged near the price of the MISO Indiana Hub and the ERCOT North Hub. 

Figure 2–5 RTO Comparison of Average On-Peak Day-Ahead LMP 

 Ten Month Average Twelve Month Average 

Market Hub Mar. 2014 – Dec. 2014 Mar. 2014 – Feb. 2015 

SPP North $35 $33 

SPP South $43 $41 

Indiana $41 $41 

PJM West $48 $51 

ERCOT North $44 $41 

 

In January and February of 2014, the average EIS market Locational Imbalance Prices were 

$29.22/MWh and $42.78/MWh, with natural gas prices of $4.83/mmBtu and $8.00/mmBtu, 

respectively. The high average gas prices reflect a few days in early February, especially 

February 6, 2014, when the price spiked to over $30/mmBtu for most of the SPP footprint. 

Sections “3. Energy and Operating Reserve Markets” (page 47) and “4. Day-Ahead Market” 

(page 80) of this report provide deeper analysis of prices as locational and time specific market 

signals, and section “3.2.6 Make Whole Payments” (page 73) discusses uplift. 

2.2.1. Long Run Price Signals 

In the long term, efficient market prices provide signals for any needed investment in new 

generation and ongoing maintenance of sufficient existing generation to meet load. Given the 

resource margin near 50% for 2014, the MMU does not expect market prices to support 

investment in new entry. The MMU does expect prices to support ongoing maintenance of 
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efficient generation technologies. Analysis of market net revenues relative to the cost of new 

generating technologies shows that price levels for 2014 met both of these expectations. 

The MMU analyzes the fixed costs of three new generation technologies relative to their 

potential net revenues at SPP market prices: a scrubbed coal plant, a natural gas combined cycle, 

and a combustion turbine.
2
 Figure 2–6 provides the cost assumptions and results of the analysis, 

which assumes that the market dispatches the hypothetical resource when LMP exceeds the short 

run marginal cost of production. 

Figure 2–6 Assumptions and Results for Net Revenue Analysis 

Technology 

AVG 

Marginal Cost 

($/MWh) 

Net Revenue 

from SPP 

Market 

($/MW Yr) 

Annual 

Revenue 

Requirement 

($/MW Yr) 

Able to 

Recover New 

Entry Cost 

Annual Fixed 

O & M Cost 

($/MW Yr) 

Able to 

Recover 

Avoidable 

Cost 

Scrubbed Coal 19.84 97,836  556,386  No 37,800  Yes 

Gas Combined 

Cycle 
27.75  58,636  178,806  No 15,370  Yes 

Combustion 

Turbine 
40.81  31,516  115,039  No 7,040  Yes 

 

The marginal cost for the combined cycle and the combustion turbine vary throughout the year 

with the price of natural gas, so the reported cost is an annual average. The net revenues for these 

three technologies in the first year of SPP’s market fell short of the full annual revenue 

requirement for new capital investment, while exceeding annual avoidable costs. Figure 2–7 

provides results by SPP resource zone, as indicated by the dominant utility in the area. It shows 

that the conclusions do not vary geographically, with differing LMPs and fuel prices. 

Other RTOs have experienced a “missing money problem” in energy markets, where net 

revenues do not support needed new investments. SPP had a high, 48%, resource margin for 

2014, so the MMU does not expect net revenue to cover the cost of new investment.
3
 SPP prices 

for the first year of the Integrated Marketplace were high enough to support ongoing operation 

and maintenance of new efficient generators dispatched economically. The MMU expects the 

                                                 
2
 Cost assumptions for each technology were derived from the EIA Updated Capital Cost Estimates for Utility Scale 

Electricity Generating Plants, April 2013 and estimates of variable O&M provided by Pasteris Energy, Inc. for the 

PJM Annual State of the Market Report 2014, Section 7. 
3
 See section “2.3.2 Resource Margin” (page 23) 
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market to signal the retirement of inefficient generation. Aging of the fleet and increased 

environmental restrictions may change the resource margin such that higher net revenue price 

signals become increasingly important. The ability of market forces to provide these incentives 

and long run price signals is a strong benefit of the Integrated Marketplace. 

Figure 2–7 Net Revenue Analysis by Zone 

Resource 

Zone 

Scrubbed Coal Gas/Oil Combined Cycle Combustion Turbine 

Net 

Revenue 

from SPP 

Market 

($/MW 
Yr) 

Able to 

Recover 
All Cost 

Able to 

Recover 

Avoidable 

Cost 

Net 

Revenue 

from SPP 

Market 

($/MW 
Yr) 

Able to 

Recover 
All Cost 

Able to 

Recover 

Avoidable 

Cost 

Net 

Revenue 

from SPP 

Market 

($/MW 
Yr) 

Able to 

Recover 
All Cost 

Able to 

Recover 

Avoidable 

Cost 

AEP 116,418 No Yes 76,128 No Yes 38,951 No Yes 

KCPL 90,587 No Yes  54,951 No  Yes 31,295 No Yes 

NPPD 61,254 No Yes 27,561 No Yes 22,410 No Yes  

OGE 113,870 No Yes 74,573 No Yes 39,912 No Yes 

SPS 117,831 No Yes 72,394 No Yes 40,661 No Yes 

WR 99,046 No Yes 61,909 No Yes 34,252 No Yes 

 

2.3. Capacity in SPP 

2.3.1. Installed Capacity 

Figure 2–8 depicts the Integrated Marketplace installed generating capacity for the SPP 

Consolidated Balancing Authority at the launch of the Integrated Marketplace (March 1, 2014) 

and at the end of the first year of the market (March 1, 2015). Total generating capacity in the 

SPP Integrated Marketplace was 75,458 MW, an increase of about 1.5% over the first year of the 

Integrated Marketplace. Natural gas represents the largest share of the market at 47%, with coal 

the second largest type at 35%. 

Some of the changes in the capacity numbers are attributed to existing capacity registering to 

participate in the SPP market. This capacity, which is often owned by municipal utilities, has 

moved from behind the meter to directly participating in the market. Most of this capacity is 

older and small units. Additional changes are attributed to retirements, mostly very small older 

coal units. Wind continues to increase as the result of actual new construction. 
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Figure 2–8 Generation Capacity by Fuel Type for the SPP Market 

Fuel Type March 2014 March 2015 Percent as of 3/2015 

Natural Gas 35,360 35,109 47% 

Coal 25,822 26,435 35% 

Wind  7,637 8,884 12% 

Nuclear 2,569 2,569 3% 

Oil 1,419 1,523 2% 

Hydro 832 832 1% 

Other 551 57 0% 

Total 74,189 75,458  

Note: Capacity is based on name plate rating 

2.3.2. Resource Margin 

The region’s resource margin is the amount of extra system capacity available after peak load 

has been served. It is calculated by comparing total annual generating capacity to peak demand 

(system capacity less peak load, divided by peak load). For this analysis, system capacity is 

based on unit registration rating. In 2014, the SPP resource margin was 48%, as shown in Figure 

2–9, which was four times the Annual Planning Capacity Requirement of 12%. Wind nameplate 

capacity value is discounted by 95% when used in calculating the resource margin. This is the 

reason the capacity values shown in Figure 2–9 are lower than the value shown in Figure 2–8.
4
 

Higher capacity combined with lower peak load contributed to a resource margin increase from 

36% in 2012. This resource margin has positive implications for both reliability and for 

mitigation of the potential exercise of market power within the market. 

Figure 2–9 Resource Margin by Year for 2008–2014 

Year Capacity (MW) Peak Load (MW) 
Resource 

Margin 

2008 49,561 36,538 36% 

2009 58,223 39,622 47% 

2010 61,570 45,373 36% 

2011 63,367 47,989 32% 

2012 64,053 47,142 36% 

2013 66,668 45,256 47% 

2014 67,095 45,301 48% 

                                                 
4
 Figure 2–9 differs from Figure 2–8 by counting only 5% of wind capacity. The 5% wind capacity factor was used 

in this analysis to be consistent with ITP Year 20 Assessment methodology as approved by SPP Economic Studies 

Working Group on 19 January, 2010. 
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2.3.3. New Capacity Construction 

In 2014 about 1,000 MW of new generation capacity was completed and entered service in the 

SPP market. Most of this capacity was wind, 94%, 5% was natural gas, and 1% was agricultural 

byproducts. Figure 2–10 shows the location, fuel type, and relative size of this new capacity. 

Figure 2–10 New Capacity in 2014 
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2.3.4. Capacity by Age 

Figure 2–11 illustrates that, overall, SPP has an aging generation fleet. About 50% of SPP’s fleet 

is more than 30 years old. In particular, about 80% of coal capacity and 40% of gas capacity are 

older than 30 years. The national average retirement age of coal-fired generation is 48 years. The 

only significant new capacity over the last year in the SPP footprint is wind generation. 

Figure 2–11 Capacity by Age of Resource 

 

 

2.4. Electricity Demand and Energy in SPP 

The SPP Integrated Marketplace is composed of Market Participants that are responsible for load 

and/or resources but are all served by SPP. One way to evaluate load is to review peak system 

demand statistics over an extended period of time. The market footprint can change—and has 

changed—over time as participants are added or removed. In the last three years, one notable 

change occurred in SPP’s market footprint, the addition of City Utilities of Springfield in 2011. 

The peak demand value reviewed in this section is described as coincident peak, representing 

total dispatch across all load areas that occurred during a particular market interval. The peak 

experienced during a particular year or season may be affected by events such as unusually hot 

or cold weather in addition to daily and seasonal load patterns. 
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2.4.1. System Peak Demand 

The SPP system coincident peak demand in 2014 was 44,148 MW, which occurred on August 21 

at 5:00 PM. This is lower than the 2013 system peak of 45,256 MW, and about 9% lower than 

the all-time system peak of 47,989 MW in 2011. Figure 2–12 shows a month-by-month 

comparison of monthly peak day demand for the last three years. Summer monthly peaks in 2013 

and 2014 were lower than in 2012 because the last two years experienced summer weather 

patterns close to normal versus the unusually warm summers experienced in 2011 and 2012. 

Weather patterns and resulting impact on energy demand are discussed later in this section. 

Figure 2–12 Monthly Peak Electric Energy Demand for 2012–2014 
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2.4.2. Market Participant Energy for Load 

Figure 2–13 depicts 2014 total energy consumption, Market Participants’ annual loads, and the 

percent of energy consumption attributable to each Market Participant. The largest four 

participants account for over half of the total system load, which is expected since SPP is 

primarily comprised of legacy vertically-integrated utilities, which tend to be quite large. One 

new load entity exists in 2014 and that is City of Fremont, which was previously embedded 

within a larger legacy Balancing Authority. 

Figure 2–13 Market Participant Energy Usage 
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2.4.3. SPP System Energy 

Figure 2–14 shows the monthly system energy consumption in thousands of GWh. Total SPP 

system annual energy consumption in 2013 and 2014 were essentially the same at about 230,000 

GWh. Load was higher in the winter months of 2014 as the result of winter storms, but slightly 

lower than 2013 the rest of the year, resulting in similar total consumption for both years. 

Figure 2–14 Monthly System Energy Consumption for 2012–2014 

 

 

2.4.4. Load Duration Curve 

Figure 2–15 depicts load duration curves for 2012 to 2014. These load duration curves display 

hourly loads from the highest to the lowest for each year. The shape of the curves is typical for a 

summer-peaking system such as SPP. 

In 2014 the total system peak hourly load was 44,148 MW and the minimum was 17,135 MW. 

Comparing annual load duration curves shows differentiation between cases of extreme loading 

events and more general increases in system demand. If only the extremes are higher than the 

previous year, short-term loading events are likely the reason. However, if the entire load curve 
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is higher than the previous year, it indicates that total system demand has increased. Reference 

percentage lines indicate a near identical load pattern over the last three years below the 25% 

reference level. The largest difference to note is loads over the last two years above the 25% 

reference level. This implies a different weather pattern during the summer peak period, which is 

covered in the next section. 

Figure 2–15 Electric Load Duration Curve for 2012–2014 

 

 

2.4.5. Heating and Cooling Degree Days 

Heating and cooling end use demand accounts for 40% of all electrical energy used in the United 

States. This explains why changes in weather patterns from year to year have a significant impact 

on electricity demand. One way to evaluate this impact is to calculate heating degree days 

(HDD) and cooling degree days (CDD). These values can then be used to estimate energy 

consumption, assuming weather patterns were normal. 
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To determine HDD and CDD for SPP, five representative locations
5
 in the SPP market were 

chosen to calculate system daily average temperatures.
6
 In this report, the base temperature 

separating heating and cooling periods is 65 degrees Fahrenheit. If the average temperature of a 

day is 75 degrees Fahrenheit, there would be 10 cooling degree days (75-65). If a day’s average 

temperature is 50 degrees Fahrenheit, there would be 15 heating degree days (65-50). Using 

statistical tools, the estimated load impact of a single CDD was determined to be 3,081 MW 

compared to 446 MW for HDD. The impact of a single CDD on load is significantly higher than 

HDD as expected in part because of the higher saturation of electric cooling than electric heating. 

HDD values were adjusted to reflect load impact differences. 

Figure 2–16 illustrates that 2014 experienced a very similar level of cooling degree days to 2013, 

with both years substantially lower than 2011 and 2012. Lower temperatures in the last two 

summers are the major cause of lower peak loads shown in Figure 2–9 and lower total energy 

consumption shown in Figure 2–14. 

Figure 2–16 Monthly Heating Degree Days and Cooling Degree Days 

 

                                                 
5
 Amarillo TX, Topeka KS, Oklahoma City OK, Tulsa OK, and Lincoln NE. 

6
 Daily average temperature is calculated as the average of the daily lowest and highest temperatures. The source of 

the temperature is NOAA. 
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Figure 2–17 shows the numbers of HDD, CDD, and load levels in 2013, 2014, and the first three 

months of 2015 compared to a normal year. Normal temperatures are defined as a 30-year 

average by National Oceanic and Atmospheric Administration (NOAA). Normal load was 

derived from a regression analysis and normal temperatures. 

The year 2014 was a little warmer than normal for the cooling load season except for July, 

resulting load being a little higher than what would be expected for a normal season (see Figure 

2–17, SPP System Load). Summer temperatures in 2013 were also slightly above a normal year, 

resulting in a very similar relative load to that experienced in 2014. The last two heating seasons 

appear to be slightly above normal as well, which is reflected in an SPP System Load during the 

winter season above what would be expected for a normal year. 
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Figure 2–17 Yearly Degree Days and Loads Compared with a Normal Year 

 

 

2.5. Electricity Supply in SPP 

2.5.1. Generation by Fuel Type and Technology 

An analysis of fuel types used in the SPP Marketplace is useful in understanding pricing as well 

as the potential impact of environmental and additional regulatory requirements on the SPP 

system. Information on fuel types and fleet characteristics is also useful in understanding market 

dynamics regarding congestion management, price volatility, and overall market efficiency. 
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Figure 2–18 depicts annual generation percentages in the SPP Real-Time markets by fuel type 

for years 2007 through 2014. Generation from simple cycle gas units such as gas turbines and 

gas steam turbines continues to decline, decreasing from 13% in 2007 to only 6% in 2014. Gas 

combine cycle generation has remained relatively stable over the same period at about 13–14% 

of total generation. Wind generation continues to increase from less than 3% in 2007 to about 

12% in 2014. This includes an increase of about 1.5% from 2013 to 2014. Coal market share 

decreased about 2% in 2014 to 60% of all generation. The long term trend for coal has been 

relatively flat over the last five years at about 60–62% of total generation. 

Some of the annual fluctuations in fuel market share are driven by the relative difference in 

primary fuel prices, gas versus coal. Gas prices in 2012 were extremely low, resulting in some 

displacement of coal by efficient gas generation as can be seen in the higher generation from 

combined cycle gas plants. The other general trend appears to be the increase in wind generation 

pushing simple cycle gas generation up the supply curve making it less economical. 

Figure 2–18 Percent Generation by Fuel Type – Real-Time Market 
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The year also saw a fair amount of monthly fluctuation in generation by fuel type, as shown in 

Figure 2–19. Wind output in the fall and spring reached 17–18%, displacing coal and natural gas. 

Combined cycle gas output rises through the winter with lower natural gas prices, displacing 

coal. 

Figure 2–19 Generation by Fuel Type – RTBM by Month 

 

 

The SPP footprint experienced delayed rail deliveries of coal in the summer and fall of 2014. 

Market participants raised the offer price on coal units to reflect the opportunity cost of scarce 

fuel, reduced output limits, and initiated outages to preserve coal. A mild summer lessened the 

impact of the fuel supply limitation. An annual comparison of monthly coal output trends, shown 

in Figure 2–20, reveals a drop in 2014 of coal output relative to previous years in October 

through December. When natural gas and oil prices fell in December, coal deliveries resumed to 

their historic pace and competition from combined cycle gas explains the continued displacement 

of energy from coal through the winter. 
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Figure 2–20 Coal-Fired Generation 

 

 

2.5.2. Generation on the Margin 

The system marginal price represents the price of the next MW available to meet total system 

demand. The LMP is the system marginal price plus any congestion charges and loss charges 

associated with the pricing node. Figure 2–21 illustrates which fuel was on the margin, thus 

setting market prices. For a generator to set the system marginal price, the resource must be: (a) 

dispatchable by the market; (b) not at the resource plan minimum or maximum; and (c) not ramp 

limited. 

As highlighted in Figure 2–18, generation from coal-fired resources was responsible for about 

60% of all generation in SPP. Because coal resources in the SPP region are predominantly base 

load units, they set price less than their overall percent of generation. Also, coal plants have 

some mechanical limitations that reduce operational flexibility as compared to other fuel types 

such as certain gas units. 
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Figure 2–21 Real Time Generation on the Margin by Fuel Type 

 

 

Coal on the margin has increased dramatically since the start of the SPP EIS Market, increasing 

from about 30% in the first year of the EIS Market, 2007, to about 52% in the last full year of 

that market, 2013. Coal on the margin for the first year of the Marketplace was lower at about 

47%. This may be the result of fewer large, inefficient gas units committed for capacity and 

running at minimums, allowing coal units to operate at a maximum output thereby not setting 

price as often. 

Two other aspects of the 2014 results worth noting are the significant increase in wind on the 

margin, 4.5%, and the level of Other at about 1%. Wind as the marginal fuel in a significant 

amount of time is as expected because of the quantity of wind generation, almost 12% of total 

generation, and the establishment of wind as a dispatchable resource in the new market. About 

30% of wind capacity in the Marketplace is dispatchable and therefore capable of setting price, 

whereas all but 5% of wind capacity in the EIS Market was a price taker. Other is mostly oil and 

that fuel on the margin is most likely a result of the uncertainty associated with a new capacity 

commitment system implemented with Marketplace and not likely to be as significant as market 
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operations become more experienced and efficient. Figure 2–22 shows a significant reduction in 

the time oil is the marginal fuel over the last four months of the Marketplace first year. 

The significant drop off in marginal wind starting in July 2014 is the result of transmission 

investments that are now relieving some of the congestion and resulting in wind having less price 

impact in the wind production regions of the SPP Marketplace. This topic is discussed in section 

“5.5 Frequently Constrained Areas and Local Market Power” (page 102) of this document. 

Figure 2–22 Real Time Generation on the Margin – Monthly 

 

 

Day-ahead generation on the margin (see Figure 2–23) is different from real time, as would be 

expected in that the Day-Ahead Market is based on model results including virtuals, whereas the 

Real-Time Market is required to adjust to unforeseeable market conditions. The Day-Ahead 

Market oil generation on the margin is trending lower as the market matures, consistent with 

results in the Real-Time Market. Wind on the margin is comparable in the Day-Ahead Market 

with no distinct trends. Coal on the margin in the Day-Ahead Market is noticeably lower, about 

3% lower than in the Real-Time Market during the first 12 months of the Marketplace. This may 

be the result of some displacement by virtual offers. The most significant difference shows up in 

the displacement of gas by virtual offers in the Day-Ahead Market. Virtual energy offers account 

for approximately 24% of the marginal offers in the Day-Ahead Market. The marginal virtual 
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offers occur at all types of settlement location, but 80% are virtual offers at resource settlement 

locations, with a significant amount of activity at the non-dispatchable wind generation 

resources. 

Figure 2–23 Day-Ahead Market Marginal Supply – Monthly 

 

 

Typically coal is on the margin more often in low load months, while gas is on the margin more 

often in high load months. Natural gas units in the SPP region are normally used for load 

following, and have historically been on the margin more than coal. This typical seasonal pattern 

is less obvious in the first year of the Marketplace. 

2.5.3. Generation Interconnection 

SPP is responsible for performing engineering studies to determine if the interconnection of new 

generation within the SPP footprint is feasible and to identify any transmission development that 

would be necessary to facilitate the proposed generation. Types of engineering studies include: 

 Feasibility 

 Preliminary Interconnection System Impact Study (PISIS) 

 Definitive Interconnection System Impact Study (DSIS) 

 Facility (descriptions provided below) 
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The MWs of capacity by fuel type in any stage of development is displayed in Figure 2–24. 

Included in this figure are interconnection agreements in the process of being created, those 

under construction, those already completed, and those in which work has been suspended. As 

can be seen in the figure, wind accounts for the vast majority of proposed generation 

interconnection, about 18,000 MW. Development of wind generation in the SPP region is going 

to continue and the proper integration of wind generation is fundamental to maintaining the 

reliability of the SPP system. Additional wind impact analysis follows in the next section. 

Figure 2–24 Active Generation Interconnection Requests by Fuel Type 

 

 

This chart includes only active GI requests and not IAs that are fully operational. Last year was 

the first year to produce this chart and it included IAs that were fully operational, which accounts 

for the change in capacity. 
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2.6. Growing Impact of Wind on the SPP System 

2.6.1. Wind Capacity and Generation 

The SPP region has a high potential for wind generation given wind patterns in many areas of the 

footprint. Federal incentives and state renewable portfolio standards are additional factors that 

have resulted in significant wind investment in the SPP footprint during the last five years. 

Figure 2–25 below shows an abundance of locations with a high potential for wind development 

in the SPP footprint. The footprint is outlined in black, including the 2015 expansion. Even 

though wind generation continued to expand during 2014, it was substantially less than what was 

experienced in 2012 when the federal tax credits were expected to expire at the end of that year. 

Figure 2–25 US Wind Speed Map 
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Figure 2–26 depicts annual capacity and total generation from wind facilities since 2007. Total 

registered wind capacity at the end of 2014 was 8,606 MW, a slight increase of 2.4% from 2013. 

Despite the only 2.4% capacity increase, wind generation still increased 10% in 2014 from the 

previous year. Wind comprises about 12% of the installed capacity in the SPP Marketplace 

behind only natural gas (47%) and coal (35%). Consistent with previous years, wind generation 

fluctuates seasonally, where summer is usually the low wind season and spring and fall are the 

high wind seasons. 

Figure 2–26 Wind Capacity and Generation 
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2.6.2. Wind Impact on the System 

Wind generation remained consistent from 2013 to 2014 with an average percent of load of 12% 

compared to 11.6% in 2013. The highest level of wind generation for 2014 was 7,725 MW, 

which occurred on December 23. Wind as a percent of load reached a maximum value of 32.7% 

on November 2, which was comparable to the high of 33.6% in 2013. Figure 2–27 shows the 

annual average and the hourly maximum wind generation as a percent of load for the last eight 

years, illustrating a steady increase since the start of the SPP Markets in 2007. 

Figure 2–27 Wind Generation as a Percent of Load 

 

 

Figure 2–28 shows wind production duration curves that represent wind generation as a percent 

of load for 2012, 2013, and 2014. The significant shift up in the curve for 2013 shows wind’s 

increasing contribution to serving load all year long. The curve for 2014 is only slightly higher 

than 2013, reflecting a small increase in total wind generation capacity year over year. It is 

important to note that wind generation is now serving more than 12% of load half of the year 

compared to 7% in 2012. There are now times when wind is the source of generation for more 

than 30% of load. 

Year
Avg Wind Generation as a 

Percent of Load

Max Wind Generation as a 

Percent of Load

2007 2.7% 9.0%

2008 3.6% 11.3%

2009 4.6% 15.4%

2010 5.1% 16.0%

2011 6.5% 20.1%

2012 8.3% 27.3%

2013 11.6% 33.6%

2014 12.0% 32.6%
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Figure 2–28 Duration Curve by Interval – Wind as a Percent of Load 

 

 

2.6.3. Wind Integration 

Wind integration brings low cost generation to the SPP region and supports future capacity needs 

given the aging of the fossil fuel fleet and anticipated environmental regulations. However, a 

number of operational issues exist in dealing with substantial wind capacity. Wind energy output 

varies by season and time of day. This variability is estimated to be about three times more than 

load when measured on an hour to hour basis. Moreover, wind is counter-cyclical to load. As 

load increases (both seasonally and daily), wind production typically declines. The increasing 

magnitude of wind since 2007, along with the concentration, volatility, and timeliness of wind, 

can create challenges for grid operators with regard to managing transmission congestion and 

resolution of ramp constraints. 

Prior to SPP’s Marketplace, Dispatchable Variable Energy Resources (DVER) were subject to 

curtailment in the Energy Imbalance Service Market (EIS) based on impacts to a constraint and 

transmission service priority. Implementation of the SPP Marketplace in March 2014 introduced 

rules so that DVERs could be dispatched down based on offers and LMP in a similar manner to 

other dispatchable resources. Dispatchable wind averages 35% of SPP’s installed wind capacity 
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in 2014. Figure 2–29 illustrates the increase in dispatchable wind from about 28% of total wind 

generation at the beginning of the Marketplace, March 2014, to about 38% of wind generation 

after 12 months, February 2015. This increase in dispatchable wind has helped in the 

management of congestion caused by high levels of wind generation in some western parts of the 

market. 

Substantial transmission upgrades that provided an increase in transmission capability for wind 

producing regions starting in 2014 also helped address concerns related to high wind production. 

This increased capability directly reduces localized congestion, creating a more integrated 

system with higher diversity and greater flexibility in managing high levels of wind production. 

Dispatching DVER wind resources down is usually congestion related and the upgrades 

energized in 2014 have reduced this somewhat. Figure 2–29 reflects this trend downward for the 

first 12 months of the SPP Marketplace, showing dispatchable wind being dispatched below a 

maximum level estimated from wind forecasts. 

Figure 2–29 Dispatchable Wind Generation 

 

Note: DVER – Dispatchable Variable Energy Resource; Non DVER – Non Dispatchable 

Variable Energy Resource; variable energy resources are wind units 
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Non-dispatchable resources were allowed to register as Non-Dispatchable Variable Energy 

Resources (NDVER), provided the resource had an interconnection agreement executed by May 

21, 2011 and was commercially operated prior to October 15, 2012. Because installed wind 

capacity is composed of 65% NDVERs, grid operators must still issue manual dispatch 

instructions to reduce or limit their output at certain times. Figure 2–30 shows the number of 

initiated directives during the EIS and Out-of-Merit Energy (OOME) Marketplace for wind 

resources. These numbers include manual dispatch for both DVER and NDVERs, although most 

are for NDVERs since March 2014. The spike in November 2014 is attributed mostly to the 18 

day outage of the Smokey Hills – Summit 230kV line limiting several NDVERs in the area. 

Figure 2–30 Manual Dispatch 
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SPP is at the forefront among RTOs in managing wind energy integration with a traditional fossil 

fuel fleet. The Integrated Marketplace has reliably dispatched generation with wind serving up to 

33% of load. Section “3. Energy and Operating Reserve Markets” (page 47) addresses some of 

the market efficiency issues encountered in providing the market ramping capability needed to 

manage wind integration, and the MMU has recommendations to support this aspect of the 

market. SPP and its stakeholders continue to discuss future improvements in this area. 
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3. Energy and Operating Reserve Markets 

Prior to the start of the Integrated Marketplace and the SPP Centralized Balancing Authority, 

SPP was composed of 16 distinct balancing authorities, and the participants in the SPP real-time 

market, the Energy Imbalance Service (EIS) Market, made their own commitment decisions. A 

key driver for the development of the Integrated Marketplace was the promise of efficiency gains 

and cost savings through a centralized unit commitment process. Figure 3–1 shows that SPP has 

indeed made significant strides in this respect. The amount of online capacity relative to energy 

demand is on average 10% less in the RTBM as compared to levels in the EIS Market. A 

breakdown between on- and off-peak hours shows a decrease of 8% in on-peak hours and 12% in 

off-peak hours. 

Figure 3–1 Online Capacity as Percent of Demand 
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3.1. Unit Commitment Processes 

The Integrated Marketplace employs a centralized unit commitment program to determine an 

efficient commitment of generation resources to meet energy demand and the operating reserve 

requirements. The principal component of the commitment program is the Day-Ahead Market, 

which uses a rigorous algorithm to determine a least cost commitment that meets day-ahead 

energy demand and operating reserve requirements. It is necessary to commit additional capacity 

outside the Day-Ahead Market to ensure all reliability needs are addressed and to adjust the day-

ahead commitment for real-time conditions. This is done through SPP’s Reliability Unit 

Commitment processes. SPP employs four reliability commitment processes: (i) the Multi-Day 

Reliability Assessment; (ii) the Day-Ahead Reliability Unit Commitment (DA RUC) process; 

(iii) the Intra-Day Reliability Unit Commitment (ID RUC) process; and (iv) manual commitment 

instructions issued by the RTO. Figure 3–2 shows a timeline describing when the various 

commitment processes are executed. 

Figure 3–2 Commitment Process Timeline 

 

 

Multi-Day Reliability Assessments are made for at least three days prior to an operating day. 

This assessment determines if any long-lead time generators are needed for the operating day. 

The Day-Ahead Market is executed on the day before the operating day, and the results are 

posted by 1600 hours. The Day-Ahead Market treats any generators identified in the Multi-Day 

Reliability Assessment as must-commit resources. The DA RUC process is executed 

approximately one hour after the posting of the Day-Ahead Market results. This allows Market 

Participants time to re-bid their resources. The ID RUC process is run throughout the operating 

day, with at least one execution of the ID RUC occurring every four hours. SPP operators also 

issue manual commitment and de-commitment instructions during the operating day to address 
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reliability needs that are not fully reflected in the security constrained unit commitment 

algorithm that is used for commitment decisions in the DA and ID RUC processes. 

3.1.1. Overview 

The SPP resource fleet, excluding variable energy resources, experienced 22,000 starts during 

the first 12 months of the Integrated Marketplace. Figure 3–3 and Figure 3–4 provide a 

breakdown of where the commitment decision originated. Figure 3–3 is based on the number of 

resources committed and Figure 3–4 is based on capacity committed. 

Figure 3–3 SPP Start-Up Instructions by Resource Count 
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Fifty percent (50%) of start-up instructions were a result of the Day-Ahead Market, which 

includes the Multi-Day RUC commitments. A limiting factor on the number of day-ahead 

commitments is that the optimization algorithm is restricted to a 48 hour window; hence, large 

base-load resources with substantial start-up costs may not appear economic to the Day-Ahead 

Market commitment algorithm. The expectation is that the Market Participants will choose to 

self-commit the long-lead time resources, which contributes to the large number of self-

commitments. The DA RUC, ID RUC, and manual commitments represent 27% of the resource 

start-ups. Figure 3–4 provides a slightly different look at the data with the percentages based on 

capacity committed to start-up. The primary reason for the percentage differences between the 



3. Energy and Operating Reserve Markets 

2014 State of the Market  |  50 

two charts is that the larger base-load resources are either self-committed or committed by the 

Day-Ahead Market, and smaller resources with shorter lead times are more frequently committed 

in the DA RUC, ID RUC, and manual commitment process. 

Figure 3–4 SPP Start-Up Instructions by Resource Capacity 
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Once within the operating day, commitment flexibility is severely constricted by resource start-

up times. This is particularly noticeable with respect to the gas-fired resource fleet. SPP issued 

over 12,000 start-up instructions to gas-fired generators. Figure 3–5 shows that almost all start-

up instructions issued to combined cycle generators are the result of the Day-Ahead Market. 

Day-ahead starts for gas-fired generators with simple cycle technology account for 50% of their 

starts, reflecting the fact that Day-Ahead Market prices are rarely high enough to support these 

more expensive resources. Alternatively, the reliability commitment processes make 

commitments to maintain reliability standards and oftentimes the reliability needs are not 

reflected in the real-time prices. Therefore, reliability commitment processes, more often than 

the Day-Ahead Market, make commitments that are not supported by the price levels. These 

situations often lead to make whole payments and put the generators at risk for not earning 

sufficient revenues to cover their going-forward costs. The next section discusses the drivers 

behind the reliability commitments. 
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Figure 3–5 Origin of Start-Up Instruction for Gas-Fired Resources 

Commitment Process Combined Cycle Simple Cycle – CT Simple Cycle – ST 

Day-Ahead Market 97% 54% 50% 

DA RUC 1% 4% 20% 

ID RUC 1% 29% 27% 

Manual Instruction 0% 14% 3% 

 

3.1.2. Demand for Reliability 

In the previous section we noted that 27% of SPP start-up instructions originated from the SPP 

reliability commitment processes: DA RUC (3%), ID RUC (16%), manual-regional reliability 

(7%), and manual-local reliability (1%). To understand the need for the reliability commitments 

it is useful to discuss the different assumptions, requirements, and rules that are used in the 

reliability commitment processes versus the Day-Ahead Market. A fundamental difference is the 

definition of energy demand between the two studies. The energy demand in the Day-Ahead 

Market is determined by the bids submitted by the Market Participants. The bid-in load will not 

necessarily be a good indicator of the actual energy demand and hence the DA RUC and ID 

RUC processes use a load forecast to measure the energy demand. 

Another important difference between the two studies is the virtual transactions. Market 

participants submit virtual bids to buy and sell energy in the Day-Ahead Market. A virtual bid is 

not tied to an obligation to generate or consume energy; rather, it is a financial instrument that is 

cleared by taking the opposite position in the Real-Time Balancing Market. Since the reliability 

commitment processes must ensure sufficient generation is online to meet the energy demand, 

virtual transactions are not used in the DA and ID RUC algorithms. 

The assumptions regarding wind generation differ as well. A wind forecast is used by the 

reliability commitment processes while the Market Participants determine the participation levels 

for their wind generators in the Day-Ahead Market. Import and export transaction data are also 

updated to include the latest information available for the reliability processes. 

These types of differences lead to resource gaps between the day-ahead and real-time. Figure 3–

6 displays the average aggregated resource gaps for the first 12 months of the Integrated 

Marketplace. The resource gaps are the sum of: (i) the real-time wind in excess of the cleared 
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supply bids on wind generators in the Day-Ahead Market; (ii) real-time load in excess of load 

cleared in the Day-Ahead Market; (iii) virtual supply net of virtual demand; (iv) real-time net 

exports in excess of day-ahead net exports; and (v) real-time losses in excess of day-ahead 

losses. 

Figure 3–6 Average Day-Ahead Market/RUC Resource Gaps 
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In March 2014, Figure 3–6 indicates the average hourly resource gap for the month was 

approximately negative 500 megawatts. For most months the resource gaps are a few hundred 

megawatts, indicating that some additional generation may need to be committed after the Day-

Ahead Market. The principal driver for the large negative resource gaps in March 2014, 

November 2014, and January 2015 is a low level of virtual supply net of virtual demand. It is 

generally true that real-time wind generation exceeds the clearing of wind in the Day-Ahead 

Market. However, in most months virtual transactions fill the gap between day-ahead and real-

time wind. The mismatch between real-time and day-ahead wind is expected because Market 

Participants with wind generation assets often choose to avoid a day-ahead position given the 

uncertainty of the fuel supply. 
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In both March and April, real-time wind exceeded day-ahead wind by approximately 1,000 

megawatts on average. However, the virtual supply net of virtual demand in April was 800 

megawatts and only 300 megawatts in March 2014. Virtual supply dropped off in the last few 

months of the 12 month period, with virtual demand exceeding virtual supply on average. The 

reduced virtual activity coupled with the wind differences also led to a negative resource gap in 

January 2015. 

Figure 3–7 Average Hourly Capacity Increases 
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The resource gaps are clearly not insignificant, but they are not high enough to explain the level 

of commitments in the reliability commitment processes. Figure 3–7 compares online capacity 

between the Day-Ahead Market and the RTBM. The chart indicates in March 2014 an additional 

1,500 megawatts of capacity was online during the RTBM relative to the capacity cleared in the 

Day-Ahead Market. The bars are consistently above 1,500 megawatts through September 2014 

and are seemingly uncorrelated with the resource gaps in Figure 3–6. We do see a distinct shift 

downward in the chart beginning in October 2014 and continuing through February 2015. At this 

time it is not clear if this represents a seasonal shift or perhaps a change in the reliability 
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commitment process. We conclude from Figure 3–6 and Figure 3–7 that the so-called resource 

gaps are not a major driver for commitments originating from the reliability commitment 

processes. 

3.1.3. Ramp Constraints 

One well-known and much discussed issue with respect to reliability commitments is the need 

for ramp. Real-time electricity markets continuously need to ramp up and ramp down in short 

intervals of time. This is present in all electricity markets and to some extent is caused by 

increasing and decreasing load, but in SPP the volatility of wind generation acerbates the need 

for ramp capability. The SPP market design recognizes this need and includes a headroom 

constraint in the DA RUC and ID RUC algorithms. It is difficult to know the impacts of the 

headroom constraint but the MMU does believe the ramp demand is a major driver of the 

reliability commitments in excess of the resource gaps. What is not clear is if these commitments 

are resulting from the headroom constraint in the DA RUC and ID RUC algorithms or rather the 

manual commitment process whereby they show up in the data as manual commitments for 

regional reliability. 

The issue with ramp procurement is a problem in all of the RTOs in the United States and was a 

topic in the price formation workshops held by the FERC in 2014. Resources committed to 

provide additional capacity for ramp capability, whether as a result of applying the headroom 

constraint in a reliability commitment algorithm or a manual process, depress the real-time price 

signals. The cost of bringing the resource online is not reflected in the real-time prices, and often 

the real-time prices will not be high enough for the resource to recover its operating costs. Figure 

3–7 includes the average system marginal price for both day-ahead and real-time. For the first 12 

months, the day-ahead system marginal price exceeds the real-time by $1/MWh, up to $5/MWh 

in some months. Many factors contribute to the price differences between day-ahead and real-

time, and we are unable to quantify the impacts of the reliability commitments on the real-time 

prices. But the direction of the impact is clear—reliability commitments dampen the real-time 

price signals. Several RTOs, including SPP, are currently studying the possibility of adding a 

ramping product to their array of ancillary service products and the MMU supports this effort. 
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3.1.4. Quick-Start Resources Commitment 

A quick-start resource is defined by SPP as resources that can be started, synchronized, and 

inject energy within ten minutes of SPP notification. The Market Monitoring database indicates 

that the SPP generation fleet includes 74 resources that meet the ten-minute start-up time 

requirement for quick-start capability. The total capacity for the quick-start capable resources 

totals 3,000 megawatts and consists of a mix of gas-fired, hydro, and oil-fire generators. Sixty-

one of the 74 quick-start capable resources were committed by the reliability commitment 

processes during the first year of operation. Six additional resources submitted real-time bids 

with cold start-up times less than or equal to ten minutes and were also committed by the DA 

RUC or ID RUC processes. Figure 3–8 summarizes the start-up instructions issued to resources 

with real-time bids indicating a ten-minute start-up capability. In total, 2,506 start instructions 

were issued for a total capacity of 131 gigawatts during the first 12 months of the Integrated 

Marketplace. One statistic of particular interest is the average lead time for the start-up orders. 

The lead-time is calculated as the number of hours between the commitment notification time 

and the first hour of the ten-minute resource’s commitment period. The average lead-time for 

ten-minute resources started by the DA RUC study is 16 hours; for the ID RUC, the average lead 

time is three hours. 

Figure 3–8 Reliability Commitments of Quick Start Resources 

Reliability 

Commitment 

Process 

Number of Starts 
Committed 

Capacity (MW) 

Lead Time 

(hours) 

Hours in Original 

Commitment 

Actual Hours 

Online 

DA RUC 153 6,500 16 3.0 8 

ID RUC 1,192 59,400 3  2.5  4 

Manual 1,161 64,700 0.25 2.0 4 

 

The number of hours in the initial commitment instructions averaged three hours for the DA 

RUC starts and 2.5 hours for the ID RUC. Once online the ten-minute resources are often picked 

up by subsequent reliability processes and kept online. The actual hours online was eight hours 

on average for the DA RUC starts and four hours for the ID RUC starts. The average minimum 

run-time for this group of resources is approximately one hour. 
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The level of make whole payments associated with the commitment of ten-minute resources in 

reliability commitment processes is noteworthy. Well over half of the 2,506 starts in Figure 3–8 

resulted in make whole payments totaling $11 million. Resources with operational flexibility 

should not rely on make whole payments as a significant source of revenue. In addition to the 

efficient ten-minute start-up, these resources typically have low minimum run times and higher 

than average ramp rates. This operational flexibility coupled with five-minute settlement in the 

RTBM should make the need for make whole payments a rare occurrence. 

There appears to be significant opportunity to improve the commitment efficiency of quick-start 

resources. Committing these resources hours ahead of the actual start time, sometimes more than 

a day, ignores the value of their flexible capability. The value of flexibility, the value of waiting, 

is prevalent throughout markets, and the current treatment of ten-minute resources by the system 

operator ignores this value. 

Section 4.4.2.3.1 in the Integrated Marketplace Protocols describes the RTBM dispatch of 

resources with quick-start capability. However, the ability for the system operator to optimally 

deploy the quick-start resources appears to be hampered by concerns that the quick-start 

resources will not perform when needed. Uncertainty as to the resources’ true capabilities 

contributes to these concerns. There is also a system issue contributing to the inefficient 

commitment of 10-minute resources. The issue is that the automated reliability commitment 

processes, the DA RUC and ID RUC, are unable to account for resources participating in the 

RTBM as quick-start ready resources, and therefore unable to adjust the online capacity 

calculations to reflect the additional capacity available for dispatch. Without changes to the 

system, a manual work-around must be used to track the quick-start capacity available in the 

RTBM. 

RTO staff began working with stakeholders in June 2014 to address the quick-start design issues. 

The initial effort to find a workable solution did not produce results; however, in May 2015 RTO 

staff presented a new design proposal that was well received by stakeholders and it appears that 

the stakeholder process will lead to new rules governing the commitment and dispatch of quick-

start resources in the latter half of 2015. 
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MMU Recommendation 1. Quick Start Logic 

RTO staff should continue working with stakeholders and the MMU in the development of new 

rules governing the dispatch of quick-start resources. Two key components of the new design are 

as follows: (1) Resources with a ten-minute start capability should not be subject to an ID RUC 

or DA RUC commitment; and (2) resources that are participating in the RTBM as quick-start 

resources should not be eligible for a make whole payment. The second key component is likely 

to cause concern, but a properly designed quick-start deployment coupled with five-minute 

settlement alleviates the need for a make whole payment, and eliminating a make whole payment 

incents the offering of ramp to the market. 

3.2. Real-Time Balancing Market 

The Real-Time Balancing Market (RTBM) is the real-time market for Energy, Regulation-Up 

Service, Regulation-Down Service, Spinning Reserves, and Supplemental Reserves. The RTBM 

algorithm co-optimizes the clearing of energy and operating reserve products. The RTBM clears 

every five minutes for all products. The settlement of the RTBM also occurs at the five minute 

level, and the settlement is based on Market Participants’ deviations from their day-ahead 

positions. 

3.2.1. Energy and Ancillary Service Prices 

Energy prices in SPP track very closely with the price of natural gas. This was true in the Energy 

Imbalance Service (EIS) Market and continues to be the case in the Integrated Marketplace. 

Figure 3–9 shows the average real-time energy price for the past eight years. The 2014 average 

includes two months of Locational Imbalance Prices (LIPs) from the EIS Market and ten months 

of Locational Marginal Prices (LMPs) from the Integrated Marketplace. The 2014 average 

energy price of $31.42 is a 21% increase over the comparable 2013 average price. The 2014 

average price of natural gas at the Panhandle Eastern Pipeline hubs is $4.45, a 24% increase over 

2013 levels. In 2014 the annual average gas price and  the annual average energy price are 

noticeably skewed by the high gas prices that occurred in February 2014 due to the number and 

intensity of winter storms. 
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Figure 3–9 Real-Time Energy Price 

 

 

The impact of the winter storms is clear in the monthly average energy price chart in Figure 3–

10. The average gas price at the Panhandle Eastern Pipeline hub was $8/MMBtu for the month of 

February, resulting in a real-time SMP of $43/MWh. The gas price dropped sharply in March 

2014 to $5/MMBtu on average, and has since gradually dropped to just below $3/MMBtu in 

February 2015. Similarly, the average SMP dropped from the high of $44/MWh in February 

2014 to $25/MWh in February 2015. The most notable exception to gas-electricity price 

correlation occurs in May 2014. Except for March 2014 when there were gas supply 

interruptions, May 2014 was impacted by scarcity pricing more so than any other month. In May 

2014 the RTBM experienced 10 minutes of operating reserve shortage, 1 hour and 20 minutes of 

regulation shortage, and 7 hours and 35 minutes of Spinning Reserve shortages. The average 

SMP during the nine hours of shortage pricing during May was $400/MWh, a shortage pricing 

impact of approximately $300/MWh. 

Electricity price and gas price are also negatively correlated in July and August. This is a typical 

pattern that SPP experiences in most years because higher summer loads result in less efficient 
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gas unit commitments. As a result, prices are higher even though the gas price is flat through the 

hottest part of the summer. 

Figure 3–10 Real-Time Energy Price by Month 

 

 

Average real-time prices for the operating reserve products are presented in Figure 3–11. All 

four products hit their high marks for the 12 month period in March 2014. The 12 month average 

marginal clearing price for Regulation-Up service is $14.14/MW. The 12 month averages for 

Regulation Down Service, Spinning Reserves, and Supplemental Reserves are $12.21/MW, 

$4.48/MW, and $2.20/MW respectively. The general pattern is similar to the energy price chart 

in Figure 3–10 with scarcity pricing impacts in March and May. 

In late September the RTO stopped enforcing the reserve zone constraints. The energizing of 

new transmission lines in the western part of the SPP footprint alleviated the need for zonal 

procurement of the reserve products. This should foster increased competition in the market for 
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operating reserves and is consistent with the downward trend in prices we observe in Figure 3–

11 over the last few months of the period. 

Figure 3–11 Real-Time Operating Reserve Product Prices 
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3.2.2. Real-Time and Day-Ahead Price Comparisons 

Figure 3–12 is a comparison of the Day-Ahead Market system marginal price with the RTBM 

counterpart. The average price differences are right around $1/MWh or less for all but three 

months. The day-ahead SMP exceeded the real-time SMP by $5.35/MWh and $4.23/MWh in 

April and June, respectively, and by $1.49/MWh in July. 

Figure 3–12 System Marginal Price Day-Ahead and Real-Time 
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Figure 3–13 shows the day-ahead and real-time energy prices at the two SPP market hubs. The 

SPP North Hub is composed of pricing nodes in the northern part of the SPP footprint and the 

SPP South Hub is composed of pricing nodes in the south-central portion of the footprint. The 

general pattern of higher prices in the south and lower in the north is primarily due to fuel mix 

and congestion. Coal, nuclear, and wind are the dominant fuels in the north and west. Gas is the 

predominate fuel in the south. The day-ahead premium, the amount by which the day-ahead 

energy price exceeds the real-time energy price, is much larger at the North Hub. The annual 

average day-ahead premium is $2.83 at the North Hub versus only $0.50 at the South Hub. The 

high premiums at the North Hub are driven by downward price spikes in the RTBM. 

Figure 3–13 Market Hub Prices 

 

 

Figure 3–14 presents the probability density curves associated with the energy prices at the SPP 

North Hub. The real-time curve is noticeably shifted to the left of the day-ahead curve, and there 

is significant area under the RTBM curve just above the zero dollar tick on the horizontal axis. 
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This is indicative of negative pricing at the North Hub in the RTBM. The increase in online 

capacity contributes to the leftward shift. Real-time congestion related to wind generation is also 

a contributing factor. A similar leftward shift is evident in Figure 3–15, which shows the 

comparable graph for the SPP South Hub. 

Figure 3–14 North Hub Price Density Curves 
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Figure 3–15 South Hub Price Density Curves 
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3.2.3. Ancillary Services Prices 

The day-ahead and real-time price patterns vary across the ancillary service products. Figure 3–

16 through Figure 3–19 provide comparisons between day-ahead and real-time for the first 12 

months of the market. The Regulation-Up Service average price varied from $10/MW to 

$20/MW during the first 12 months with no clear pattern evident between day-ahead and real-

time. On the other hand, the real-time price for Regulation-Down Service consistently exceeds 

the day-ahead price. The annual average real-time price is $4/MW higher than the day-ahead 

price. This price difference correlated highly with congestion on the transmission constraint 

OSGCANBUSDEA, indicating its relationship with a market clearing engine limitation. The 

RTBM did not recognize the reliability impact of the deployment of Operative Reserves, 

especially Regulation Down, on the constraint. SPP disqualified resources that relieved the 

constraint from Regulation Down during the operating day, which required clearing more 

expensive resources to meet the Regulation-Down requirement.7 Spinning Reserve prices are 

generally lower in real-time and supplement reserve prices are generally higher in real-time. 

                                                 
7
 At the time of this report, SPP staff had just introduced a proposed solution, Reserve Post-Deployment Constraints. 
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Figure 3–16 Regulation-Up Service Prices 

 

Figure 3–17 Regulation-Down Service Prices 

 

Figure 3–18 Spinning Reserve Prices 
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Figure 3–19 Supplemental Reserve Prices 

 

 

3.2.4. Market Settlement Results 

Ninety-seven percent (97%) of energy consumed in the Integrated Marketplace was settled in the 

Day-Ahead Market. Figure 3–20 shows that 228 terawatt-hours of energy were purchased in the 

Day-Ahead Market at load settlement locations. Approximately six of the 228 terawatt hours 

were in excess of the real-time consumption, resulting in real-time sales at the load settlement 

location. An additional seven terawatt-hours of energy were purchased in the RTBM. 

Figure 3–20 Energy Settlements – Load 

 
Day-Ahead 

Market Purchases 

RTBM 

Purchases 
RTBM Sales 

Load – Energy (GWh) 227, 764 7,124 5,757 

Cash Flow (Millions) $7,815 $236 $181 

 

Ninety percent (90%) of generation was settled in the Day-Ahead Market. Figure 3–21 presents 

the settlement numbers for the generation assets. Eight percent (8%) of the energy cleared in the 

Day-Ahead Market was settled by purchasing energy in the RTBM rather than generating the 

energy. The displacement of day-ahead energy is partially due to the participation of the wind 

generators. Thirty-one percent (31%) of the 29,000 gigawatt-hours of wind generation cleared in 

the RTBM. The additional 1,000 to 1,500 megawatts committed by the reliability commitment 

processes also impacts the real-time purchases by generators. 
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Figure 3–21 Energy Settlements – Generation 

 
Day-Ahead 

Market Sales 
RTBM Sales RTBM Purchases 

Energy (GWh) 229,460 23,238 19,081 

Cash Flow (Millions) $7,287 $649 $574 

 

The RTO plays the role of the customer in the ancillary services market. At 0700 hours on the 

day before the operating day, the RTO posts the amount of each operating reserve product that is 

to be procured, and this data sets the demand for the products for the Day-Ahead Market. The 

RTO can change the demand levels after the clearing of the Day-Ahead Market. Contingency 

reserves were increased by 54 megawatts for part of one day in August but generally there are no 

significant changes. Even though the demand is essentially the same between the Day-Ahead 

Market and the RTBM, there is considerable activity with respect to the operating reserve 

products in the RTBM. Figure 3–22 presents the settlements data. 

Figure 3–22 Operating Reserve Settlements 

 Day-Ahead 

Market Sales 
RTBM Sales RTBM Purchases 

Regulation Up Service 

(GW-Hours) 
2,904 1,122 1,126 

Regulation Down 

Service (GW-Hours) 
2,904 1,096 1,097 

Spinning Reserves 

(GW-Hours) 
5,759 2,116 2,119 

Supplemental 

Reserves (GW-Hours) 
5,698 1,338 1,334 

 

A large percentage of day-ahead sales are settled in the RTBM by purchasing the reserve product 

rather than supplying the service in the RTBM. Forty percent (40%) of the day-ahead sales of 

regulation up service are settled through purchasing the product in the RTBM. This is in contrast 

to 90% of energy generation settling at the day-ahead prices. Only 61% of the real-time 

Regulation-Up Service is settled at the day-ahead prices. The corresponding percentages for 

Regulation-Down Service, Spinning Reserves, and Supplemental Reserves are 62%, 63%, and 

77% respectively. This essentially means that the operating reserve products are being moved 

around to different resources. This is likely due to the additional capacity online as part of the 
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reliability commitment processes. Resources that were not committed in the Day-Ahead Market, 

and subsequently committed by a reliability commitment process, are generally more expensive 

and once online it is economical to carry reserves on these resources. As noted previously, the 

RTO commits between 1,000 and 1,500 MW through the reliability commitment processes, 

which increases the supply from which the reserve product demand can be served. 

One issue that is not clear is the high level of Regulation-Down Service that is being purchased 

by generation owners to cover their day-ahead positions. Figure 3–17 shows that real-time prices 

consistently exceed the day-ahead prices for Regulation-Down Service. This means that 38% of 

the regulation-down megawatts that clear in the Day-Ahead Market are oftentimes being bought 

back at a higher price. In most cases this should not be an issue due to the co-optimization of 

energy and operating reserves. Presumably, the resource’s capacity is being more efficiently used 

for energy generation. However, there are cases where the resources are taken out of the real-

time market for regulation due to transmission constraint issues. In these cases, the set-point 

required for the provision of regulation services causes a transmission constraint to overload. 

SPP staff has developed a proposed solution to the system limitation, and the market monitor is 

making a mitigation design change related to this issue; see the mitigation design 

recommendations in section “Error! Reference source not found. Error! Reference source 

not found.” (page Error! Bookmark not defined.). 

3.2.5. Shortage Pricing 

The Integrated Marketplace employs scarcity pricing demand curves to administratively set price 

during capacity shortages. The RTBM experienced 58 hours of capacity shortages in the first 12 

months of market operation. Most shortages (83%) were for Spinning Reserve. There were eight 

hours of regulation shortages and two hours of operating reserve shortages. A capacity shortage 

occurs when there is not enough online generation to meet both the energy demand and the 

operating reserve requirements. No capacity shortages occurred in the Day-Ahead Market. 

Figure 3–23 displays the number of shortage hours and the corresponding average of the SMP. 

The high SMP during the operating reserve shortage reflects the $1,100/MW scarcity demand 

curve. Similarly, the average SMPs when short of regulation and Spinning Reserves reflect the 

$600/MW and $200/MW scarcity demand curves, respectively. Note that in each instance the 



3. Energy and Operating Reserve Markets 

2014 State of the Market  |  69 

corresponding SMP is higher than the demand curve because the SMP includes the marginal cost 

of energy as well as the administratively determined marginal cost of not clearing sufficient 

reserves. 

Figure 3–23 Capacity Shortages 
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There were eight separate operating reserve shortage events in the first year of the market spread 

across six days. A single shortage event is composed of consecutive RTBM solutions with a 

shortage. The average duration of the eight events was 12 minutes. The longest event lasted 45 

minutes on March 3, 2014, which was caused by gas supply limitations. A 15 minute operating 

reserve shortage occurred on August 21, 2014, which was triggered by a forced outage of a 

generator. Figure 3–24 provides details on the capacity shortages that occurred during the first 12 

months of the Integrated Marketplace. 
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Figure 3–24 Capacity Shortage Statistics 

Shortage Type 
Number of 

Events 

Average 

Duration 

(minutes) 

Maximum 

Duration 

(minutes) 

Average Shortage 

Amount (MW) 

Maximum 

Shortage Amount 

(MW) 

Aggregate 

Operating 
Reserves  

8 12 45 307 586 

Regulation-Up 70 7 25 92 430 

Spinning 

Reserves 
294 10 55 115 602 

 

The hour of the day experiencing the most shortage events is not surprisingly the hour between 

6:00 AM and 7:00 AM. Regulation shortages tend to occur in the morning ramp as well as 

between 8:00 PM and 11:00 PM as the online capacity is reduced for the off-peak hours of the 

day. Spinning reserve shortages are more evenly spread throughout the peak hours of the day. 

Figure 3–25 Capacity Shortages – Hour of Day 
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Scarcity pricing is an important component of the Integrated Marketplace. It is during the 

shortage events that quick-start and fast ramping resources earn a significant portion of their 

annual revenue. These resources generally have higher costs and low capacity factors, and 

therefore must generate income at a much higher rate than base or intermediate load resources. 

Scarcity pricing is an effective means for sending a correct price signal to these resources. 

Prices generally exceed $1,000/MWH during operating reserve shortages. This provides an 

incentive for resources to ramp up quickly and for quick-start resource to come online. One area 

where the Market Monitor contends that the correct price signal is not being sent is with respect 

to ramp-constrained capacity shortages. A ramp-constrained operating reserve shortage occurs 

when there is enough capacity online, but due to ramp constraints the market is unable to meet 

both the energy demand and the operating reserve requirements. 

There were 66 hours of ramp-constrained operating reserve shortages, and 36 hours of ramp-

constrained regulation shortages. The price signals during these events are dramatically different 

than the signals during a capacity shortage. The average SMP during the ramp-constrained 

operating reserve shortages was $114/MWh. During ramp-constrained operating reserve 

shortages, the market clearing engine relaxes the reserve requirement to the level that the market 

can provide given the ramp constraints, and then the market resolves and posts the prices. The 

resulting prices reflect the marginal cost of energy and cost of meeting the reduced reserve 

requirements. There is no indication in the prices that the full amount of reserves has not cleared. 

This price signal does not provide the correct incentives for fast ramping resources. 
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Figure 3–26 Ramp Constrained Shortages 
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The prices during ramp constrained operating reserve shortages should reflect the cost of a 

reduction in system reliability, and the cost of any operator actions that are employed to 

counteract the ramp shortage such as resource commitment. Prices that reflect these costs 

incentivize fast ramping and quick-start capable resources to participate in the markets. 

Figure 3–27 Ramp-Constrained Shortage Statistics 

Shortage Type 
Number of 

Events 

Average 

Duration 

(minutes) 

Maximum 

Duration 

(minutes) 

Average 

Shortage 

Amount (MW) 

Maximum 

Shortage 

Amount (MW) 

Aggregate 

Operating 

Reserves  

547 7 55 47 454 

Regulation 321 7 35 24 304 

Spinning 

Reserves 
0 0 0 0 0 
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MMU Recommendation 2. Ramp-Constrained Shortage Pricing 

The Market Monitor recommends pricing the ramp-constrained operating reserve shortages in a 

manner similar to the operating reserve capacity shortages. The RTO should consider upward 

sloping scarcity pricing demand curves, similar to those in place in the Mid-Continent ISO that 

apply to both capacity and ramp-constrained shortages. The megawatt shortages associated with 

ramp-constrained shortages are generally lower and an upward sloping scarcity demand curve 

will capture the increasing cost associated with the larger shortages. 

3.2.6. Make Whole Payments 

The Integrated Marketplace provides uplift payments to generators to ensure that the market 

provides payment sufficient to cover the short run marginal cost of energy and operating reserves 

for a market commitment period. To preserve the incentive for a resource to meet its market 

commitment and dispatch instruction, market payments should cover the sum of the incremental 

energy cost, start-up cost, and no load cost. Any net revenue beyond those costs supports annual 

avoidable costs and capital costs. Figure 3–28 conceptually depicts costs and revenues for a 

simple case of a resource cleared for one market interval for energy only. The make whole 

payment provides additional market payment in cases where net revenue is negative, to make the 

resource whole to its short run energy, start-up, and no load costs. 
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Figure 3–28. Revenue and Cost Conceptual Graph 

 

 

The calculations separately evaluate Day-Ahead Market commitments based on Day-Ahead 

Market prices, dispatch, and cleared offers and RUC commitments based on RTBM prices, 

dispatch, and cleared offers, summing revenues and costs across contiguous market intervals for 

the shorter of the commitment period or the operating day. 

For the first year of the market, DA Market and RUC make whole payments totaled 

approximately $77 million. As shown in Figure 2–4, make whole payments averaged about 

$0.33/MWh for the year. In comparison to other RTOs, this falls on the low end of the range 

reported by the Federal Energy Regulatory Commission of $0.30 to $1.40/MWh.
8
 This is not 

surprising, given that SPP has fewer types of make whole payments than other RTOs. Figure 3–

29 shows monthly DA Market and RUC make whole payment totals by fuel type. Day-ahead 

make whole payments constitute about one third of the total. SPP pays about 90% of all make 

                                                 
8
 See FERC Staff Analysis of Uplift in RTO and ISO Markets, August 2014, Docket AD14-14. 
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whole payments to gas-fired resources, and 76% of all make whole payments to simple cycle gas 

resources through RUC make whole payments. 

Figure 3–29 Make Whole Payment Totals by Fuel Type 

 

 

As discussed in section “3.1.3 Ramp Constraints” (page 54), RTBM prices frequently do not 

support the cost of RUC commitments resulting in make whole payments. RUC make whole 

payments to combustion turbines remained steady at about $400,000 each month until natural 

gas prices fell. Many of the commitments result from local reliability issues, uncaptured 

congestion in the Day-Ahead Market, and SPP’s rampable headroom requirement. These causes 

of uplift in SPP’s market are similar to those discussed in other RTOs in the September 8, 2014 

FERC Price Formation Workshop, for which the Commission prepared the previously mentioned 

study.
9
 

Make whole payments trended downward over the course of the year. Mostly, this occurred with 

the fall in natural gas prices in winter. Some anomalies in the first months of the market resulted 

in higher coal make whole payments. For example, an approximate $800,000 make whole 

payment to a coal plant occurred in late March 2014 with a discrepancy between the DA Market 

                                                 
9
 See FERC Docket AD 14-14. 
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and the DA RUC forecasts. DA Market make whole payments for coal in spring 2014 primarily 

resulted from high levels of congestion and a technical issue at a large resource. About $265,000 

in RUC make whole payments to oil-fired resources in March 2014 resulted from natural gas 

scarcity during the first week of that month. With the exception of May 2014, RUC make whole 

payments to oil fell significantly in subsequent months. 

Other RTOs and the FERC have noted high levels of concentration in make whole payments in 

the other markets. Figure 3–30 shows that most SPP resources received modest total annual 

make whole payments, while one resource received over $4 million and six resources received 

over $2 million. 

Figure 3–30 Concentration of Make Whole Payments by Plant 
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SPP frequently used one of these six resources to support a local reliability issue and four to 

frequently relieve congestion. The sixth is the coal resource receiving the March RUC make 
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whole payment described above. Unlike other RTOs, no resource received over $5 million.
10

 

Figure 3–31 reveals some concentration in the Market Participants that received the highest 

levels of make whole payments. These statistics place SPP in the middle of the pack relative to 

the other RTOs.
11

 The concentration coincides with the 63% share of generation by five 

participants. 

Figure 3–31 Market Participants Receiving Make Whole Payments 

Participant Total MWP Category Count of Participants Share of Total MWPs 

Greater than $5 million 6 71% 

Greater than $10 million 2 33% 

 

3.2.6.1. Potential for Manipulation of Make Whole Payment Provisions 

The MMU has noted vulnerability that Market Participants could potentially manipulate in SPP’s 

make whole payment provisions. In the first year of the market, the MMU worked closely with 

the SPP Market Design, Operations, and Settlements departments to minimize exposure, make 

adjustments to market design, and monitor for inappropriate make whole payments. No 

exploitation of the magnitude seen in some other markets occurred during the first year of the 

Integrated Marketplace. The MMU credits this to the limited, and relatively simple, make whole 

payment provisions in the Integrated Marketplace design. SPP continues to make adjustments 

through the stakeholder process. In this section, we note the potential issues and pending changes 

to make whole payment provisions. 

                                                 
10

 See Figure 2, Concentration of Uplift Payments by Plant During each RTO’s or ISO’s Most Concentrated Year, of 

FERC Staff Analysis of Uplift in RTO and ISO Markets, August 2014, Docket AD14-14. 
11

 See Figure 3, Percent of Annual Uplift Credits Paid to 'Large Recipients' Plants, of FERC Staff Analysis of Uplift 

in RTO and ISO Markets, August 2014, Docket AD14-14. 
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With the release of the FERC Order regarding the Make Whole Payments and Related Bidding 

Strategies of JP Morgan Ventures Energy Corp.
12

 shortly before the launch of the Integrated 

Marketplace, SPP and the MMU noted the following exposures in SPP’s market design: 

1) Make whole payments for generators committed across the midnight hour; 

2) Make whole payments for regulation deployment; and 

3) Make whole payments for out of merit energy 

In each case, a Market Participant has ability to situate its resource to receive a make whole 

payment without economic evaluation of its offers by the market clearing engine. In 2014, SPP 

clarified that it does not recognize a self-committed resource as eligible for a make whole 

payment if it changes to Market commitment status prior to the completion of its minimum run 

time.
13

 Further changes may be required to address market commitments across the midnight 

hour, regulation deployment adjustment charges, and out of merit energy payments. 

MMU Recommendation 3. Manipulation of Make Whole Payment Provisions 

 Evaluate solutions adopted by other RTOs to reduce exposure to market manipulation 

opportunities in make whole payment provisions for resources committed across the 

midnight hour. 

 Disqualify resources with fixed Regulation bids from receiving the Regulation 

Deployment Adjustment Charge. 

 Utilize automatic mitigation provisions for local reliability commitments for local 

reliability OOME events. 

In March 2014, SPP became aware that market systems flagged resources that were offline or 

declared an outage during a particular window of time before the commencement of a Day-

Ahead Market commitment as eligible for start-up costs in the make whole payment. In some 

cases, a coal plant, which has very high start costs, met these circumstances and initially received 

a very high make whole payment that the market clearing engine had never evaluated. To correct 

the payments and prevent potential exploitation of the system flaw, SPP clarified and corrected 

                                                 
12

 See 144 FERC ¶ 61,068. 
13

 See MRR 25/MPRR 211, Self-Commit Run Time Make Whole Payment Exemption. 
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the make whole payment eligibility. SPP and the MMU continue to monitor for these 

circumstances. At the time of this report, SPP planned system changes to automate this process.
14

 

In early 2015, SPP and the MMU noted an inefficiency and potential to manipulate make whole 

payments for jointly-owned units using the Combined Resource Option. The market commits 

these units as one, and it provides separate dispatch instructions and make whole payments by 

ownership share. This allows a shareowner to benefit from a higher energy offer than its co-

owners through high minimum energy costs in the make whole payment. At the time of this 

report, SPP was considering design alternatives through the stakeholder process. 

 Remove the ability to manipulate make whole payments under the JOU Combined 

Resource Option and improve market efficiency in the JOU design. 

 

                                                 
14

 See SPP MPRR 190, FERC Docket ER15-45, clarifying the eligibility rules. 
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4. Day-Ahead Market 

The Day-Ahead Market provides Market Participants with the ability to submit offers to sell 

Energy, Regulation-Up Service, Regulation-Down Service, Spinning Reserve and Supplemental 

Reserve and/or to submit bids to purchase Energy. 

4.1. Generation 

Participation in the Day-Ahead Market during the first 12 months has been robust for both 

generation and load. Load serving entities consistently offer generation into the Day-Ahead 

Market at levels in excess of the requirements of the limited day-ahead must-offer obligation. 

Participation by merchant generation rivals that of the load serving entities. Figure 4–1 shows the 

percentage breakdown of commitment status for the Day-Ahead Market. The Market and Self 

statuses average 77% of the total capacity for the first 12 months of the Integrated Marketplace. 

Resources with commitment statuses of Reliability and Not Participating averaged 2% and 5%, 

respectively, and Outage status accounted for the final 16%. Eighty-eight percent (88%) of the 

Not Participating capacity is registered to merchant generation owners. 
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Figure 4–1 Day-Ahead Market Commitment Status Breakdown 
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4.2. Load 

Load is choosing to participate in the Day-Ahead Market at high levels as well. Figure 4–2 

shows the average monthly participation rates for the load assets on an aggregate level to be 

between 99% and 100% of the actual real-time load. On a disaggregated basis, we find a 

surprising result that several Market Participants cleared day-ahead load in excess of their real-

time load. In some cases day-ahead purchases have exceeded actual consumption by 9% for a 

month. This behavior is not consistent with a competitive and efficient energy market and 

appears to be incented by a market design flaw related to the allocation of over-collected losses. 

The flaw is fully reviewed in section “5.9.11 Distribution of Marginal Loss Revenues (Over-

Collected Losses)” (page 123). A new rule addressing the market design flaw was implemented 

in May 2015. 
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Figure 4–2 Cleared Demand Bids in Day-Ahead Market 
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4.3. Virtual Trading 

Market participants in SPP’s Integrated Marketplace may submit virtual energy offers and bids at 

any settlement location in the Day-Ahead Market. Virtual offers represent energy sales to the 

Day-Ahead Market that the participant buys back in the Real-Time Balancing Market, 

sometimes referred to as “incs.” Virtual bids represent energy purchases in the Day-Ahead 

Market that the participant sells back in the Real-Time Balancing Market, also known as “decs.” 

The value of virtual trading lies in its potential to converge Day-Ahead and RTBM LMPs. 

Convergence due to virtuals requires sufficient competition in virtual trading, transparency in 

Day-Ahead Market, RUC, and RTBM operating practices, and predictability of market events. 

The first 12 months of the market saw moderate levels of virtual participation, consistent 

profitability of virtual trading, and increasing convergence of DA Market and RTBM LMPs. 
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Figure 4–3 displays the total volume of virtual transactions as a percentage of SPP market load. 

It averaged about 5% for the year. Several Market Participants did not register for participation 

in SPP’s Integrated Marketplace in time to actively trade virtuals in March 2014, hence the 

uptick in April 2014. Participation in virtual trading declined from there, but recovered to a 

steady 7% for the second six months. 

Figure 4–3 Virtual Transactions as Percentage of SPP Market Load 
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At about 7% of load, the average hourly total volume of cleared virtuals ranged from 1,240 to 

2,000 MW. The average hourly uncleared volume ranged from 810 to 1960 MW. The data shows 

little overall fluctuation in the level of virtual trading after the first two months. The net cleared 

virtual positions in the market averaged about -50 MW, indicating that virtual trading did not 

generally distort the relative DA Market to RTBM market load balance. 
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Figure 4–4 Virtual Offers and Bids in Day-Ahead Market 

 

 

Virtual trades profited in aggregate for the year by about $24.4 million. Profitability trended 

down, reflecting increased competition among traders and fewer systematic differences between 

the Day-Ahead Market and RTBM. One large mistaken transaction distorted the trend in May 

2014. The overall profitability in virtuals was concentrated with two Market Participants, who 

profited by $12.5 million between them. The five Market Participants earning more than $1 

million for the year held a 68% combined share of the total aggregate virtual profits. 



4. Day-Ahead Market 

2014 State of the Market  |  85 

Figure 4–5 Virtual Profit/Loss 

 

 

The MMU also monitors losing virtual transactions, because they indicate potential cross-

product market manipulation. For example, a Market Participant may submit a virtual transaction 

intended to create congestion that benefits a TCR position. Three Market Participants lost over 

$100,000 for the year in virtual trading, and no Market Participant lost as much as $500,000. 

Two of those three held highly profitable TCR positions for the year. In general, few Market 

Participants actively trade both virtuals and TCRs. 

4.4. Must-Offer Provision 

4.4.1. Day-Ahead Must-Offer Overview 

The Integrated Marketplace has a limited day-ahead must-offer provision that incentivizes load-

serving entities to participate in the Day-Ahead Market. Market participants that are non-

compliant are assessed a penalty based on the amount of capacity offered into the Day-Ahead 

Market relative to the Market Participant’s real-time consumption. The requirement is limited in 

the sense that only Market Participants that serve load are subject to the rules. Load-serving 
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Market Participants that offer enough generation, or provide scheduling information indicating a 

firm power purchase, to cover 90% of their real-time load, will not be subject to a penalty. An 

alternative way to satisfy the provision and avoid a penalty is to offer all generation that is not on 

an outage to the market. 

4.4.2. Penalties for Must-Offer Non-Compliance 

In the first year of the market, 14 penalties were assessed to nine asset owners due to non-

compliance with day-ahead must-offer rules. Resource submission errors and unfamiliarity with 

the rules were cited as reasons for non-compliance. Figure 4–6 shows the penalty assessments by 

month. Most instances of noncompliance occurred in the first three months of the market; one 

case of non-compliance each in August and September of 2014, and no cases of non-compliance 

from October 2014 through February 2015. 

Figure 4–6 Penalties for Non-Compliance with the Day-Ahead Must-Offer Provisions 
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Figure 4–7 compares the capacity offered into the Day-Ahead Market with the reported load 

during the 129 hours when at least one Market Participant was non-compliant. The days are 

sorted from lowest to highest excess capacity for each day. As can be seen, the lowest level of 

excess capacity was about 10,000 MW or about 25% of total offered capacity. The reserve 

obligation, which is not reflected in the chart, is between 5% and 10% of reported load. 

Figure 4–7 Offered Capacity and Reported Load during Non-Compliant Hours 
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4.4.3. Assessment 

It is clear that participation in the Day-Ahead Market is robust, but it is not evident that this is 

due to the limited day-ahead must-offer provisions and the threat of penalty for non-compliance. 

The Day-Ahead Market provides incentives for participation, especially for the load serving 

entities that hold transmission congestion rights as a hedge against congestion costs. Day-ahead 

positions for both generation and load assets reduce their exposure to volatile real-time prices. 

Ninety-nine percent (99%) of the reported load clears in the Day-Ahead Market, incenting 

generation assets to offer into the Day-Ahead Market. Load participation will likely drop off as a 

result of the redesigned allocation of over-collected losses, but it is expected that the 
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participation will remain at robust levels. One other challenge to the necessity of the limited day-

ahead must-offer provisions is that the merchant generation participation levels are consistent 

with load-serving entities with one exception; the exception being the offer behavior for variable 

energy resources. 

Figure 4–8 shows the percentage participation by resource type, owner type, and commitment 

status. For the fossil fuel generation assets there is very little difference in the participation 

measures for load serving entities and merchant owners when you aggregate the Market and Self 

statuses. Large coal and nuclear generation make up a large portion of the fossil fuel capacity for 

load serving entities and are more likely to use the Self status. The merchant generation owners 

do not have a day-ahead must-offer obligation and hence the 82% participation by merchant 

owners’ fossil fuel generation is due to market incentives. 

There does appear to be a significant difference in the participation of the merchant owners and 

load serving entities with respect to the variable energy resources. The merchant owners are 

three times more likely to put their variable energy resources in Not Participating status than the 

load serving entities. By not participating in the Day-Ahead Market, the merchants avoid the risk 

of having a day-ahead position on a resource with an uncertain fuel supply. The Market Monitor 

is concerned that the limited must-offer provision is affecting the behavior of the load serving 

entities by incentivizing them to take day-ahead positions on variable energy resources that 

would not otherwise occur in a competitive market. 

Figure 4–8 Day-Ahead Participation 

Commitment Status 

Resource 

Type 
Owner Type Market Self Reliability Not Participating Outage 

Fossil Fuel Load Serving 
Entity 

48% 32% 2% 0% 18% 

Merchant 77% 5% 0% 6% 12% 

Variable 

Energy 

Resource 

Load Serving 

Entity 
52% 27% 0% 10% 11% 

Merchant 48% 12% 0% 32% 8% 

 

The market forces appear to be incenting participation in the Day-Ahead Market. Load serving 

entities are participating at levels well above that required by the limited day-ahead must-offer 
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provisions, the merchant generation is choosing to participate in the Day-Ahead Market at levels 

comparable to the load serving entities, and a very high level of load is clearing in the Day-

Ahead Market without any rules governing the participation of load. During the upcoming 

months, SPP and its stakeholders plan to study the strengths and weaknesses of the limited day-

ahead must-offer requirement, and will consider rule changes as well as the necessity of the 

limited must-offer provisions given that the market forces may be enough to incentivize 

participation. 

MMU Recommendation 4. Day-Ahead Must-Offer Requirement 

The MMU recommends that SPP eliminate the limited day-ahead must-offer provision and 

revise the physical withholding rules to include a penalty for non-compliance. These provisions 

are sufficient to ensure an efficient level of participation in the Day-Ahead Market. The SPP 

Tariff must provide adequate protection against the potential exercise of market power. An 

incentive to withhold generation may exist if participation in the Day-Ahead Market is voluntary. 

Thus enhancing the physical withholding rules to include a penalty provision will provide 

additional protection. The physical withholding rules are targeted to identify withholding that 

directly impacts the competitive outcomes in the market, and assessing penalties as a result of the 

violating the physical withholding rules is a more efficient methodology for ensuring efficient 

participation levels in the Day-Ahead Market. 

In the event that the limited must-offer provision is continued, five weaknesses in the current 

provisions should be addressed: 

1) A Market Participant with load assets can avoid a day-ahead must-offer obligation 

entirely by registering its load assets and generation assets under different asset 

owners. 

2) There is no requirement or incentive for an SPP Market Participant with a day-ahead 

must-offer obligation to report a firm power sale. For example, in the case that the 

purchaser is an SPP Market Participant that chooses not to report the purchase, the 

seller is not required to inform SPP or the MMU of this transaction and it may not be 

properly accounted for with respect to the seller’s day-ahead must-offer obligation. 
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3) The current design forces Market Participants to take a day-ahead position on 

Variable Energy Resources. These resources should be exempted from the must-offer 

requirement. 

4) There is no direct, automated link between the must-offer penalty calculation and the 

system that tracks generation outages. The current system is reliant on the Market 

Participant to correctly identify the resource as being on an outage in its day-ahead 

market offer submission. 

5) The non-controlling asset owner of a jointly-owned resource is at risk of being non-

compliant if the controlling asset owner chooses to put the resource in Not-

Participating status. 
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5. Congestion and Losses 

The Locational Marginal Price (LMP) for any of the almost 17,000 pricing nodes in SPP reflects 

the sum of the system-wide marginal cost of the energy required to serve the market (MEC), the 

marginal cost of any increase or decrease in energy at that location to respect the transmission 

constraints on the SPP grid (MCC), and the marginal cost of any increase or decrease in energy 

to minimize system transmission losses (MLC). 

𝐿𝑀𝑃 = 𝑀𝐸𝐶 + 𝑀𝐶𝐶 + 𝑀𝐿𝐶 

Locational prices are a key feature of electricity markets, providing price signals that ensure the 

efficient dispatch of generation in the presence of reliability constraints and efficient incentives 

for future investment. This section describes the geographic pattern of congestion and losses, 

anticipates changes in the transmission system that will alter that pattern, analyzes how 

congestion impacts local market power, explains how load-serving entities hedge congestion 

costs in the Transmission Congestion Rights market, describes the distribution of marginal 

congestion and loss revenues, and assesses the performance of the market in these areas. 

5.1. Geographic Pricing Patterns 

Figure 5–1 and Figure 5–2 are price contour maps showing the Day-Ahead Market and Real-

Time Balancing Market average LMPs. Annual average Day-Ahead Market LMPs range from 

$21/MWh in Western Nebraska to $40/MWh in New Mexico. About 75% of this price variation 

is due to congestion and 25% is due to marginal losses. There are more hours with congestion in 

the Day-Ahead Market than in the RTBM because the DA Market uses the transmission system 

more extensively than the RTBM. Congestion events are more volatile in the RTBM, so the 

average geographic price range increases to $19/MWh–$41/MWh for RTBM LMPs. 
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Figure 5–1 March 2014 to March 2015 Average LMP for Day-Ahead Market 
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Figure 5–2 March 2014 to March 2015 Average LMP for Real-Time Balancing Market 
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5.2. Geographic Congestion 

The physical characteristics of the transmission grid, the geographic distribution of load, and 

geographic differences in fuel costs drive the pattern of congestion in the SPP energy markets. 

The eastern side of the SPP footprint, with a higher concentration of load, has a higher 

concentration of high voltage (345 kV) transmission lines. Historically, high voltage connections 

between the west and east have been limited, as have high voltage connections into the Texas 

Panhandle. The cost of coal, SPP’s predominant fuel for energy generation, rises with distance 

from the Wyoming Powder River Basin, which is near the northwest corner of SPP’s footprint. 

The cost of natural gas, SPP’s largest fuel type by capacity measures, rises in the opposite 

direction, from the southeast to the northwest. Wind-powered generation lies on the western half 

of the footprint, and nuclear generation resides in the northeast. These factors combine to create 

a general northwest-southeast split in LMPs. 

Figure 5–3 depicts the average Marginal Congestion Component (MCC) of LMPs by settlement 

location for the Day-Ahead Market. The lowest MCCs occur in northwest Nebraska at Gerald 

Gentleman Station and at Smoky Hills wind farm in Central Kansas, at -$7/MWh, and the 

highest MCCs lie in the Woodward, Oklahoma area at $11/MWh and the Hobbs, New Mexico 

area at $7/MWh. 
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Figure 5–3 March 2014 to February 2015 Average MCC for Day-Ahead Market 

 

 

SPP recently brought into service some major new transmission projects and continues to plan 

and build, as shown in Figure 5–4.
15

 New 345 kV lines brought into service in 2014 are depicted 

in solid red. These new lines changed LMP patterns in 2014, reducing congestion and losses, 

                                                 
15

 The light green lines not identified in the legend represent the reconductoring or conversion of an existing line to 

230kV. 
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while also creating new bottlenecks on the system. The other lines depicted on the map are 

planned projects that will further support the efficient transmission of energy across the SPP 

footprint. 

Figure 5–4 Planned Transmission Expansion July 2015 Map 
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5.3. Transmission Constraints 

Market congestion reflects the economic dispatch limitations necessary to honor transmission 

constraints. These constraints enable SPP to reliably manage the flow of energy across the 

physical bottlenecks of the grid in the least costly manner. In doing so, SPP calculates a shadow 

price for each constraint, which indicates the potential reduction in the total market production 

costs if the constraint limit could be increased by one MW for one hour. Figure 5–5 provides the 

top ten flowgate constraints by shadow price for the first 12 months of the market. 

Figure 5–5 Congestion by Shadow Price 

 

 

The list indicates that the most congested corridor on the system was the north to south flow 

through the Texas Panhandle, which relies on 230 kV transmission lines between Amarillo and 

Lubbock, TX, and where predominantly gas-fired generation in the south was more expensive 

than the wind and coal power to the north. Other notable bottlenecks were the west to east flows 

through the Woodward, OK area, and the flows from the Omaha, NE area into Kansas City. 

OSGCANBUSDEA Osage Switch-Canyon East (115) ftlo Bushland-Deaf Smith (230) [SPS]
WDWFPLWDWTAT Woodward-FPL Switch (138) ftlo Woodward EHV-Tatonga (345) [OGE]
IATSTRSTJHAW* Iatan-Stranger Creek (345) ftlo  St. Joe-Hawthorn (345) [KCPL-WR-GMOC]
SUNAMOTOLYOA Sundown-Amoco (230) ftlo Tolk-Yoakum (230) [SPS]
NEORIVNEOBLC Neosho-Riverton (161) [WR-EDE] ftlo Neosho-Blackberry (345) [WR-AECI]
SHAHAYKNOXFR South Hays - Hays (115) ftlo Knoll Xfmr (230/115) [MIDW]
BRKXF2BRKXF1 Brookline Xfmr 1 (345/161) [AECI] ftlo Brookline Xfmr 2 (345/161) [SPRM]
WDWFPLTATNOW Woodward-FPL Switch (138) ftlo Woodward EHV-Northwest (345) [OGE]
REDWILLMINGO* Red Willow [NPPD] - Mingo [SECI] (345)
GENTLMREDWIL* Gentleman-Red Willow (345) [NPPD]

* Reciprocally Coordinated Flowgate with MISO

KC-Omaha Corridor
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5.3.1. Texas Panhandle 

The most limiting element in the Texas Panhandle area and the most frequently congested point 

in the market was represented by the flowgate Osage-Switch to Canyon East for the loss of 

Bushland to Deaf Smith. It saw a higher average shadow price and more frequent congestion 

during the first year of the Integrated Marketplace at $95.86/MWh and 44.4%, respectively, 

compared to $44.13/MWh and 36.7% for 2013. Transmission system changes in the area and 

new wind generation on the loading side of the flowgate contributed to higher shadow prices. 

Upgrades to the transmission system in 2013 and 2014 alleviated some bottlenecks in the Texas 

Panhandle. For example, a new 230 kV line from the Randall County Interchange to the 

Amarillo South Interchange has eliminated the SPS North-South constraint from the top ten 

flowgate list. The most limiting transmission element in the southern part of the Texas Panhandle 

became Sundown to Amoco for the loss of Tolk to Yoakum. The addition of a 345 kV line from 

the Tuco Interchange to Woodward, OK in September 2014 lowered the average shadow price 

on OSGCANBUSDEF to about $50/MWh in the RTBM and under $40/MWh in the Day-Ahead 

Market for December 2014 through February 2015, an almost 50% drop from the 12 month 

average. 

5.3.2. Western Oklahoma 

The most significant change to the SPP transmission system in 2014 was the addition of the 345 

kV double circuit from Hitchland to Woodward, which went into service in May 2014. It 

complemented the new Tuco to Woodward line described above. Hitchland to Woodward 

enables SPP to move more energy from the wind corridor in the west to the load centers in the 

east. The west-east price differentials in this area created a new bottleneck at Woodward, as 

indicated by two new top ten flowgates. Woodward to FPL Switch for the loss of Woodward 

EHV to Tatonga had the second highest shadow price, at $21.33/MWh in the RTBM and 

$14.45/MWh in the Day-Ahead Market. Further expansion to the 345 kV system in Western 

Oklahoma may mitigate this congestion. 
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5.3.3. Kansas City – Omaha 

The Kansas City area has been another long-standing bottleneck in the SPP 345 kV system. The 

north-south flow from Nebraska and Iowa meets just north of Kansas City in the market’s effort 

to meet Kansas City and Topeka load with lower cost energy. This area was particularly sensitive 

to loop flows from MISO. The second and third most congested flowgates for 2013 were in this 

area. Upgrades, especially to the Eastowne transformer, reduced congestion in this area from 

historic levels. Iatan to Stranger Creek for the loss of St. Joe to Hawthorne remained in the top 

ten flowgate list. It had an average RTBM shadow price of $5.86/MWh. A 345 kV line from 

Iatan to Nashua, which went into service in April 2015, is expected to reduce congestion in this 

area. Figure 5–6 provides a detailed list of projects expected to alleviate congestion on the SPP 

system. 

Figure 5–6 Congestion by Shadow Price with Projects 

Flowgate Name Region Location Projects that may provide mitigation 

OSGCANBUSDEA Texas Panhandle Osage Switch - Canyon East 

(115) ftlo Bushland - Deaf 
Smith (230) [SPS] 

Canyon East Sub –Randall County 

Interchange 115 kV line (March 2018 – 
Aggregate Studies) 

SUNAMOTOLYOA Texas Panhandle Sundown - Amoco (230) ftlo 

Tolk - Yoakum (230) [SPS] 

1. Tuco Interchange – Yoakum 345 kV 

Ckt 1 (June 2020 – HPILS) 

2. Amoco - Sundown 230 kV Terminal 
Upgrades (April 2019 - 2015 ITP10) 

WDWFPLWDWTAT Western Oklahoma Woodward - FPL Switch (138) 

ftlo Woodward EHV - Tatonga 

(345) [OGE] 

Woodward – Tatonga ck2 345 kV 
(March 2021 - ITP10) 

WDWFPLTATNOW Western Oklahoma Woodward - FPL Switch (138) 

ftlo Tatonga - Northwest (345) 
[OGE] 

1. Matthewson - Tatonga 345 kV Ckt 2 

(March 2021 – ITP10) 

2. Elk City - Red Hills 138 kV Ckt 1 
Reconductor (June 2015, ITPNT) 

IATSTRSTJHAW* KC-Omaha Corridor Iatan - Stranger Creek (345) 

ftlo St. Joe - Hawthorn (345) 
[KCPL-WR-GMOC] 

Sibley – Mullin Creek 345 kV 

(December 2016 – High Priority) 

NEORIVNEOBLC SE Kansas Neosho - Riverton (161) ftlo 

Neosho - Blackberry (345) 
[WR-EDE-AECI] 

No projects identified at time of report 

publication. 

BRKXF2BRKXF1 SW Missouri Brookline Xfmr 1 (345/161) 

[AECI] ftlo Brookline Xfmr 2 
(345/161) [SPRM] 

No projects identified at time of report 

publication. 

REDWILLMINGO* Western SPP N-S 
Corridor 

Red Willow [NPPD] - Mingo 
[SECI] (345) 

Gentleman - Cherry Co. - Holt 345 kV 
Ckt 1 (January 2018 – ITP10) 

GENTLMREDWIL* Western SPP N-S 
Corridor 

Gentleman - Red Willow (345) 
[NPPD] 

Gentleman - Cherry Co. - Holt 345 kV 
Ckt 1 (January 2018 – ITP10) 

* Reciprocally Coordinated Flowgate with MISO 
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5.4. Market Congestion Management 

In optimizing the flow of energy to serve the load at the least cost, the SPP market makes 

extensive use of the available transmission up to the flowgate constraint limits. This was best 

seen in the Day-Ahead Market (see Figure 5–7), where uncongested market time intervals were 

rare. To preserve reliability, the market penalizes breaches of the constraints, which were also 

rare in the Day-Ahead Market. 

Figure 5–7 Congestion – Breached and Binding for Day-Ahead Market 

0%

20%

40%

60%

80%

100%

Uncongested Intervals Intervals with Binding Only Intervals with a Breach

 

 



5. Congestion and Losses 

2014 State of the Market  |  101 

In the less controlled environment of the Real-Time Balancing Market, uncongested intervals 

rose to about 20% of all time intervals, and intervals with a constraint breach had a similar 

frequency, as shown in Figure 5–8. 

Figure 5–8 Congestion – Breached and Binding for Real-Time Balancing Market 
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Since the start of the EIS market in 2007, SPP has made increasingly efficient use of the 

transmission grid. Figure 5–9 shows this trend over time. In 2007, the market experienced no 

congestion in more than 40% of all market intervals. That figure fell markedly in 2009 with the 

integration of Nebraska and now sits below 20%. The introduction of the Integrated Marketplace 

in 2014 did not substantially alter the level of congestion in the market, though the frequency of 

constraint breaches has risen. This increase in breaches is largely driven by one flowgate, 

OSGCANBUSDEF; see section “5.3.1 Texas Panhandle” (page 98). It may also result from 

lower excess on line capacity as shown in Figure 3–1. Higher levels of online capacity in the EIS 

Market could instantly address congestion through higher ramp capability and higher base 

generation near load centers. 
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Figure 5–9 Congestion – Breached and Binding for RTBM Annual Comparison 
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5.5. Frequently Constrained Areas and Local Market Power 

Congestion in the market creates local areas where only a limited number of suppliers can 

provide the energy to serve local load without overloading a constrained transmission element. 

Under these circumstances the pivotal suppliers have local market power and the ability to 

profitably raise prices above competitive levels. SPP’s Tariff provides provisions for mitigating 

the impact of local market power on prices, and the effectiveness of market power mitigation is 

described in section “6. Market Power and Mitigation” (page 126). Local market power can be 

either transitory, as is frequently the case with an outage, or persistent, when a particular load 

pocket is frequently import constrained. 
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The SPP Tariff calls for more stringent market power mitigation for frequently constrained areas, 

and the MMU analyzes market data at least annually to assess the appropriateness of the 

Frequently Constrained Area (FCA) designations. In 2014, the MMU found that two of the three 

previously identified FCAs no longer required the designation.
16

 Due to upgrades in the 

transmission system, the Kansas City area and the Northwest Kansas areas no longer require 

designation as FCAs. The Texas Panhandle remains an FCA. Figure 5–10, reproduced from the 

January 2014 Frequently Constrained Areas Study, shows the frequency of binding constraint 

and pivotal supplier hours for primary constraints defining the FCAs. 

Figure 5–10 Binding and Pivotal Supplier Hours 

Candidate Area Constraint Name Monitored Element Binding Hours 

Pivotal 

Supplier 

Hours 

Kansas City Area  IATSTRSTJHAW  Iatan to Stranger Creek - 345 

kV  
999  348  

Kansas City Area  IATSTRIATEAT  Iatan to Stranger Creek - 345 

kV  
516  363  

Kansas City Area  PENMUN87TCRA  Pentagon to Mund – 115 kV  498  405  

NW Kansas  REDWILLMINGO  Redwillow to Mingo – 345 kV  359  300  

NW Kansas  GENTLREDWIL  Gentleman to Redwillow – 345 

kV  
302  283  

Texas Panhandle  OSGCANBUSDEA  Osage Switch to Canyon - 115 

kV  
4,808  4,726  

Texas Panhandle  HARRANNNICAMA  Harrington to Randall Co., 230 

kV  
794  765  

 

5.5.1. Kansas City FCA 

Several constraints in the Kansas City area had a high frequency of congestion with a pivotal 

supplier in the year ending August 2014. There are three constraints with the Iatan to Stranger 

Creek 345 kV line as the monitored element; the Eastowne transformer is located north of 

Kansas City. The Pentagon to Mund line is southwest of Kansas City. In the initial FCA study 

completed in 2013, two primary constraints were identified for the Kansas City FCA, Iatan to 

Stranger Creek and Lake Road to Alabama. The Lake Road to Alabama constraint does not 

appear in Figure 5–10, indicating that there was no significant congestion on this constraint 

during the study period. This is due to the installation of the Eastowne Transformer, which 

                                                 
16

 See Southwest Power Pool Frequently Constrained Areas – 2014 Study, January 2015, FERC Docket ER15-1049. 
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connects a 161 kV electrical system north of Kansas City to the 345 kV line from St. Joseph to 

Iatan. This upgrade to the transmission system, completed in the summer of 2013, resolved the 

congestion on the 161 kV transmission system and the Lake Road to Alabama constraint, and 

there is no expectation that significant congestion will occur in this area going forward. 

Furthermore, the study found that no pivotal supplier in the Kansas City area had the ability to 

impact prices by more than $5/MWh for more than the FCA cutoff of 500 hours per year. 

5.5.2. Northwest Kansas FCA 

Historically, the SPP market experienced frequent north-south congestion across the Nebraska-

Kansas border on the west side of the footprint along the Gentlemen to Red Willow to Mingo 

345 kV lines. Binding hours and pivotal supplier impacts were down in the Northwest Kansas 

area for the year ending August 2014 due to the transmission expansion in the western part of the 

footprint. Figure 5–11 shows the transmission expansion in the western part of the SPP footprint 

since 2012. The map shows six lines that have gone into service since 2012. The Post Rock to 

Spearville 345 kV line in central Kansas went into service in June 2012, followed in December 

2012 by the Axtel to Post Rock 345 kV from Nebraska into central Kansas. The impacts of the 

these lines were fully captured in the 2014 FCA study; however, given the 2011–2012 study 

period, only partial impacts of these lines would have been captured in the 2013 FCA study. The 

345kV double circuit from Hitchland to Woodward went into service in May 2014 and likely 

contributed to the reduction in pivotal supplier impacts in the Northwest Kansas area. The 2014 

FCA study also noted a systematic drop in Northwest Kansas pivotal supplier impacts correlating 

with the service start date for the Hitchland to Woodward line. 
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Figure 5–11 FCA Study New Transmission Map 

 

 

5.5.3. Texas Panhandle FCA 

The binding hours and pivotal supplier hours for OSGCANBUSDEA remained significant in the 

year ending August 2014, as did the ability of a pivotal supplier to impact LMPs. The MMU 

noted that the SPP footprint is still undergoing transmission expansion with several lines going 

into service since September 2014. Three of these lines are shown Figure 5–11. The Tuco to 

Woodward 345 kV line went into service in late September. The Woodward to Thistle 345 kV 

double circuit and the Clark County to Thistle 345 kV double circuit were energized in the latter 

part of 2014. The FCA study noted that in the last four months of 2014 the pivotal supplier 

impacts do not vary significantly on an annualized basis from the results for the study period, 

and the MMU concluded that the expansion had not resolved the congestion and pivotal supplier 

issues in the Texas Panhandle area. The SPP Market Monitor will continue to monitor the 
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impacts of transmission expansion on the FCA designation and will initiate a new study if the 

forward looking impact analysis indicates a need. 

5.6. Geography and Marginal Losses 

Variable transmission line losses decrease with increased line voltage or decreased line length, 

for the same amount of power moved. In SPP much of the low cost generation resides at a 

distance from the load and with limited high voltage interconnection. The average variable losses 

on the SPP system for the first year of the Integrated Marketplace were 2.6%. The Marginal Loss 

Component (MLC) of the LMP captures the change in the total system cost of losses with an 

additional MW of load at a particular location, relative to the load-weighted center of the market. 

Figure 5–12 maps the annual average MLCs. The average MLC ranges from about -$6/MWh 

near Dodge City, Kansas to -$4/MWh at the Gerald Gentleman Station in Western Nebraska to 

zero in the Tulsa, OK and Kansas City areas to $1/MWh in the Hobbs, New Mexico area, and up 

to $3/MWh in the Southeast corner of New Mexico. 
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Figure 5–12 Annual MLC Map – Day-Ahead Market 

 

 

The $5/MWh difference in the MLC down the western side of the footprint, say between Gerald 

Gentleman Station and the Hobbs area, accounts for 25% of the price separation. The loss 

component of LMP cannot be discounted as a significant contributor to SPP prices. 
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The building of new transmission in 2014 appears to have reduced the marginal cost of providing 

energy from Western Nebraska and Kansas. The 345 kV lines from Spearville to Thistle in 

Western Kansas and from Thistle to Woodward, OK provided west-east connections in 

December 2014. In Figure 5–13, depicting average MLCs for winter 2014-2015, the dark blue 

areas around Dodge City and Gerald Gentleman Station are lighter. The average MLCs in these 

areas rose by $3.70/MWh and $1.00/MWh, respectively, and the blue area in the upper Texas 

Panhandle lightened a bit. Some of this change may reflect seasonal fluctuation, but given the 

consistency of the rest of the map with the annual, the new transmission appears impactful in 

reducing losses. Future planned transmission projects may further reduce the cost of losses to 

SPP load. 
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Figure 5–13 Winter MLC Map – Day-Ahead Market 
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5.7. Congestion Hedging and Revenue Distribution 

Prior to the introduction of the Integrated Marketplace, SPP load serving entities scheduled 

energy delivery from generation to load with no additional market charges above the cost of 

transmission service. In the Integrated Marketplace, the market generally charges load a higher 

LMP than it pays generation, as illustrated in the geographic congestion patterns described 

above. Transmission service, no longer used for internal scheduling, now serves as the 

underpinning of the Transmission Congestion Rights (TCR) Market, which provides Day-Ahead 

Market payments to hedge the cost of congestion. Annual and monthly TCR auctions award the 

“rights” to shares of Day-Ahead Market congestion revenue. SPP allocates Auction Revenue 

Rights (ARRs) in annual and monthly processes based on transmission ownership, and ARR 

holders receive payments from the auction revenue that offset the cost of TCR purchases and 

conversions of ARRs into TCRs. 

The purpose of the TCR market is to provide a market mechanism for SPP load serving entities 

to hedge the cost of congestion in the market. In assessing the performance of the TCR market 

the MMU evaluates the degree to which TCRs and ARRs provided a congestion hedge to load 

customers as well as the efficiency of the market. As in any market, efficiency means that the 

market maximizes the total benefits to all Market Participants. In an efficient market, prices 

signal the marginal value of the product, which requires competition and transparency of 

information. The degree to which Day-Ahead Market congestion revenues sufficiently fund the 

TCRs awarded in the TCR auctions serves as a measure of load hedging, market efficiency, and 

transparency. It is not viewed by the MMU to be an end in itself. 

At an aggregate level, the SPP load was hedged for the explicit congestion costs paid in the Day-

Ahead Market and Real-Time Balancing Market in the first year of the market. Figure 5–14 

provides the aggregate congestion costs and hedging totals for load serving entities and non-load 

serving entities. It shows that the total of all TCR and ARR net payments to LSEs of $296 

million exceed the total Day-Ahead Market and RTBM congestion costs of $280 million. In 

aggregate, non-LSEs pay Day-Ahead Market congestion and receive RTBM congestion rents. 

The net costs of $11.6 million fall under the total TCR market net payments of $23 million. The 

aggregate numbers do not reveal the underlying variation among Market Participants. There are 
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both winners and losers in SPP market congestion costs among both groups of Market 

Participants. 

Figure 5–14 Total Congestion Payments for Load Serving Entities and Non-Load Entities 

($ millions) LSEs Non-LSEs 

DA Congestion (268.8) (54.0) 

RTBM Congestion (11.1) 42.3  

NET CONGESTION (279.9) (11.6) 

   

TCR Charges (360.5) (65.3) 

TCR Payments 268.9  105.3  

TCR Uplift (33.5) (21.5) 

ARR Payment 375.5  3.1  

ARR Surplus 45.2  1.2  

NET TCR/ARR 295.6  22.9  

 

5.8. Market Congestion Costs 

Market participants in the physical energy market incur congestion costs and receive congestion 

payments based on their marginal impact on total market congestion costs, through the Marginal 

Congestion Component (MCC) of the LMP. Most SPP physical Market Participants are 

vertically integrated, so their net congestion cost depends on whether they are a net buyer or 

seller of energy and the relative MCCs at their generation and load. For financial Market 

Participants, congestion costs reflect the value of virtual positions in the Day-Ahead Market and 

RTBM. 

Figure 5–15 shows the annual Day-Ahead Market and RTBM congestion payments for load 

serving Market Participants during the first year of the market. 
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Figure 5–15 DA Market and RTBM Net Annual Congestion Payment by LSE 

-$80

-$70

-$60

-$50

-$40

-$30

-$20

-$10

$0

$10

1
2

 M
o

n
th

 N
e

t 
C

o
n

ge
st

io
n

 P
ay

m
e

n
t 

to
 P

ar
ti

ci
p

an
t 

($
 m

ill
io

n
s)

Load-Serving Market Participants

RTBM Congestion Payments

DA Congestion Payments

Net Payment

 

Most face congestion costs, depicted as negative payments in the graph, because they are 

vertically integrated load serving entities (LSEs) with higher MCCs at load than at resources. 

Day-ahead congestion payments by ranked LSE ranged from about $4 million in payments to 

about $56 million in costs. For non-LSEs, they range from about $2 million in payments to $21 

million in costs. Market Participants also receive payments and incur costs for Real-Time 

Balancing Market congestion, which are charged and paid to deviations between Day-Ahead 

Market and RTBM positions. RTBM congestion ranges from $12.5 million in costs to $6 million 

in payments for LSEs. It ranges from $8 million in costs to $24 million in payments for non-

LSEs. Many of the non-LSEs incurring costs represent wind farms, which may often sell at 

negative prices or buy back Day-Ahead Market positions. The largest RTBM congestion 

payments represent virtual transaction settlements, which result in the net positive $42.3 million 

in RTBM congestion payment to non-LSEs, shown in Figure 5–14. 
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5.9. Hedging Congestion with TCRs and ARRs 

5.9.1. TCR Payment Structure 

The congestion rents collected in the Day-Ahead Market for any given hour (h) are disbursed to 

TCR holders based on the auction awards (t) and the difference in prices between the source and 

sink settlement locations for the award, as follows: 

𝑇𝐶𝑅 𝑃𝑎𝑦𝑚𝑒𝑛𝑡ℎ,𝑡 = (𝐷𝐴 𝑀𝐶𝐶𝑆𝑖𝑛𝑘 𝑡,ℎ − 𝐷𝐴 𝑀𝐶𝐶𝑆𝑜𝑢𝑟𝑐𝑒 𝑡,ℎ) ∗ 𝑀𝑊𝑎𝑤𝑎𝑟𝑑𝑡 

To the extent that the Day-Ahead Market does not provide sufficient congestion revenues to 

support the full value of all payments to TCR holders (a) for a given day (d), SPP charges each 

TCR holder a share of the underfunding proportional to the absolute value of its TCR portfolio 

for that day, as follows: 

𝑇𝐶𝑅 𝑈𝑝𝑙𝑖𝑓𝑡 𝑅𝑎𝑡𝑖𝑜 𝑊𝑒𝑖𝑔ℎ𝑡𝑎,𝑑 = |∑ ∑ (𝐷𝐴 𝑀𝐶𝐶𝑆𝑖𝑛𝑘 𝑡,ℎ − 𝐷𝐴 𝑀𝐶𝐶𝑆𝑜𝑢𝑟𝑐𝑒 𝑡,ℎ) ∗ 𝑀𝑊 𝑎𝑤𝑎𝑟𝑑𝑎,𝑡
𝑡ℎ

| 

SPP charges each TCR holder a portion of the day-ahead revenue shortfall proportional to this 

weight. The absolute value formulation creates a balanced treatment for the payment of both 

prevailing flow and counter flow TCR positions. 

5.9.2. ARR Payment Structure 

TCRs are awarded in annual and monthly auctions. SPP disperses the auction revenue to the 

holders of ARRs. ARRs are allocated for all times of year based on transmission service 

sufficient to meet up to 103% of each network transmission owner’s annual peak load and all 

point to point service, known as the ARR nomination cap. ARR holders may self-convert an 

ARR to a TCR, in which case the TCR charge equals the ARR payment, or hold the ARR for 

payment based on the auction clearing prices for the ARR path. To the extent that SPP collects 

surplus auction revenue, it disperses this to ARR holders proportional to the ARR MW 

nomination cap. 

5.9.3. ARR and TCR Positions 

As shown in Figure 5–14 above, the aggregate TCR payments and uplift for LSEs fell $123 

million short of TCR charges. ARR payments offset this net cost, but it indicates that the value 
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of an ARR was generally higher when held, as opposed to self-converted to a TCR. In fact, LSEs 

holding more ARRs tended to hedge congestion more successfully than those that self-converted 

all ARRs to TCRs. In aggregate for non-LSEs, TCR payments net uplift charges exceeded TCR 

auction charges by 25%. This profitability is expected, as Market Participants without load to 

hedge only have an incentive to participate in a market with expected positive returns. In general, 

most all Market Participants gained on their net TCR position, though there were a few notable 

losers among non-LSEs. 

5.9.4. Adequacy of ARRs and TCRs in Hedging Load 

While the ARR and TCR positions provided an adequate hedge for load in the aggregate, several 

SPP LSEs fell far short of receiving ARR and TCR payments sufficient to cover congestion 

costs. In fact, four LSEs fell short by $5 to $10 million dollars each. These four lie in different 

parts of the footprint and have varying sized loads, and other similarly located Market 

Participants had fully hedged load. The aggregate numbers do not indicate a failure to hedge load 

in the market design. However, there is room for improvement in transparency of TCR market 

processes and market efficiency. SPP is currently working on improvements in this area in the 

stakeholder process. 

5.9.5. TCR Market Transparency and Efficiency 

The degree of disparity between TCR payments, net of TCR uplift, and TCR auction charges, as 

shown in Figure 5–14, indicates that TCR auction prices do not accurately reflect the value of 

TCRs. The MMU recognizes three contributing factors: 1) the awarding of ARRs and TCRs 

beyond the physical limits of the transmission system; 2) the delayed reporting of planned 

transmission outages; and 3) the excessive valuing of self-convert TCR bids. Each of these 

factors create difficulty for Market Participants in estimating the value of SPP TCRs, hindering 

the full information necessary for efficient market outcomes. The funding percentage levels for 

TCRs and ARRs are good metrics for evaluating market performance in this area. 

The TCR funding level from day-ahead congestion revenues is calculated as follows: 

𝑇𝐶𝑅 𝐹𝑢𝑛𝑑𝑖𝑛𝑔 % =
𝐷𝐴 𝐶𝑜𝑛𝑔𝑒𝑠𝑡𝑖𝑜𝑛 𝑅𝑒𝑣𝑒𝑛𝑢𝑒

𝑇𝐶𝑅 𝑃𝑎𝑦𝑚𝑒𝑛𝑡𝑠
. 
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The TCR funding was 85% over the first 12 months of the Integrated Marketplace, with total 

payments exceeding funding by $56 million. This contrasts with the ARR funding level of 112%, 

with total revenue exceeding total payments by $48 million. The ARR funding from auctions is 

calculated as follows: 

𝐴𝑅𝑅 𝐹𝑢𝑛𝑑𝑖𝑛𝑔 % =
𝐴𝑢𝑐𝑡𝑖𝑜𝑛 𝑅𝑒𝑣𝑒𝑛𝑢𝑒

𝐴𝑅𝑅 𝑃𝑎𝑦𝑚𝑒𝑛𝑡𝑠
. 

Figure 5–16 and Figure 5–17 shows the monthly TCR and ARR funding levels for the first year 

of the market. In every month, day-ahead congestion revenues fell short of TCR payments, while 

auction revenues exceeded ARR payments. 

Figure 5–16 Monthly TCR Funding Levels 
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Figure 5–17 Monthly ARR Funding Levels 

 

 

5.9.6. Awarding ARRs and TCRs Beyond the Transmission System Capability 

A contributing factor to the funding disparity is the allocation of ARRs and subsequent awarding 

of TCRs beyond the physical limits of the SPP system. Much of the excessive allocation of 

TCRs stems from the market design and the quantity of system capacity that it makes available 

in the ARR allocations and TCR auctions, which begins with the design of the annual ARR 

allocation. 

In the annual allocation, the full (100%) transmission capability of the SPP system may be 

awarded to candidate ARR holders for point-to-point service plus sufficient network 

transmission to serve up to 103% of an LSE’s annual peak load for all 12 months of the year. 

These ARRs may be self-converted into TCRs in the auction process. For the annual TCR 

auction, SPP scales the capability of the transmission system to 100% for June, 90% for the 
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summer months, and 60% for the remaining fall, winter, and spring months. In the case where an 

ARR holder self-converts an allocated ARR to a TCR, the desired transaction enters the TCR 

auction as a TCR bid at a price 1,000 times greater than the difference between the highest and 

lowest submitted bids in the market. The artificially high demand can lead to the uneconomic 

clearing of TCRs that provide counter-flow to the self-convert bids. The high volume of ARR 

allocations and self-conversion modelling result in an abundance of TCRs awarded in the annual 

process. 

In the monthly ARR allocation and TCR auction, SPP may award up to 100% of the expected 

transmission system capability. All TCRs awarded and ARRs allocated during the annual 

process are preserved by the expansion of constraint limits in the model. For example, if SPP has 

learned that outages or parallel flow expectations have changed such that a 1,000 MW constraint 

limit has fallen to 500 MW, SPP raises the limit as high as necessary to preserve all TCRs and 

ARRs awarded based on the 1,000 MW limit. This is necessary to preserve the integrity of the 

annual process. Due to the large quantity of annual awards, it creates a known, frequent situation 

where the TCR market flow exceeds the Day-Ahead Market flow for particular paths, which 

necessarily results in underfunding. 

An additional cause of underfunding is the amount of system capacity made available in the 

annual and monthly TCR auctions. Besides the 100% offered in the month of June, SPP’s market 

design requires that 90% of system capacity be offered for the July, August, and September 

months and 60% of the system be offered for fall, winter, and spring seasons. Outages, parallel 

flows, and other factors can contribute to system topology changes that make TCRs sold far in 

advance infeasible. The MMU has noted cases in which flowgate ratings have been decreased to 

a low of 50% of nominal value due to maintenance outages. Even if SPP knows the decreased 

ratings in advance of the monthly TCR auction, it cannot expect to know many of the reductions 

in ratings as far in advance as the annual auction. 

In July 2015, SPP stakeholders approved a change in market design expected to reduce the 

required limit expansion in the monthly ARR allocations and TCR auctions. The MMU expects 

improvement in the number of required limit expansions in many of the monthly TCR auctions 

with this change. SPP could achieve further improvement in funding disparity by reducing the 
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full system availability in the annual ARR allocation to match the system availability levels in 

the annual TCR auction and using lower system scaling factors for the annual TCR auction, 

monthly ARR allocations, and monthly TCR auctions. 

MMU Recommendation 5. TCR and ARR System Availability 

 Match the ARR and TCR system availability in the annual process to eliminate 

required limit expansion for infeasible ARRs. 

 Lower the transmission system capacity available for award in the annual TCR 

auction. 

 Lower the transmission system capacity available for award in the monthly ARR 

allocations and TCR auctions. 

5.9.7. Transmission Outage Reporting and Modelling 

SPP’s accommodating reporting requirements for transmission outages and the exclusion of 

shorter duration outages from the TCR models exacerbated the overall TCR and ARR funding 

discrepancies described above. Uncaptured outages in the first year of the market created 

particularly low daily funding percentages, as low as 40%, when an outage contributed 

significantly to local congestion. This local congestion curtailed the net transfer capacity of the 

physical system in the Day-Ahead Market relative to the TCR auction models, increasing the 

TCR payment for the path while also reducing the congestion rents collected in the Day-Ahead 

Market. In several cases SPP could have adjusted the TCR models to reflect the outages had they 

been reported sooner. 

The monthly ARR allocations and TCR auctions only captured outages reported at least 45 days 

prior to the first of the month. Transmission operators would have needed to report outages near 

the end of the month as far as 75 days in advance for SPP to capture them in the TCR auction 

models. SPP requires only seven days advance reporting of planned outages. Figure 5–18 shows 

the lead time of planned transmission outage reporting. 
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Figure 5–18 Transmission Outages by Reporting Lead Time 

 

 

SPP transmission operators reported the vast majority of outages in the 7- to 30-day timeframe. 

They reported less than ten percent of planned outages in the 45- to 75-day timeframe required 

for reflection in the monthly ARR and TCR models. SPP staff has noted room for improvement 

and, as of the time of this report, had proposed modifications to historical outage reporting 

practices to require earlier reporting of planned outages. The MMU supports this effort and its 

recommendations above; lowering the capacity made available in the allocations and auctions 

would also mitigate the over-selling of TCRs due to unknown outages. 

SPP’s outage duration criteria for inclusion in the ARR and TCR models changed during the first 

year of the market. In the first interim and annual processes, SPP included most all known 

outages. With stakeholder feedback, the criteria lengthened to up to a five day minimum duration 

in late 2014. Figure 5–19 shows that most outages lasted less than three days, and several fell 

into the 3- to 5-day category. 
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Figure 5–19 Transmission Outages by Duration 

 

 

Outage duration does not imply market impact, and SPP at times excluded impactful outages 

based on their short duration. SPP could add flexibility to its processes to allow for more 

engineering judgement in the criteria for outage inclusion in ARR and TCR models. 

MMU Recommendation 6. Transmission Outage Reporting and Modelling 

 Add flexibility to outage inclusion criteria for ARR and TCR modelling. 

5.9.8. Self-Convert Modeling 

Most load serving entities self-convert most or all ARRs to TCRs in the annual and monthly 

TCR auctions. The auction assigns the requested self-convert ARRs a bid value equal to 1,000 

times the difference between the highest and lowest submitted bids in the auction. The clearing 

of self-converts then functions the same as any other TCR bid. These high bids far exceed the 

economic value of the resulting TCRs, yet they influence the economic clearing of the market 

with the potential to distort market outcomes from efficient levels. Figure 5–20 conceptually 
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depicts the ranked bids for TCR MWs in a typical auction. It shows that approximately half of all 

auction bid MWs represent self-convert ARRs with effectively infinite prices. 

Figure 5–20 TCR Bids by Value 

 

 

SPP and the MMU are evaluating the impact of the self-convert modelling on TCR auction 

prices and awards, as well as exploring alternative processes used by other RTOs. 

5.9.9. Bidding at Electrically Equivalent Settlement Locations 

SPP prohibited bidding between pairs of electrically equivalent settlement points, which allow 

infinite or near-infinite quantities of TCRs to be awarded at zero cost. It publishes the list of 

prohibited pairs of settlement locations on SPP’s Marketplace Portal and removes the bids from 

the auction. Such bidding constitutes a violation of SPP’s Tariff. Up to this point, the Tariff 
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provision has not ceased the bidding activity between electrically equivalent settlement locations. 

The MMU therefore recommends that the RTO implement appropriate safeties in the Market 

User Interface to prevent this behavior in the future. 

MMU Recommendation 7. TCR Bidding at Electrically Equivalent Settlement 

Locations 

 Impose a systematic block of TCR bidding at electrically equivalent settlement 

locations to prevent ongoing Tariff violations. 

5.9.10. Hedging Real-Time Congestion 

It has been noted above that net ARR and TCR payments provided sufficient revenue to cover 

the Day-Ahead Market and Real-Time Balancing Market congestion costs for load serving 

entities. It should also be noted that SPP allocates RTBM congestion costs to Market Participants 

through Revenue Neutrality Uplift (RNU) charges. SPP allocates about 90% of RNU to LSEs, 

resulting in an additional $18 million in congestion related charges for LSEs for a net total of $2 

million in congestion related charges. 

Figure 5–21 Total Congestion Payments for Load Serving Entities and Non-Load Entities 

($ millions) LSEs Non-LSEs 

DA Congestion (268.8) (54.0) 

RTBM Congestion (11.1) 42.3  

NET CONGESTION (279.9) (11.6) 

   

TCR Charges (360.5) (65.3) 

TCR Payments 268.9  105.3  

TCR Uplift (33.5) (21.5) 

ARR Payment 375.5  3.1  

ARR Surplus 45.2  1.2  

NET TCR/ARR 295.6  22.9  

   

RTBM Congestion Uplift (17.9) (1.4) 

NET TOTAL (1.9) 8.6 
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5.9.11. Distribution of Marginal Loss Revenues (Over-Collected Losses) 

Both the congestion and loss components of the LMP create additional revenues for SPP that 

must be distributed to Market Participants in an economically efficient manner. In the case of 

marginal loss revenues, this requires that the distribution does not alter market incentives. This 

was not the case during the first year of SPP’s market, and SPP has taken steps that largely 

correct the incentive issue. 

During the first year of SPP’s market, the marginal loss revenues, referred to as “over-collected 

losses,” were separately disbursed in the Day-Ahead Market based on market withdrawals and in 

the Real-Time Balancing Market based on net market withdrawals relative to day-ahead 

transactions. Figure 5–22 provides the total over-collected loss distributions and charges by 

settlement location type for the first 12 months of the market. 

Figure 5–22 Over-Collected Losses Totals 
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Due to high Day-Ahead Market load bids (see Figure 4–2), the load received $131 million, or 

118% of all over-collected losses, while RTBM deviations from day-ahead positions paid $20 

million, an amount equal to 19% of the over-collected losses. For comparison, RUC make whole 

payments are also charged to RTBM deviations from the Day-Ahead Market. Total RUC make 

whole payments for the year were $52.5 million (see Figure 3–29), so the RTBM over-collected 

loss changes constituted a 38% increase in penalties to deviations. For real-time exports, this 

implied an average charge of $2.27/MWh with charges sometimes exceeding $1,000/MWh, 

deterring trading at the SPP interfaces. 

The payments at hubs and interfaces, especially in the RTBM, were exaggerated by the 

weighting of distributions to loss pools, which weight the distributions to settlement areas by the 

amount of marginal losses paid in that area. The interfaces and hubs constitute a single loss pool, 

which experiences disproportionate transaction volume in the RTBM. The disproportionate 

transaction volume occurs largely because cleared virtual offers constitute withdrawals in the 

RTBM for the purpose of the over-collected losses calculation. 

Use of Bilateral Settlement Schedules (BSS) changes the distribution of over-collected losses. 

The BSS enables Market Participants to transfer energy from one entity to another at a particular 

settlement location. It creates a financial withdrawal at the settlement location for the seller and a 

financial injection at the settlement location for the buyer. So long as the BSS does not change 

the net withdrawal at the location, the charges and credits for losses simply change hands. Where 

the BSS creates a net withdrawal that would not otherwise exist, it creates charges or credits that 

would not otherwise exist. For example, if a BSS amount at a resource settlement location 

exceeds the cleared output of the resource, it creates a net withdrawal, and the generation owner 

receives a loss distribution charge or credit where no energy is withdrawn from the system. The 

same occurs with the BSS at hubs, where no energy is withdrawn, by definition. The $1 million 

in distributions at resource settlement locations occurs for this reason, as well as the $1.3 million 

in credits and $4.4 million in charges at hubs. These distributions cause concern for the MMU, 

because they create an incentive to game the market rules by transacting using the BSS. 

Exploitation of this aspect of the loss distribution calculation is market manipulation. 
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SPP proposed changes to the method for distributing over-collected losses in FERC docket 

ER15-763. The Commission accepted these changes, which went into effect in May 2015. Over-

collected losses no longer create charges in the Real-Time Balancing Market. Total loss revenues 

are calculated from both the Day-Ahead Market and the RTBM. SPP distributes them based on 

RTBM withdrawals only. Virtual transactions no longer factor into the loss pool calculation, 

ameliorating the exaggeration of distributions at interfaces and hubs. However, incentives for 

real-time transactions at interfaces and hubs may continue to be altered due to the use of loss 

pools, and the BSS continues to create net withdrawals that receive loss distributions where they 

would not otherwise exist. 

MMU Recommendation 8. Allocation of Over-Collected Losses 

 Remove Bilateral Settlement Schedule transactions from the over-collected losses 

distribution calculation. 

 Consider over-collected losses distributions to exports relative to interface transaction 

profit margins to assess potential distortion of market incentives. 
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6. Market Power and Mitigation 

The SPP Integrated Marketplace should provide sufficient market incentives to produce 

competitive market outcomes despite local market power and regardless of the diverse regulatory 

policies and business structures of the SPP membership. The Federal Energy Regulatory 

Commission (FERC) approves market-based rate authority for SPP’s Market Participants based 

upon this supposition. Competitiveness of the current design requires an absence of global 

market power and an intent on the part of market participants to seek energy market profits. The 

vertically integrated utility business model predominant in SPP decreases the incentive to capture 

higher profits through market power. For some utilities, it also substantially alters the ability to 

increase profits through energy market sales, weakening competitive motivation in the market. 

Section “3. Energy and Operating Reserve Markets” (page 47) assessed the possibility that prices 

may have been below efficient market levels in SPP. This section focuses on whether or not 

prices rose above competitive levels, reflecting market power. The MMU’s competitive 

assessment provides evidence that market outcomes were workably competitive and that the 

market required mitigation of local market power to achieve those outcomes. 

6.1. Competitive Assessment 

The assessment of the competitive environment during the first year of SPP’s Integrated 

Marketplace first establishes the level of structural market power and then examines market 

prices for indications of market power impact. Automatic market power mitigation processes 

limit the ability of generators with local market power to raise prices above competitive levels. 

This section assesses the potential existence of global market power and analyzes prices without 

regard to whether market power mitigation measures were in place. The following subsection 

examines the effectiveness of local market power mitigation. 

6.1.1. Market Structure 

Two core metrics of structural market power are the market share of the largest supplier and the 

Herfindahl-Hirschman Index (HHI). They both indicate potential structural market power in 

SPP’s energy market. 
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Figure 6–1 displays the energy output market share of the largest online supplier in the Real-

Time Balancing Market by hour for the period March 1, 2014 to February 28, 2014, along with a 

ranked maximum market share duration curve. 

Figure 6–1 Market Share of the Largest Supplier by Hour 

 

 

It ranged from 12% to 21%, exceeding 20% percent in only 14 hours for the year. The highest 

market share hours mostly occurred during the off-peak months of the year, with the exception of 

a couple of consecutive hours in mid-January. Most of these high market share hours occurred in 

the middle of the night or during the morning ramp up period. 

The HHI is a standard measure of structural market power used in merger analysis. It represents 

the sum of the market shares of all suppliers (i), 

𝐻𝐻𝐼 = ∑ (
𝑀𝑊𝑖

∑ 𝑀𝑊𝑖𝑖
∗ 100)

2

𝑖

. 

According to FERC’s “Merger Policy Statement,” an HHI less than 1,000 is an indication of an 

unconcentrated market, an HHI of 1,000 to 1,800 indicates a moderately concentrated market, 
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and an HHI over 1,800 indicates a highly concentrated market. Figure 6–2 provides the number 

of hours for each concentration category. It shows that the SPP market was unconcentrated 

almost half of the year and moderately concentrated the other half. HHIs never rose above the 

1,800, highly concentrated threshold. 

Figure 6–2 Count of RTBM Hours by Market Concentration Level 

 HHI Level Hours % of Hours 

Unconcentrated Below 1,000      4,102  47% 

Moderately Concentrated 1,000 to 1,800      4,658  53% 

Highly Concentrated Above 1,800 0 0% 

Measured from March 2014 through February 2015 

Figure 6–3 depicts the hourly RTBM HHI for the first year of the Integrated Marketplace along 

with a ranked HHI duration curve. The hourly HHI ranges from 800 to about 1,200 during the 

course of the year, with higher concentration levels in the fall and winter months. 

Figure 6–3 Hourly HHI 
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Market structure conditions in SPP change with the fuel mix of online resources. Base load (coal, 

nuclear, and wind) generation produced about 80% of SPP’s energy for the year and these 

resources often set the marginal price, especially during off-peak hours. Prices rise and the 

market structure becomes more favorable for the potential exercise of market power with natural 

gas fired generation on the margin, especially when the marginal cost spread between natural gas 

and coal is larger. To demonstrate the level of market concentration under these various 

conditions, Figure 6–4 provides hourly RTBM HHI statistics by supply curve segment. It shows 

that the intermediate and peaking segments of the market were highly concentrated. 

Figure 6–4 Hourly HHI Statistics by Supply Curve Segment 

Supply Segment % of Hours Online Min. HHI Avg. HHI Max HHI 

Base load 50 to 100          833           1,035         1,241  

Intermediate 10 to 50          921           2,282         9,995  

Peaking 0 to 10       1,004           6,568       10,000  
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SPP market participants with generation spanning all supply segments have the greatest ability to 

benefit from structural market power. These market participants may frequently set prices 

regardless of the fuel type on the margin. Figure 6–5 provides the percent of RTBM market 

intervals that each ranked market participant had a resource on the margin. It shows that three 

market participants each set price in more than ten percent of all RTBM time intervals. These 

percentages are not additive because multiple market participants may have a resource on the 

margin at the same time. 

Figure 6–5 Market Participants on the RTBM Margin 
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6.1.2. Competitive Market Performance 

In a competitive market, prices equal the short run marginal cost of production. In SPP’s 

Integrated Marketplace, market participants submit hourly mitigated energy offer curves that 

represent the short run marginal cost of energy. To assess market performance, the MMU 

compares the market offer to the mitigated offer for the marginal resources for each RTBM 

interval. Figure 6–6 provides the average marginal resource mark-ups by month for on-peak and 

off-peak periods.
17

 

Figure 6–6 Monthly Average Mark-Ups 
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The mark-ups ranged from -$0.72 to $0.94/MWh for off-peak periods and from -$0.24 to 

$1.90/MWh for on-peak periods. The lowest mark-ups occur in spring 2014 for off-peak hours. 

These months had the most wind on the margin and were some of the windiest overall. In March 

2014, the average on-peak mark-up was also negative. This reflects RTBM offers below 

mitigated offers in the winter weather event during the first week of the market. Generators may 

                                                 
17

 The MMU calculates a simple average over all marginal resources for an interval. The mark-ups are not weighted 

to reflect each marginal resources proportional impact on the system marginal price. 
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have offered below their marginal cost to maintain commitments or updated real-time offers 

from day-ahead levels as gas prices fell throughout the week. On-peak mark-ups rose to almost 

$2/MW during the summer and fell thereafter.
18

 

Mark-ups fell with the price of natural gas in the winter in both absolute value and percentages. 

The negative on-peak average mark-up in January 2015 reflects a month when natural gas 

resources only set prices 35% of the time, though the natural gas share of total generation did not 

fall. This occurred because the marginal cost of energy from combined cycle gas fell below the 

average marginal cost of SPP coal-fired generation. The 35% gas on the margin in January was 

the least amount for the year, compared to an average of 50% and summer values of 60%. LMPs 

also fell to their low for the year in this month. The falling mark-up trend breaks in February 

2015 when natural gas prices fell a bit more. This coincided with higher average daily loads and 

more severe weather in February. 

                                                 
18

 It should be noted that some outlier mark-up observations were removed from the data. These reflected high offers 

at coal plants with limited fuel supply, where the market participants chose not to reflect the opportunity cost of the 

fuel supply limitation in the mitigated offer. These verifiable circumstances distort the averages, and they do not 

reflect economic withholding. 



6. Market Power and Mitigation 

2014 State of the Market  |  133 

Figure 6–7 provides the monthly average mark-up as a percent of LMP. On-peak percent mark-

up falls from the 5% range in summer 2014 to as low as 2.5% in January 2015. 

Figure 6–7 Monthly Average Mark-Ups as Percentage of LMP 
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The changing gas price explains the fall in absolute mark-up, but not the fall in percent mark-up. 

The percentage fall may indicate an increasingly competitive market environment when 

combined cycle gas came into direct competition with coal-fired generation. The MMU will 

continue to track this trend. Overall, average mark-up levels in the range of two to ten percent of 

LMP indicate competitive market pricing outcomes. 

6.1.3. Summary Assessment 

The structural and performance measures indicate that the market was generally competitive in 

its first year. However, there are indications that structural conditions were not ripe for 

competitive market outcomes at all times. HHIs averaged at moderately concentrated levels, and 

there was a high degree of concentration in the intermediate, mostly natural gas-fired, segment of 

the market supply curve. Price mark-ups over short run marginal cost rose when this segment of 
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the market set LMPs and fell when this segment came into direct competition with coal-fired 

generation, reflecting modest impacts of economic withholding. For this reason, the MMU 

reiterates the importance of market power mitigation and the need to continually reassess its 

effectiveness. Based on the first 12 months of the market, the MMU does not see a need for 

mitigation of global market power. 

6.2. Mitigation Performance Assessment 

SPP employs a conduct and impact automated mitigation scheme to address potential market 

power abuse through economic withholding. The mitigation applies to resources that potentially 

have local market power due to transmission congestion, and also to instances where there is the 

potential for cost recovery manipulation due to a manual commitment that guarantees recovery 

of all cost reflected in the resource’s submitted offers. 

6.2.1. Mitigation Frequency 

Resources’ energy, start-up, no-load, and operating reserve offers are subject to the conduct and 

impact mitigation plan, and mitigation is applied when the following three circumstances occur 

simultaneously in a market solution: 

1) The offer has failed the Conduct Test. Resources submit two offers for each product; 

a mitigated offer representing the competitive baseline costs that must adhere to the 

Mitigated Offer Development Guidelines, and a second offer, generally referred to a 

market-base or strategic offer. An offer fails the conduct test when the market-based 

offer exceeds the Mitigated Offer by more than the allowed threshold; 

2) The resource potentially has local market power due to transmission congestion or the 

potential for cost recovery manipulation is present due to a local reliability issue; 

3) The application of mitigation impacts market prices or make whole payments by 

more than the allowed threshold. 

The mitigation frequency varies across products and markets. Figure 6–8 shows that the 

mitigation of energy, no-load, and operating reserve products was infrequent in the Day-Ahead 

Market. The application of mitigation to energy, no-load, and operating reserve offers is below 
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1% for the first 12 months of the market, with the one exception being the application of 

mitigation to regulation service offers in 1% of resource-hours in April 2014. The mitigation 

levels drop below 0.2% over the last few months. The application of mitigation in the RTBM is 

on average less than 0.1% for the first 12 months of the market. The most mitigated resource in 

the RTBM for each month of the market has never been more than 2.5% of the resource-

intervals. 

Figure 6–8 Mitigation Frequency, Day-Ahead Market 
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The mitigation of start-up offers has been significant. Figure 6–9 shows the mitigation frequency 

for start-up offers for the various means of commitment. Mitigation was most prevalent in the 

summer months with 19% of start-up offers mitigated.  

An important take-away from Figure 6–9 is the downward trend of the chart. The mitigation of 

start-up offers fell to less than 10% in February 2015 and has since fallen to less than 2%. There 

are two reasons for the reductions: 
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1) New rules on the application of mitigation to manually committed resources went into 

effect in mid-February.
19

 The new rules make it clear that the more stringent 

mitigation process, originally applicable to all manual commitments, only applies to 

manual commitments that are to address a local reliability issue. Other manual 

commitments are subject to mitigation procedures comparable to those applied in the 

Day-Ahead Market and DA RUC, and ID RUC; 

2) The other reason for the drop is the increase in the impact test threshold to $25/MWh. 

Figure 6–9 Mitigation Frequency, Day-Ahead Market Start-Up Offers 
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6.2.2. Analysis of Conduct and Impact Thresholds 

The Mitigated Offers represent the competitive baseline costs for the generators and as such are 

held to the short-run marginal cost standard. The conduct thresholds are in place to account for 

uncertainty in the calculation of the Mitigated Offers, since the Mitigated Offers must be 

                                                 
19

 See FERC Docket ER15-673. 



6. Market Power and Mitigation 

2014 State of the Market  |  137 

submitted at the close of the Day-Ahead Market at 1100 hours on the day before the operating 

day, 13 to 37 hours before these cost will be incurred. Therefore, Market Participants must 

estimate several variables in the calculation of these offers. A large part of the uncertainty is 

related to fuel cost volatility, and in the original design of the mitigation plan the price volatility 

of natural gas was used as a guide to an appropriate conduct threshold. Figure 6–10 below is a 

chart of monthly gas price volatilities for several gas hubs that are used by the Market Monitor as 

proxies for gas cost for SPP generators. The monthly volatilities are generally below the 25% 

level, but there are several months where volatility percentages exceed 25% and a few months 

where the volatilities exceed 50%. The conduct threshold should not be set with the goal of 

accommodating all circumstances of gas price volatility; rather they should be set with long-term 

expectations in mind. The most effective way to deal with the extraordinary circumstances, such 

as the spikes in February 2014 and February 2015, is for the Market Participant to notify the 

Market Monitor of unexpected high gas cost and the need to make changes to the Mitigated 

Offer levels. 

Figure 6–10 Historical Monthly Price Volatility 
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The MMU also analyzed how many generators are impacted by the current threshold levels. A 

generator was determined to be impacted by the threshold level if on average the generator’s 

offers exceed the conduct threshold or are within 1% of the threshold. The reasoning being that a 

market participant that is truly negatively impacted by the threshold being too low may offer 

right up to the threshold to avoid the possibility of being mitigated. The analysis shows that 

energy offers for 39 resources (approximately 9%) are impacted by the conduct threshold levels; 

no-load offers for 19 resources (approximately 4%) are impacted; and start-up offers for 162 

resources (approximately 35%) are impacted by the conduct thresholds. 

With respect to start-up offers and regulation offers, the MMU found that a significant source of 

uncertainty unrelated to fuel price volatility should be included in the evaluation of conduct 

thresholds. To calculate a competitive start-up offer adhering to the short-run marginal cost 

standard, Market Participants must estimate the energy revenues that will be earned prior to the 

start of the commitment period and subtract that amount from the other costs. Factors other than 

fuel cost that are unknown at the time the offer is submitted and must be estimated include the 

LMP, fuel usage, and the generation profile from synchronization to the economic minimum 

capability. While each of these factors adds to the uncertainty of a start-up offer, the LMP is 

likely a significant source of uncertainty and should be accounted for in the start-up offer 

conduct threshold level. 

Resources that operate with smaller dispatch ranges when cleared for regulation are exposed to a 

loss of revenue or higher operating costs. The SPP market does not capture these costs, which are 

referred to as the uncompensated costs of regulation in the Mitigated Offer Development 

Guidelines. The market participant must estimate the uncompensated costs by forecasting the 

RTBM LMP and then calculating the difference between the RTBM LMP and the cost of energy 

in the uncaptured operating range. Price uncertainty between the Day-Ahead Market and Real-

Time Balancing Market is at times substantial and the additional uncertainty in the cost of 

providing regulation should be accounted for in the regulation offer conduct threshold level. 

MMU Recommendation 9. Market Power Mitigation Conduct Thresholds 

The MMU recommends the start-up offer conduct threshold be increased to address the 

additional uncertainty that Market Participants face in calculating a start-up offer that is 
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unrelated to fuel cost volatility. The Market Monitor also recommends increasing the regulation-

up and regulation-down conduct thresholds to account for the uncertainty in estimating the 

uncompensated costs that are an input into the applicable mitigated offers. The MMU will 

present specific recommendations to stakeholders in calendar year 2015. 

Finally we note that given the construct of the SPP conduct thresholds, there is not a just reason 

for tighter conduct thresholds in the Frequently Constrained Areas (FCA). As noted above, the 

energy offer conduct threshold is tied to fuel price volatility and set at a level that reasonably 

matches long-term expectations. Market participants with resources in FCAs do not face a lower 

level of uncertainty. Therefore we recommend that energy offers for resources that designated as 

being in a FCA be subject to a 25% conduct threshold. 
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Appendix A. Common Acronyms 

AEP American Electric Power 

ARR Auction Revenue Rights 

BSS Bilateral Settlement Schedules 

BTU 

CC 

CDD 

British Thermal Unit 

Combined Cycle 

Cooling Degree Days 

CT 

DA 

DAMKT 

DA RUC 

DASMP 

Combustion Turbine 

Day-Ahead 

Day-Ahead Market 

Day-Ahead Reliability Unit Commitment 

Day-Ahead System Marginal Price 

DISIS Definitive Interconnection System Impact Study 

EHV Extra High Voltage 

EIA Energy Information Administration 

EIS Energy Imbalance Service 

ERCOT 

FCA 

Electric Reliability Council of Texas 

Frequently Constrained Area 

FERC 

GI 

Federal Energy Regulatory Commission 

Generation Interconnection 

GLDF Generator to Load Distribution Factor 

GMOC Greater Missouri Operations Company 

GW Gigawatt 

GWh 

HDD 

Gigawatt Hour 

Heating Degree Days 

HHI 

HVDC 

Herfindahl-Hirschman Index 

High-Voltage Direct Current 

IA 

ID RUC 

IDC 

Interconnection Agreement 

Intra-Day Reliability Unit Commitment 

Interchange Distribution Calculator 

ISO Independent System Operator 
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ITP 

JOU 

Integrated Transmission Plan 

Jointly Owned Unit 

KCPL Kansas City Power & Light 

kV Kilovolt (1,000 volts) 

LIP 

LMP 

Locational Imbalance Price 

Locational Marginal Price 

MISO Midcontinent Independent Transmission System Operator 

MLC Marginal Loss Component 

MM Million 

MMBtu Million British Thermal Units (1,000,000 Btu) 

MMU Market Monitoring Unit 

MW Megawatt (1,000,000 watts) 

MWh 

MWP 

NDVER 

Megawatt Hour 

Make-Whole Payment 

Non-Dispatchable Variable Energy Resource 

NERC 

NOAA 

North American Electric Reliability Corporation 

National Oceanic and Atmospheric Administration 

NPPD Nebraska Public Power District 

O&M Operation and Maintenance 

OGE Oklahoma Gas & Electric 

OOME Out-of-Merit Energy 

PJM 

PEPL 

Pennsylvania-New Jersey-Maryland Interconnection 

Panhandle Eastern Pipe Line Company 

PISIS Preliminary Interconnection System Impact Study 

RNU 

RT 

RTBM 

Revenue Neutrality Uplift 

Real-Time 

Real-Time Balancing Market 

RTO 

RTSMP 

RUC 

SC 

Regional Transmission Organization 

Real-Time System Marginal Price 

Reliability Unit Commitment 

Simple Cycle 

SMP System Marginal Price 
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SPP Southwest Power Pool, Inc. 

SPS Southwestern Public Service Company 

SECI Sunflower Electric Power Corporation 

TCR Transmission Congestion Right 

WAPA Western Area Power Administration 

WECC Western Electricity Coordinating Council 

WR Westar Energy, Incorporated 

 

 

 

 



ASOM Presentation

SPP Board of 
Directors Meeting
July 28,2015

Alan McQueen
Market Monitoring Unit



Major Market Trends
• Significant maturing of the new Market

• Changing Congestion Patterns

• Declining Prices

2



Market Summary
• Effective Price Signals

• Robust Participation in the Day-Ahead 
Market by Load and Generation

• Low Level of Make Whole Payments

• Dramatic reduction in mitigation

• TCR Market underfunding

• Effective management of wind

3
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SPP All-In Price
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Energy Price – SPP Trading Hub Prices
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Price Divergence
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Energy Price Contour Maps – 1st Twelve Months

Real Time Prices Day Ahead Prices



Transmission Investments
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Eastowne transformer 4-2014



Congestion – Breached and Binding for 
Real-Time - Annual
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Day-Ahead Market
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Start Instructions by 
Resource Count

Start Instructions by 
Resource Capacity

SPP Commitment Breakdown



Online Capacity as Percent of Demand
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Virtual Profit / Loss



Make Whole Payment Totals by Fuel Type
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Real-Time Operating Reserve Product Prices

15



Mitigation

16



Mitigation, Day-Ahead Market Non Startup
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Start-Up Offer Mitigation by Commitment Status

18



TCR Market

19



Monthly TCR Funding Levels

20



Monthly ARR Funding Levels

21



Wind Generation

22



Dispatchable Wind
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Conclusion

Overall – a strong performance for the first year of the 
Integrated Marketplace

Recommendations for improvement are noted in the 
report

24



Finance Committee 
Report

July 28, 2015

Harry Skilton – Chair



SPP Finance Committee Roster

Harry Skilton, Chair Director

Larry Altenbaumer, Vice Chair Director

Mike Wise Golden Spread

Laura Kapustka Lincoln Electric

Sandra Bennett AEP

Kelly Harrison Westar

2



SPP Finance Committee 

ACTIVITIES

• Retirement Fund Management

• Order 1000 Cost Recover

• Business Process Improvement:  Semi-annual Review

• 2015 Financials 

• 2016 Administrative Fee Forecast

• Administrative Fee Rate Strategy

3



SPP Finance Committee 

Business Process Improvement
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2014 Carryover Initiatives
• IT Service Requests – Case Study
• Corporate WG Efficiency – Case Study
• GFA Process Improvement
• Settlements Testing
• Operations Ratings Quality
• IT Procurement

2015 New Initiatives
• Operations Analyst Efficiency
• Engineering Model Building – Case 

Study
• Transmission Settlements RRR File 

Updates
• Purchasing Workflow Automation
• Transmission Planning Task Force

2015 Business Process Improvement Initiatives

5

2015 Prospective Initiatives (Planned)
• Reliability Coordination Risk Management
• Stakeholder Transparency Processes
• Operations Document Review Process
• Procurement Workflow Automation

SPP Finance Committee



SPP Finance Committee 

2016 Administrative Fee Forecast

• Expect 37¢/MWh to 38¢/MWh in 2016
– Consistent with forecast from 2015 budget

– Includes addition of Integrated System for full year

– Unknowns:
 2015 Monthly peak loads (currently tracking 5% below 2014)

 CIP version 5 compliance costs

 Combined cycle functionality
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SPP Finance Committee 

Administrative Fee Rate Strategy

• Maintain generational equity

• Reduce volatility

• Use of debt
– Differentiate between assets providing new capability 

versus replacement of existing assets

– Should there be an “equity” component to funding new 
projects

• Continue to discuss in upcoming meetings

7



 

 
 

Southwest Power Pool 
BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING 

Hyatt Regency Tulsa Downtown – Tulsa, OK 
April 28, 2015 

 
- Summary of Action Items - 

 
1. Approved Consent Agenda Items 

a. Approved January 27, 2015 Minutes 
b. Markets and Operations Policy Committee Recommendations 

i.  MWG: MPRRs 211, 230, 233, 234, 238, 239 
ii. MWG: MPRR 240 
iii. ORWG: CRR 016 
iv. RTWG: RR 72 
v. ESWG: ITP10 Futures 

c. Finance Committee Recommendations 
i. Recommendation – 2014 Financial Audit Acceptance 
ii. Recommendation – 2015 Benefit Plan Funding 

d. Corporate Governance Committee 
i. Recommendation – Approve Corn Belt Power, East River Electric, and North Iowa 

Power 
ii. Recommendation – Approve Tom Kent for the Human Resources Committee 

Vacancy 
iii. Recommendation – Approve Mike Deggendorf for the Strategic Planning Committee 

Vacancy 
 

2. Markets and Operations Policy Committee 

a. Approved - MWG RR 69 Recommendation: Mitigated Offer Variable Operation and 
Maintenance (VOM) Cost Calculation. 

b. Not Approved - MWG RR49 Recommendation: Short Term Reliability Unit Commitment. 
SPP has identified a need for a more granular Reliability Unit Commitment (RUC) study with 
a shorter runtime than Intra-Day RUC and a smaller study window. Because of the smaller 
study window, this study will use Short Term Load Forecast (STLF) and Mid-Term Load 
Forecast (MTLF). 

c. Approved - ESWG 2017 ITP10 Futures: There are four proposed futures driven by the EPA 
Clean Power Plan: 

Future 1 – Regional Clean Power Plan solution 
Future 2 – State Level Clean Power Plan solution 
Future 3 – No Clean Power Plan solution incorporated 
Future 4 – Clean Power Plan “Extreme Case” 

d. Approved – Staff Recommendation: Attachment J Aggregate Study Waiver Requests. 
Attachment J of the SPP Tariff addresses recovery of costs associated with new transmission 
facilities. Subsection III of this section addresses Base Plan funding for network upgrades, 
including Safe Harbor Cost Limit of $180,000/MW, and provides for waivers, whereby 
application may be made for additional Base Plan funding for a network upgrade in excess of 
the Safe Harbor Limit based on three independent factors. 

e. Approved – Staff Recommendation: Walkemeyer Re-evaluation: North Liberal 115 kV line 
and associated projects re-evaluation. Mr. Al Tamimi (Sunflower Electric Power Corporation) 
provided a report in contrast to the SPP recommendation. Mr. Tamimi recommends selecting 
Option 1 but not Option 2. He pointed out economic concerns. 



 

 
 

Southwest Power Pool 
BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING 

Hyatt Regency Tulsa Downtown – Tulsa, OK 
April 28, 2015 

 
 
MINUTES NO. 163 

 

Agenda Item 1 – Administrative Items 
SPP Chair Mr. Jim Eckelberger called the meeting to order at 8:24 a.m. The following Board of 
Directors/Members Committee members were in attendance or represented by proxy: 

Mr. Larry Altenbaumer, director 
Ms. Kristy Ashley, Exelon Generation Company 
Ms. Phyllis Bernard, director 
Mr. Julian Brix, director 
Mr. Nick Brown, director 
Mr. Phil Crissup, Oklahoma Gas and Electric 
Mr. Mike Deggendorf, Kansas City Power and Light 
Mr. Jim Eckelberger, director 
Mr. Jon Hansen, Omaha Public Power District 
Mr. Bob Harris, Western Area Power Administration – Upper Great Plains Region 
Mr. Kelly Harrison, Westar Energy 
Mr. Duane Highley, Arkansas Electric Cooperative 
Mr. David Hudson, Xcel Energy 
Mr. Rob Janssen, Dogwood Energy 
Mr. Thomas Kent, Nebraska Public Power District 
Mr. Jeff Knottek, City Utilities of Springfield 
Mr. Stuart Lowry, Sunflower Electric Power Corporation 
Mr. Josh Martin, director 
Mr. Dave Osburn, Oklahoma Municipal Power Authority 
Mr. Mike Risan, Basin Electric Power Cooperative 
Ms. Kristine Schmidt, ITC Great Plains 
Mr. Harry Skilton, director 
Mr. Kevin Smith, Tenaska 
Mr. Stuart Solomon, American Electric Power 
Ms. Kelly Walters, Empire District Electric Company 
Mr. Mitch Williams, proxy for Mr. Gary Roulet, Western Farmers Electric Cooperative 
Mr. Mike Wise, Golden Spread Electric Cooperative 

 

Mr. Eckelberger introduced Mr. Ken Peterson from the NERC Board of Directors and Ms. Sue Kelley from 
American Public Power Association. He then asked for a round of introductions. There were 137 people 
in attendance either in person or via the phone representing 30 members (Attendance List – Attachment 
1). Mr. Nick Brown reported proxies (Proxies – Attachment 2). 

 
Agenda Item 3 – Board Reports 

President’s Report 
Mr. Nick Brown pointed out that SPP Annual Reports had been distributed across the room. He noted that 
it has been a remarkable year for our organization. He also indicated that extra copies of the SPP Annual 
Report are available upon request to SPP staff. He commented on the extraordinary staff and the great 
job they are doing, noting in particular the one full year of the Integrated Marketplace with stellar results 
and Phase II having gone live on March 1, 2015 on time and under budget. 

 
Mr. Brown added that on February 27, 2015 FERC issued a notice that they would be conducting an audit 
of SPP as part of its normal 2015 fiscal year audit plan and noted that FERC’s audit team conducted a  
site visit on SPP’s campus earlier this month. 
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Mr. Brown stated that on April 8, 2015 SPP released a second analysis of the EPA’s proposed Clean 
Power Plan indicating a regional compliance approach would meet the plan’s 2030 deadline at an 
estimated cost of $2.9 billion per year. The IATAN 345 kV line was energized under budget and ahead of 
schedule. 

 
On March 16, 2015 three SPP directors traded job roles. Philip Bruich is now the director of Markets 
Administration, Sam Ellis is the director of System Operations, and Don Shipley is the director of 
Settlements. This is an illustration of SPP’s culture drivers of continuous improvement, efficiency, and 
collaboration. Mr. Brown noted that it is also a great opportunity to broaden experiences, gain exposure, 
and improve visibility across the organization while providing a new perspective on leadership and 
departmental oversight. 

 
Mr. Carl Monroe and Mr. Tom Dunn provided a detailed Corporate Metrics report (Metrics Report – 
Attachment 3). 

 
Mr. Brown recognized three individuals that have been a part of SPP for many years and are retiring from 
their respective companies. 

• Gene Anderson: Oklahoma Municipal Power Authority 
o Gene was the Director of Engineering for Oklahoma Municipal Power Authority from 1992 

to 1999. From 1999 to present he refers to his job title as Utility Specialist. Gene started 
out with the Congestion Management System and Market Settlement Working Group in 
May 2003, which became the Market Working Group in July 2003. Gene started as a 
committee member and became the Vice Chair in July 2013. 

• Tom DeBaun: Kansas Corporation Commission 
o Tom is the Senior Energy Engineer for the Kansas Corporation Commission and has 

worked for the company for almost 15 years. Tom started out with the Cost Allocation 
Working Group in February 2010 and has been very involved and dedicated since the 
beginning. He works closely with the RSC. Tom was the CAWG chair in 2013. 

• Keith Sugg: Arkansas Electric Cooperative Corporation 
o Keith is retiring from Arkansas Electric Cooperative Corporation with 37 years of service. 

During his time with the company he has filled many roles. He has been the Operations 
Security Manager, the Principal Engineer of Dispatching, and Senior Director of Market 
Implementation. Keith has been involved with SPP in some capacity almost as long as he 
has been with AECC. He was the Chair of the effort to develop the first energy market   
for SPP in 2000. He continued in the energy market effort, including involvement at MISO 
during the SPP/MISO efforts until 2002, and he managed AECC’s participation in           
the energy markets. 

 
Last, Mr. Brown recognized Stacy Duckett who recently passed away. 

 
• Stacy Duckett was the Corporate Secretary and head of Compliance for our organization. Stacy 

came on board when SPP was a fledgling organization and took a chance on us. Stacy was a 
charm and is really missed. 

 
Regional State Committee Report 
Commissioner Dana Murphy reported on the Regional State Committee. Commissioner Murphy noted 
that the RSC set some goals at the beginning of the year and the committee is slowly achieving these 
goals. Communication is a big focus and on-going. 

 
In January the RSC tasked the CAWG to look at what role the RSC should have with regard to the cost 
allocation methodology for new members joining SPP. At the April RSC educational session the RSC 
heard a presentation from Carl Monroe on the history of integrating new members in SPP and had a 
discussion with CAWG members regarding the Nebraska integration, IS integration, and areas of interest 
from RSC and CAWG members. After discussion a scoping document will be put together on how to 
apply cost allocation for new members. 
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Western Farmers Electric Cooperative requested an aggregate study waiver of the eligibility requirements 
of Section III.B.1 of Attachment J for a request for a new Designated Wind Resource. WFEC requests the 
waiver because their wind to load ratio exceeds the 20% threshold limit. After discussion there was 
consensus from the RSC members that the eligibility requirements set out in Section III.B.1 may not be 
applicable today as the transmission system has changed since the requirements were approved. The 
RSC voted to deny the waiver request with five voting in favor of the motion to deny the waiver request, 
one abstention, and one against the motion. 

 
The Regional Allocation Review Task Force (RARTF) recommended that the RSC endorse the decision 
to delay the completion of the Regional Cost Allocation Review (RCAR) II to allow for use of the 2017 
ITP10 models. There was a discussion with the RSC members to see if everyone is still on 
board/committed to the RCAR process. There is a commitment by all RSC members who spoke to the 
RCAR process. Delaying the RCAR II to be completed by July 2016 will still meet the tariff requirement of 
performing the analysis every 3 years. Modeling assumptions need to be updated as the information 
currently being used in the analysis is from the 2015 ITP10 and the new models will be more accurate. 
The RSC voted unanimously to support the RARTF decision and delay RCAR II in order to use the most 
up-to-date information from the 2017 ITP10 models. 

 
Federal Energy Regulatory Commission Report 
Mr. Patrick Clarey provided the Federal Energy Regulatory Commission (FERC) report. He began by 
thanking Chairman Nelson, Commissioners Stoll and Kalk, Mr. Lanny Nickell and Mr. Steve Gaw for 
participating in the FERC Clean Power Plan (CPP) Conference in March. Mr. Clarey noted that on April 
15, 2015 Norman Bay became Chairman of the Commission. Cheryl LaFleur remains on the Commission 
as a Commissioner. On April 20, 2015 FERC granted SPP’s waiver request that would allow SPP to not 
perform the ITP20 assessment as required by the tariff, but instead begin an ITP10 assessment due to 
uncertainty surrounding the EPA’s CPP. Mr. Clarey stated that the Commission issued a Final Rule 
intended to improve coordination of wholesale natural gas and electricity market scheduling. The 
Commission adopted the proposal to move the Timely Nomination Cycle deadline for scheduling gas 
transportation and the proposal to add a third intraday nomination cycle during the gas operating day to 
help shippers adjust their scheduling to reflect changes in demand. He added that FERC staff proposed  
to identify objective metrics that could be useful for gauging the impact of Commission policies on timely 
and cost-effective transmission investment. The metrics involved three areas: 

• Assessment of whether appropriate levels of transmission infrastructure exist, 
• Assessment of a baseline analysis of the impact of policy changes, and 
• Evaluation of key goals under Order No. 1000. 

 
Regional Entity Trustees Report 
Mr. John Meyer provided the Regional Entity (RE) Trustees Report (RE Trustees Report – Attachment 4). 
Mr. Meyer stated that the Bulk Electric System (BES) effort is going smoothly. The BESnet tool is still 
available for use. There are no reportable contacts in SPP RE footprint. This is the seventh consecutive 
quarter with no reportable contacts. FERC approved NERC’s risk based approach to monitoring and 
enforcing compliance: 

• Approved elimination of Purchasing Selling Entity (PSE) and Interchange Authority (IA) 
as registered functions 

• NERC needs to do more work to justify removing the Load Serving Entity (LSE) 
registered function 

• Raised minimum threshold for Distribution Providers (DP) from 25 MW unless the DP 
owns Protection Systems 

• NERC will file a response in 90 days 
SPP RE has completed 12 Inherent Risk Assessments (IRA) for Registered Entities on the 2015 audit 
schedule. SPP RE has developed an Internal Control Evaluation (ICE) program. ICE will be the focus for 
Regional Entities on the 2016 audit schedule. SPP RE has been selected as the Lead Region Entity for 
two organizations. 
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Finance Committee Report 
Mr. Harry Skilton provided the Finance Committee Report (Finance Committee Report – Attachment 5). 
Mr. Skilton stated that SPP’s external auditor reviewed and approved the financial statements and gave 
SPP a clean report. He noted that the benefit plan contribution is $3.76 million and that staff has been 
tasked to document the 2016 Operating Plan highlighting 2016 actions related to strategic plan, required 
investment and metrics to gauge progress. The Operating Plan will be reviewed by the Finance 
Committee. In September it will be reviewed by the Strategic Planning Committee (SPC), and presented 
to the Board of Directors in October. SPP will change to using a zero-based budget process once every 
3-4 years. The 2016 budget will be reviewed and approved by the Board of Directors in December 2015. 
There may be a change in administrative fee philosophy and the Finance Committee will seek member 
input (Admin Fee Management Memo – Attachment 6). 

 
Agenda Item 4 – Consent Agenda 
Mr. Eckelberger presented the Consent Agenda (Consent Agenda – Attachment 7) which included two 
Corporate Governance Committee nominations posted on January 26, 2015. 

 
Mr. Harry Skilton made a motion to approve the consent agenda and Mr. Julian Brix seconded the 
motion. The Members Committee voted in unanimous approval. The Board voted; the motion 
passed. 

 
Agenda Item 5 – Oversight Committee Report 
Mr. Josh Martin provided the Oversight Committee Report. Mr. Martin noted that following the January 
Board of Directors meeting the Oversight Committee (OC) held a special meeting to provide SPP staff 
guidance on how to proceed with contracting Independent Expert Panelists (IEPs) in light of uncertainty 
as to whether any projecting coming out of the 2015 ITP Near-Term Assessment (ITPNT) and ITP10 will 
be competitively solicited. The OC has directed staff to delay engagement of the industry expert pool 
until at least after the April Board of Directors meeting and communicate with each pool member, 
notifying them of the status of the IEP contracts. At the last OC meeting there were several FERC staff 
members in attendance, including some of the FERC Audit team and members from FERC’s Office of 
Energy Markets. Mr. Ben Bright updated the OC on the one potential competitive project. The “What 
Does the Tariff Say?” campaign has been kicked-off and requires a lot of collaboration with various 
departments and includes each department taking a look at its respective sections of the Tariff for 
compliance. Mr. Martin noted that as a part of FERC’s Audit, FERC staff has been looking at the 
independence and function of the Market Monitoring Unit (MMU). He added that the MMU department 
has retained outside legal services to represent the MMU as needed before FERC. Finally, Mr. Martin 
stated that the Internal Audit department is fully staffed and has completed three audits since the last 
meeting and there that several more are in the process. 

 
Looking Forward Report 
Mr. Vincent Musco and Mr. Sam Choi from Boston Pacific presented the Looking Forward report (Boston 
Pacific 2015 Looking Forward Report – Attachment 8). There are eight issues the OC wanted to see 
addressed: 

I. Blurred Jurisdictional Lines 
II. Update on the Changing Electric Sector Business Model 

III. Thoughts on a Framework for Evaluating Transmission Investments 
IV. Wind (and Solar) Exports from SPP’s Footprint 
V. EPA’s Continued Environmental Campaign 

VI. The Shale Gas Revolution 
VII. Physical Grid Security 

VIII. Smart Grid 
 

Agenda Item 6 – Markets and Operations Policy Committee 
Mr. Noman Williams provided the Markets and Operations Policy Committee (MOPC) Report (MOPC 
Presentation – Attachment 9). The first item for discussion was Market Working Group (MWG) Revision 
Request (RR) 69. Mr. Richard Dillon and Mr. Alan McQueen provided reports explaining the Variable 
O&M, Phase 1. 
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Mr. Nick Brown made a motion to approve MWG RR 69: Mitigated Offer Variable Operation and 
Maintenance (VOM) Cost Calculation. Mr. Larry Altenbaumer seconded the motion. The Members 
Committee voted in approval, with two abstentions (Nebraska Public Power District, ITC Great 
Plains) and two against (Golden Spread Electric Cooperative, Sunflower Electric Power 
Corporation). The Board voted; the motion passed. 

 
Mr. Dillon reported on Phase 2 which added market-based value to the Phase 1 designs. (This was not a 
voting item.) SPP MMU will calculate the reference prices for use in mitigation. There are three methods: 

I. Method 1 – Resource Specific Offer Based 
II. Method 2 – LMP Based 

III. Method 3 – Cost Based 
 

Mr. Richard Ross provided the report for RR 49. SPP has identified a need for a more granular Reliability 
Unit Commitment (RUC) study with a shorter runtime than Intra-Day RUC and a smaller study window. 
Because of the smaller study window, this study will use Short Term Load Forecast (STLF) and Mid-Term 
Load Forecast (MTLF). This study will be included in the Intra-Day RUC processes. The purpose of the 
study will be to recommend commitments and extensions with more granularity than one hour  
commitment time blocks with a study window of 180 minutes. SPP believes this study will reduce the 
number of manual commitments made in real time by smoothing transitions with smaller granularity 
extensions off the top of the hour, as well as reducing the need to commit short startup time resources  
well in advance. 

Mr. Larry Altenbaumer moved to approve RR49: Short Term Reliability Unit Commitment. Mr. 
Nick Brown seconded the motion. The Members Committee voted to approve with five 
abstentions (Dogwood Energy, City Utilities of Springfield, Exelon Generation Company, 
Oklahoma Municipal Power Authority, ITC Great Plains,) and six against (Golden Spread Electric 
Cooperative, Basin Electric Power Cooperative, Sunflower Electric Power Corporation, Nebraska 
Public Power District, Western Area Power Administration – Upper Great Plains Region, Omaha 
Public Power District). The Board voted; the motion did not pass. 

Mr. Alan Myers provided the report on the ESWG 2017 ITP10 Futures. There are four proposed futures 
driven by the EPA Clean Power Plan: 

Future 1 – Regional Clean Power Plan solution 
Future 2 – State Level Clean Power Plan solution 
Future 3 – No Clean Power Plan solution incorporated 
Future 4 – Clean Power Plan “Extreme Case” 

 
ESWG presented the four futures to MOPC showing that Futures 1-3 are a higher priority as 
recommended by ESWG. Also, recommend the low load growth and low gas supply drivers from Future 
4 as a sensitivity in Future 3 should Future 4 be eliminated. ESWG has not yet substantially discussed 
how these futures would be utilized to construct a recommended portfolio. MOPC voted to approve 
Futures 1, 2 and 3 and change the load growth to normal on Future 3. 

 
Mr. Harry Skilton moved to approve the ESWG 2017 ITP10 Futures. Mr. Josh Martin seconded the 
motion. The Members Committee voted unanimously to approve. The Board voted; the motion 
passed. 

 
Mr. Lanny Nickell provided the report on the Attachment J Aggregate Study Waiver Requests. Attachment 
J of the SPP Tariff addresses recovery of costs associated with new transmission facilities. Subsection III 
of this section addresses Base Plan funding for network upgrades, including Safe Harbor Cost Limit of 
$180,000/MW, and provides for waivers, whereby application may be made for additional Base Plan 
funding for a network upgrade in excess of the Safe Harbor Limit based on three independent factors. 
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Mr. Julian Brix moved not to approve the waiver request. Mr. Harry Skilton seconded the motion. 
The Members Committee voted to approve the motion with one abstention (Omaha Public Power 
District) and two against (Western Farmers Electric Cooperative, Oklahoma Municipal Power 
Authority). The Board voted; the motion passed. 

 
Mr. Lanny Nickell reported on the Walkemeyer - North Liberal 115 kV line and associated projects re- 
evaluation. In January 2015 the Board of Directors approved the 2015 ITPNT and 2015 ITP10 as 
presented, while requesting a re-evaluation of the 21-mile 115 kV line from Walkemeyer – North Liberal 
and associated projects. In response to Sunflower’s suggestion that redispatch of existing generation in 
the area could mitigate the need, SPP staff recommended that Notifications to Construct (NTCs) be 
issued for both phases of the project according to the needs identified in the 2015 ITPNT and 2015 
ITP10, performed in accordance with the respective study scopes. SPP staff provided three options: 

 
• Option 1: 

o Transmission cost includes annual transmission revenue requirement (ATRR) for 
Phase 1 beginning in 2019 and Phase 2 beginning in 2030 

o Cimarron River Station (CRS) dispatch needed for 40 hours across 45 days 
(2024) 

o Phase 2 of project in-service upon CRS retirement 
• Option 2: 

o Transmission cost includes ATRR for Phase 1 and Phase 2 beginning in 2019 
o No dispatch from CRS needed 
o CRS retirement does not affect Option 2 

• Option 3: 
o Transmission cost includes ATRR for Phase 1 and Phase 2 beginning in 2030 
o CRS dispatch needed for 1000 hours across 184 days (2024) 
o Both Phases 1 and 2 in-service upon CRS retirement 

 
Staff recommends construction of Phase 1 and Phase 2 of the transmission project by 2018 and 2019, 
depicted as Option 2 in SPP’s evaluations, because Option 2: 

 
• Best meets long-term system reliability needs, 
• Does not conclusively cost more to ratepayers and clearly minimizes reliability risk 

compared to the other options, 
• Best assures compliance with the newly effective TPL-001-4 Reliability Standard, and 
• Was determined consistent with the manner in which the 2015 ITP10 was performed. 

 
As a result, SPP staff requested the Board of Directors issue NTCs for these upgrades according to the 
needs in the 2015 ITPNT and 2015 ITP10, performed in accordance with the respective study scopes. 

 
Mr. Al Tamimi (Sunflower Electric Power Corporation) provided a report in contrast to the SPP 
recommendation. Mr. Tamimi recommends selecting Option 1 but not Option 2. He pointed out 
economic concerns. 

 
Ms. Phyllis Bernard moved to approve staff’s recommendation to construct phase 1 and phase 2 of 
the transmission projects which included that NTC’s will be issued for both phases of the projects 
according to the needs identified in the 2015 ITPNT and 2015 ITP10, performed in            
accordance with the respective study scopes. Mr. Harry Skilton seconded the motion. The 
Members Committee voted not to approve the motion with seven in favor (Kansas City Power and 
Light, American Electric Power, Western Area Power Administration, Nebraska Public Power 
District, Oklahoma Municipal Power Authority, Exelon Generation Company, ITC Great Plains), 
eight against (Basin Electric, The Empire District Electric Company, Oklahoma Gas and Electric, 
Sunflower Electric Power Corporation, Westar Energy, Omaha Public Power District, Western 
Farmers Electric Cooperative, Arkansas Electric Cooperative) and five abstentions (Golden  
Spread Electric Cooperative, Xcel Energy, City Utilities of Springfield, Dogwood Energy, Tenaska). 
The Board voted; the motion passed. 
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Agenda Item 7 – Future Meetings 
Mr. Eckelberger reminded everyone that the Oversight Committee will be meeting on June 8, 2015 in 
Little Rock and that the Board of Directors will also hold a workshop in Little Rock June 8-9. The next 
RET/RSC/BOD meeting will be in Kansas City on July 27-28, 2015. 

 
Adjournment 
With no further business, Mr. Eckelberger thanked everyone for participating and adjourned the meeting 
at 3:46 p.m. 

 
 
Respectfully Submitted, 

 
Paul Suskie, Corporate Secretary 
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Southwest Power Pool 

SPECIAL BOARD/MEMBERS COMMITTEE MEETING 

June 15, 2015 
 

Teleconference 
 

 
• Summary of Action Items • 

 
 

1. Approved recommendation for the issuance of NTCs for three Short-Term Reliability projects 
approved from the 2015 ITP. 
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SPECIAL BOARD/MEMBERS COMMITTEE MEETING 

June 15, 2015 
 

Teleconference 
 

•  M I N U T E S  •  
 

Agenda Item 1 – Call to Order 
SPP Chair Mr. Jim Eckelberger called the meeting to order at 10:04 a.m.  The following Board of 
Directors/Members Committee members were in attendance or represented by proxy: 

Mr. Larry Altenbaumer, director 
Ms. Phyllis Bernard, director 
Mr. Julian Brix, director 
Mr. Nick Brown, director 
Mr. Phil Crissup, Oklahoma Gas and Electric 
Mr. Mike Deggendorf, Kansas City Power and Light 
Mr. Jim Eckelberger, director 
Mr. James Foley, proxy for Mr. Jon Hansen, Omaha Public Power District 
Mr. Bob Harris, Western Area Power Administration – Upper Great Plains Region 
Mr. Tom Stuchlik, proxy for Mr. Kelly Harrison, Westar Energy 
Mr. Andrew Lachowsky, proxy Mr. Duane Highley, Arkansas Electric Cooperative 
Mr. Bill Grant, proxy for Mr. David Hudson, Xcel Energy 
Mr. Paul Malone, proxy for Mr. Thomas Kent, Nebraska Public Power District 
Mr. Jeff Knottek, City Utilities of Springfield 
Mr. Stuart Lowry, Sunflower Electric Power Corporation 
Mr. Josh Martin, director 
Mr. Mike Mushrush, proxy for Mr. Dave Osburn, Oklahoma Municipal Power Authority 
Mr. Mike Risan, Basin Electric Power Cooperative 
Mr. Harry Skilton, director 
Mr. Stuart Solomon, American Electric Power 
Ms. Kelly Walters, Empire District Electric Company 
Mr. Mike Wise, Golden Spread Electric Cooperative 

 
Mr. Eckelberger called the meeting to order and a roll call was taken to see who was on the phone and 
proxies were reported (Attendance List – Attachment 1) and (Proxies – Attachment 2).   
 
Agenda Item 2 – Approval of 2015 Short-Term Reliability Projects 
Mr. Lanny Nickell provided the Short-Term Reliability Projects presentation (Short-Term Reliability 
Projects Presentation – Attachment 3 and Short-Term Reliability Projects Report – Attachment 4).  Mr. 
Nickell explained that pursuant to SPP’s FERC approved Order 1000 Transmission Owner Selection 
Process (TOSP), the SPP BOD must approve projects designated as Short-Term Reliability Projects 
(STRP) as defined in Attachment Y of the SPP Tariff.  Attachment Y defines an STRP as an upgrade 
needed to address an identified reliability violation and is required to be in service within three years or 
less.  As a result, an STRP is not considered a Competitive Upgrade. 
 
The three projects identified by SPP Staff as STRP included: 

1. Tap Hitchland – Finney 345 kV and New Sub – Walkemeyer 1 mile 115 kV line 
2. Baldwin Creek 230/115 kV Transformer 
3. RIAC 115 kV Voltage Conversion 
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Mr. Nickell noted that after requesting comments per SPP’s tariff, two comments submitted.  NextEra 
Transmission commented on the Tap Hitchland stating that the date should be moved to 6/1/19 making 
the entire project competitive and request RUC and OOME dispatch local generation as needed until 
project placed in service.  Westar supported one of the STRP designations. 
 
Mr. Harry Skilton moved to approve the SPP staff recommendation (Staff Recommendation – 
Attachment 5), to approve the issuance of NTCs for these Short-Term Reliability Projects as 
initially recommended in the 2015 ITP analysis.  Mr. Josh Martin seconded the motion.  The 
Members Committee voted in unanimous approval.  The Board voted via an email vote; the motion 
passed. 
 
Agenda Item 3 – Future Meetings 

RET/RSC/BOD - July 27-28....................................................Kansas City  
RET/RSC/BOD - October 26-27..............................................Little Rock  
BOD - December 8...................................................................Little Rock 

Adjournment 

With no further business, Mr. Eckelberger thanked everyone for participating and adjourned the meeting 
at 10:22 a.m. 
 
 
Respectfully Submitted, 
 
 
Paul Suskie, 
Corporate Secretary 
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Revision Request Recommendation Report 

RR #: 73 Date: 3/26/2015 

RR Title: Credit Policy and the use of IFRS 

SUBMITTER INFORMATION 

Name: Scott Smith Company: Southwest Power Pool, Inc. 

Email: ssmith@spp.org Phone: 501-614-3339 

OBJECTIVE OF REVISION 

Describe the problem/issue this revision request will resolve.  

Provide clarification on the use of IFRS financial statements for meeting minimum capitalization criteria.   

Describe the benefits that will be realized from this revision. 

Definitive clarification on the use of IFRS will provide efficiencies and transparency to SPP staff and current/potential Credit 
Holders. 

EXECUTIVE SUMMARY OF RECOMMENDATION 

This Revision Request provides clarification on the use of IFRS financial statements for meeting minimum capitalization criteria.  
MOPC recommends approval. 

Requested Action:  Board of Directors approve Revision Request 73. 

 

IMPACT ANALYSIS REQUIRED:   Yes      No 

Estimated Cost: $      
Cost is a rough order of magnitude estimate, approx. +/-50% 

Estimated Duration:       months 
Duration is a rough order of magnitude estimate, approx. +/-50% 

Priority Rank for System Change:       1 – Critical       2 – High       3 – Medium       4 – Low  

SPP DOCUMENTS IMPACTED 
  Market Protocols Protocol Section(s):       Protocol Version:       
  Criteria Criteria Section(s):       Criteria Date:       
  Tariff (OATT) Tariff Section(s): Section 3.1.1.8.1 of  Attachment X (SPP Credit Policy) 
  Business Practice Business Practice Number:       

WORKING GROUP REVIEWS AND RECOMMENDATIONS 
List Primary and any Secondary/Impacted WG Recommendations as appropriate 

Primary Working Group: 
CPWG 

 

Date: 2/19/2015 

Vote: Approved 

Abstained: NA 

Opposed: NA 

Secondary Working Group: 
Finance Committee 

 

Date: 4/2/2015 

Vote: Approved 

Abstained: NA 

Opposed: NA 

 

mailto:ssmith@spp.org
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Secondary Working Group: 
MWG 

 

Date: 4/21/2015 

Vote: Approved Unanimously 

Abstained: NA 

Opposed: NA 

Secondary Working Group: 
RTWG 

 

Date: 4/30/2015 

Vote:       

Abstained: NA 

Opposed: NA 

MOPC  

 

Date: 7/14/2015 

Vote: Unanimously Approved 

Abstained: NA 

Opposed: NA 

BOD/Member Committee  

 

Date:       

Vote:       

Abstained:       

Opposed:       

Reasons for Opposition:       

 

COMMENTS 

Comment Author:       

Description of Comments:       

Status:        

Comment Author:       

Description of Comments:       

Status:       

PROPOSED REVISION(S) TO SPP DOCUMENTS 

Market Protocols 

 
NA 
 

Tariff (OATT) 

 
3.1.1.8              Minimum Criteria for Market Participation.  
  
3.1.1.8.1              Minimum Eligibility Requirements 
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In order to be eligible to transact in the Integrated Marketplace, each Market Participant must 
demonstrate to SPP that it qualifies as one of the following: 
  
a.                    An “appropriate person,” as defined under Section 4(c)(3)(A) through (J) of the 
Commodity Exchange Act (7 U.S.C. § 6(c)(3)(A) through (J)). A Market Participant may 
qualify as an “appropriate person” by providing: (i) an unlimited Corporate Guaranty in a form 
acceptable to SPP as described in Article 6 of this Attachment X and Appendix D of this 
Attachment X from an entity that demonstrates to SPP that it has in excess of $1million of total 
net worth or in excess of $5 million of total assets per Market Participant for which that 
guarantor has issued an unlimited Corporate Guaranty, or (ii) a letter of credit in excess of $5 
million  in a form acceptable to SPP that the Market Participant acknowledges is separate from, 
and cannot be applied to meet, its credit requirements under this Attachment X. 
  
b.              An “eligible contract participant,” as defined in Section 1a(18) of the Commodity 
Exchange Act (7 U.S.C. § 1a(18)) and in the Commodity Futures Trading Commission’s 
regulation 1.3(m) (17 C.F.R. § 1.3(m)) 
  
c.              A person or entity that is in the business of: (1) generating, transmitting or distributing 
electric energy or (2) providing electric services that are necessary to support the reliable 
operation of the transmission system (78 Fed. Reg. 19880, page 19914).               
 
For purposes of meeting the minimum criteria for market participation under this Credit Policy, 
SPP shall accept annual audited Financial Statements prepared according to either United States 
Generally Accepted Accounting Principles (US GAAP) or International Financial Reporting 
Standards (IFRS).  
 
 
If a Market Participant is unable to meet the minimum eligibility requirements for market 
participation set forth in this Section 3.1.1.8.1, the Market Participant shall immediately notify 
SPP and immediately cease conducting transactions in the Integrated Marketplace.  When SPP 
receives such notification from a Market Participant or determines that a Market Participant 
does not meet the minimum eligibility requirements set forth in this Section 3.1.1.8.1, SPP shall 
immediately terminate that Market Participant’s transaction rights in the Integrated 
Marketplace. 
In the event that a Market Participant is no longer able to demonstrate that it meets the minimum 
eligibility requirements set forth in this Section 3.1.1.8.1, and possesses, obtains, or has rights 
to possess or obtain any open or forward position in the Integrated Marketplace, SPP may take 
any action it deems necessary with respect to such open or forward positions. Such action may 
include but is not limited to, liquidation, transfer, assignment, or sale. The Market Participant 
will be entitled to any positive market value of such positions, net of any obligations due to 
SPP, notwithstanding its ineligibility to participate in the Integrated Marketplace.  Nothing in 
this paragraph shall restrict SPP's ability to enforce SPP's rights to pursue and collect any 
amounts Market Participants may owe to SPP. 

 
 

SPP Criteria 
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NA 
 

SPP Business Practices 

 
NA 
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Revision Request Recommendation Report 

RR #: RR76 Date: 4/21/2015 

RR Title: Net Benefits Test Clean-up 

SUBMITTER INFORMATION 

Submitter Name: Micha Bailey Company: Southwest Power Pool 

Email: mcbailey@spp.org Phone: 501.688.2522 

OBJECTIVE OF REVISION 

Objectives of Revision Request:   
Describe the problem/issue this revision request will resolve.  

Now that the Integrated Marketplace has been in operation for more than a year, references to “EIS Market data” in Section 4.1.9, 
Calculation of Net Benefits Test for Compensation of Demand Response Load, should be changed to “Integrated Marketplace 
data”.  Clarification is needed to state SPP will use historical Integrated Marketplace data in the calculation of the Net Benefits 
Test. 

Describe the benefits that will be realized from this revision. 

This revision clarifies SPP will use historical Integrated Marketplace data in the calculation of the Net Benefits Test. 

EXECUTIVE SUMMARY OF RECOMMENDATION 

This Revision Request updates references to “EIS Market data” in the calculation of Net Benefits for Compensation of Demand 
Response Load as we now use historical Integrated Marketplace data.  MOPC recommends approval. 

Requested Action: Board of Directors approve Revision Request 76.   

IMPACT ANALYSIS REQUIRED:   Yes      No 

Estimated Cost: $      
Cost is a rough order of magnitude estimate, approx. +/-50% 

Estimated Duration:       months 
Duration is a rough order of magnitude estimate, approx. +/-50% 

Priority Rank for System Change:       1 – Critical       2 – High       3 – Medium       4 – Low  

SPP DOCUMENTS IMPACTED 
  Market Protocols Protocol Section(s): 4.1.9 Protocol Version:       
  Criteria Criteria Section(s):       Criteria Date:       
  Tariff (OATT) Tariff Section(s): Attachment AE, Section 3.9 
  Business Practice Business Practice Number:       

WORKING GROUP REVIEWS AND RECOMMENDATIONS 
List Primary and any Secondary/Impacted WG Recommendations as appropriate 

Primary Working Group: MWG 

 

Date: 4/21/2015 

Vote: Unanimously Approved 

Secondary Working Group: 
RTWG 

 

Date: 4/30/2015 

Vote: Unanimously Approved 

Abstained: NA 

Opposed: NA 

 

mailto:mcbailey@spp.org
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Secondary Working Group: 
ORWG 

 

Date: 5/7/2015 

Vote: Unanimously Approved 

Abstained: NA 

Opposed: NA 

MOPC 

 

Date: 07/14/2015 

Vote: Unanimously Approved 

Abstained: NA 

Opposed: NA 

BOD/Member Committee  

 

Date: 7/28/2015 

Vote:       

Abstained:       

Opposed:       

Reasons for Opposition:       

 

COMMENTS 

Comment Author:       

Description of Comments:       

Status:        

Comment Author:       

Description of Comments:       

Status:       

PROPOSED REVISION(S) TO SPP DOCUMENTS 

Market Protocols 

 

4.1.9 Calculation of Net Benefits Test for Compensation of Demand Response Load 

SPP shall identify each month the price on a supply curve, representative of economic conditions 
expected for that month, at which the benefits of dispatching Demand Response Load exceed the costs 
of the load reductions to other loads (“Net Benefits Threshold”). In formulaic terms, the Net Benefit 
Threshold is deemed to be realized at the price point on the supply curve where the market price (“P”) 
change attributable to the dispatching Demand Response Load times the MWh consumed is greater than 
the new market price (after dispatching Demand Response Load) times the Demand Response Load, as 
set forth in the following formula: 
 (Delta P x MWh consumed) > (P NEW x Demand Response Load)  
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where Delta P = P before Demand Response Load is dispatched minus P NEW. 
SPP shall update and post the Net Benefits Test results and analysis for a calendar month no later than 
the 15th day of the preceding calendar month. The Net Benefits Threshold shall be calculated using the 
following steps: 
Step 1: Retrieve historical Integrated Marketplace offers for the peak hour of each day from the same 

calendar month (of the prior calendar year) for which the calculation is being performed.  
Step 2: Adjust a portion of each prior-year offer representing the typical share of fuel costs in energy 

offers in the SPP Region for changes in fuel prices based on the ratio of the reference month spot 
price to the study month forward price. For such purpose; natural gas shall be priced at the Henry 
Hub price; number 2 oil shall be priced at the Gulf Coast price; and coal shall be priced at the 
Powder River Basin price. 

Step 3: Combine the offers to create an hourly supply curve for each daily peak hour in the period. 
Step 4: Smooth each supply curve by fitting the following function to the raw data using a non-linear, 

least-squares regression: 
  P(MW) = A + B * MW + C * MW2 + D * MW3 +  e(E*MW+F) 

where P(MW) is the historical Integrated Marketplace offer price in $/MWh, and MW is 
cumulative capacity. A through F are the parameters to be estimated. 

Step 5: Compute the price elasticity of the smoothed supply curves at each MW point, finding the 
threshold price for each supply curve at which elasticity falls below one for the duration of the 
curve. 

Step 6: Compute the average of the threshold prices identified in Step 5. This is the Net Benefits 
Threshold for the month. 

 
 

SPP Tariff (OATT) 
 
Attachment AE 

3.9 Calculation of Net Benefits Test for Compensation of Demand Response Load 

The Transmission Provider shall identify each month the price on a supply curve, representative 
of economic conditions expected for that month, at which the benefits of dispatching Demand 
Response Load exceed the costs of the load reductions to other loads (“Net Benefits Threshold”).  
In formulaic terms, the Net Benefits Threshold is deemed to be realized at the price point on the 
supply curve where the market price (“P”) change attributable to dispatching Demand Response 
Load times the MWh consumed is greater than the new market price (after dispatching Demand 
Response Load) times the Demand Response Load, as set forth in the following formula: 
 

(Delta P x MWh consumed) > (P NEW  x  Demand Response Load),  
 
where Delta P = P before Demand Response Load is dispatched minus P NEW. 

Deleted: energy imbalance service market

Deleted: energy imbalance service market
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The Transmission Provider shall update and post the Net Benefits Test results and analysis for a 
calendar month no later than the 15th day of the preceding calendar month.  The Net Benefits 
Threshold shall be calculated using the following steps: 

 
Step 1: Retrieve historical Integrated Marketplace offers for the peak hour of each day from the 

same calendar month (of the prior calendar year) for which the calculation is being 
performed 

 
Step 2: Adjust a portion of each prior-year offer representing the typical share of fuel costs in 

energy offers in the SPP Region for changes in fuel prices based on the ratio of the 
reference month spot price to the study month forward price.  For such purpose, natural 
gas shall be priced at the Henry Hub price, number 2 oil shall be priced at the Gulf Coast 
price, and coal shall be priced at the Powder River Basin price. 

 
Step 3: Combine the offers to create an hourly supply curve for each daily peak hour in the 

period. 
 

Step 4: Smooth each supply curve by fitting the following function to the raw data using a non-
linear, least-squares regression: 

 
, 

 
 where P(MW) is the historical Integrated Marketplace offer price in $/MWh, and MW 

is cumulative capacity.  A through F are the parameters to be estimated. 
 
Step 5: Compute the price elasticity of the smoothed supply curves at each MW point, finding the 

threshold price for each supply curve at which elasticity falls below one for the duration 
of the curve.   

 
Step 6: Compute the average of the threshold prices identified in Step 5. This is the Net Benefits 

Threshold for the month. 
 
 

SPP Criteria 

 
      
 

SPP Business Practices 

 
      
 

Deleted: energy imbalance service market

Deleted: energy imbalance service market
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Revision Request Recommendation Report 
RR #: 101 Date: 6/16/2015 
RR Title: Real-Time Reg-UpDown Service Margin Correction 

SUBMITTER INFORMATION 

Submitter Name: Micha Bailey Company: Southwest Power Pool 

Email: mcbailey@spp.org Phone: 501.688.2522 

OBJECTIVE OF REVISION 

Objectives of Revision Request:   
Describe the problem/issue this revision request will resolve.  

1 Attachment AE Section 8.6.19(2)(a) – Real-Time Reg-Up Service Margin has an extra /12. The Real-Time Reg-Up Service and 
Real-Time Reg-Up Service Cost are already /12 in Section 8.6.19(2)(a)(i) and 8.6.19(2)(a)(ii) respectively. 

2 Attachment AE Section 8.6.20(2)(a) – Real-Time Reg-Dn Service Margin has an extra /12. The Real-Time Reg-Dn Service and 
Real-Time Reg-Dn Service Cost are already /12 in Section 8.6.20(2)(a)(i) and 8.6.20(2)(a)(ii) respectively. 

Describe the benefits that will be realized from this revision. 

1 Attachment AE Section 8.6.19(2)(a) – By removing the extra /12 from Real-Time Reg-Up Service Margin, it will not be 
understated.  

2      Attachment AE Section 8.6.20(2)(a) – By removing the extra /12 from Real-Time Reg-Dn Service Margin, it will not be      
understated. 

EXECUTIVE SUMMARY AND RECOMMENDATION  

This Revision Request corrects the calculation of certain Settlement determinants where if not corrected the result is understated. 
The calculation of Real-Time Regulation-Up and Down Service Margin has an extra divide by 12 in the Tariff that puts 
determinates into 25 second intervals.  This Revision Request removes the extra divide by 12 in the Regulation-Up and Down 
Service Margin so Service Margin will not be understated.  MOPC recommends approval. 

Requested Action:  Board of Directors approve Revision Request 101. 

 

IMPACT ANALYSIS REQUIRED:   Yes      No* 
*System Changes are required but an Impact Analysis is not needed. 

Estimated Cost: $      
Cost is a rough order of magnitude estimate, approx. +/-50% 

Estimated Duration:       months 
Duration is a rough order of magnitude estimate, approx. +/-50% 

Priority Rank for System Change:       1 – Critical       2 – High       3 – Medium       4 – Low  

SPP DOCUMENTS IMPACTED 

  Market Protocols Protocol Section(s): 4.5.9.28; 
4.5.9.29 Protocol Version:       

  Criteria Criteria Section(s):       Criteria Date:       
  Tariff (OATT) Tariff Section(s): Attachment AE 8.6.19; 8.6.20 
  Business Practice Business Practice Number:       

WORKING GROUP REVIEWS AND RECOMMENDATIONS 
List Primary and any Secondary/Impacted WG Recommendations as appropriate 

Primary Working Group: MWG 

 

Date: 6/17/2015 

Vote: Unanimously Approved 

Abstained: NA 

Opposed: NA 
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Secondary Working Group: 
RTWG 

 

Date: 6/25/2015 

Vote: Unanimously Approved 

Abstained: NA 

Opposed: NA 

MOPC  

 

Date: 7/14/2015 

Vote: Unanimously Approved 

Abstained: NA 

Opposed: NA 

BOD/Member Committee:  

 

Date:       

Vote:       

Abstained:       

Opposed:       

Reasons for Opposition:       

 

COMMENTS 

Comment Author:       

Description of Comments:       

Status:        

Comment Author:       

Description of Comments:       

Status:       

PROPOSED REVISION(S) TO SPP DOCUMENTS 

Market Protocols 

 

4.5.9.28     Unused Regulation-Up Mileage Make Whole Payment Amount 

(1) A credit will be calculated at each Settlement Location for each Asset Owner for each Dispatch 
Interval when that Asset Owner is charged for Unused Regulation-Up Mileage at a rate that is in 
excess of the Asset Owner’s Regulation-Up Mileage Offer to the extent the Resource’s 
Regulation-Up Service margin is not sufficient to offset the charge induced by the difference in the 
two rates.  The amount will be calculated as follows: 

#RegUpUnusedMileMwp5minAmt a, s, i =   

DaRegUpUnusedMileMwp5minAmt a, s, i  
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+ RtRegUpUnusedMileMwp5minAmt a, s, i 

Where, 

(a) DaRegUpUnusedMileMwp5minAmt a, s, i =  

[ Max ( 0, DaRegUpMargin5minAmt a, s, i   

+ PotDaRegUpMileMwp5minAmt  a, s, i ) ]  *(-1) 

(a.1) #DaRegUpMargin5minAmt a, s, i = Min { 0,   

Cast h to i  [ ( DaRegUpHrlyAmt a, h, s   

+ IF { (DaClrdComStatHrlyFlg h, s, c = 0 ) AND 

(∑
z

DaRegUpHrlyQty a, z, s, h <= DaFixedRegUpHrlyQty a, s, h) 

THEN 0 

ELSE DaRegUpAvailHrlyAmt a, h, s } ) / 12 ] 

- ∑
z

 [ Min [ 0, ( RtRegUp5minQty a, z, s, i    

- ∑
z

 IF { (DaClrdComStatHrlyFlg h, s, c = 0 ) AND 

(∑
z

DaRegUpHrlyQty a, z, s, h <= DaFixedRegUpHrlyQty a, s, h) 

THEN 0 

ELSE ∑
z

DaRegUpHrlyQty a, z, s, h } ) ] 

* ( RtRegUpMcp5minPrc z, i  - DaRegUpOffer a, s, i  ) / 12 ] } 

(a.2) #PotDaRegUpMileMwp5minAmt  a, s, i = Max [ 0, 

( ( RtRegUpMileMcp5minPrc i  -  DaRegUpMileOffer5minPrc a, s, i )  

* DaRegUpUnusedMile5minQty a, s, i  ) ] / 12 
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(a.2.1) DaRegUpUnusedMile5minQty a, s, i  =  

RtRegUpUnusedMile5minQty a, s, i   

* { IF RtRegUp5minQty a, s, i = 0 THEN 1 

ELSE 

Min ( 1, DaRegUpHrlyQty a, s, h  /  RtRegUp5minQty a, s, i ) } 

 
(b) RtRegUpUnusedMileMwp5minAmt a, s, i =[ Max (0, 
RtRegUpMargin5minAmt a, s, i  

+ PotRtRegUpMileMwp5minAmt  a, s, i ] * (-1) 

(b.1) #RtRegUpMargin5minAmt a, s, i = Min { 0,   

( RtRegUpRev5minAmt a, s, i + ( RtRegUpAvail5minAmt a, s, i  / 12 ) )  } 

 (b.3) #PotRtRegUpMileMwp5minAmt  a, s, i = 

Max( 0, RtRegUpMileMcp5minPrc i  

- RtRegUpMileOffer5minPrc a, s, i )  

* 

( RtRegUpUnusedMile5minQty a, s, i  

- DaRegUpUnusedMile5minQty a, s, i  )  / 12 

... 

4.5.9.29     Unused Regulation-Down Mileage Make Whole Payment Amount 

 (1) A credit will be calculated at each Settlement Location for each Asset Owner for each Dispatch 
Interval when that Asset Owner is charged for Unused Regulation-Down Mileage at a rate that is 
in excess of the Asset Owner’s Regulation-Down Mileage Offer to the extent the Resource’s 
Regulation-Down Service margin is not sufficient to offset the charge induced by the difference in 
the two rates.  The amount will be calculated as follows: 

#RegDnUnusedMileMwp5minAmt a, s, i =   

DaRegDnUnusedMileMwp5minAmt a, s, i  

+ RtRegDnUnusedMileMwp5minAmt a, s, i 

Deleted: / 12

Commented [MCB1]: RR 92 Awaiting Approval 
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Where, 

(a) DaRegDnUnusedMileMwp5minAmt a, s, i = [ Max ( 0, 
DaRegDnMargin5minAmt a, s, i   

+ PotDaRegDnMileMwp5minAmt  a, s, i ) ] * (-1) 

(a.1) #DaRegDnMargin5minAmt a, s, i = Min { 0,   

Cast h to i  [ ( DaRegDnHrlyAmt a, h, s   

+ IF { (DaClrdComStatHrlyFlg h, s, c = 0 ) AND 

(∑
z

DaRegDnHrlyQty a, z, s, h <= DaFixedRegDnHrlyQty a, s, h) 

THEN 0 

ELSE DaRegDnAvailHrlyAmt a, h, s  } ) / 12 ] 

- ∑
z

 [ Min [ 0, ( RtRegDn5minQty a, z, s, i    

- ∑
z

 IF { (DaClrdComStatHrlyFlg h, s, c = 0 ) AND 

(∑
z

DaRegDnHrlyQty a, z, s, h <= DaFixedRegDnHrlyQty a, s, h) 

THEN 0 

ELSE ∑
z

DaRegDnHrlyQty a, z, s, h } ) ] 

* ( RtRegDnMcp5minPrc z, i  - DaRegDnOffer a, s, i  ) / 12 ] } 

(a.2) #PotDaRegDnMileMwp5minAmt  a, s, i = Max [ 0, 

( ( RtRegDnMileMcp5minPrc i  -  DaRegDnMileOffer5minPrc a, s, i )  

* DaRegDnUnusedMile5minQty a, s, i  ) ] / 12 

(a.2.1) DaRegDnUnusedMile5minQty a, s, i  =  
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RtRegDnUnusedMile5minQty a, s, i   

* { IF RtRegDn5minQty a, s, i  =0, THEN 1 

ELSE 

Min ( 1, DaRegDnHrlyQty a, s, h  /  RtRegDn5minQty a,s, i ) }   

(b) RtRegDnUnusedMileMwp5minAmt a, s, i =  

 [ Max (0, RtRegDnMargin5minAmt a, s, i  

+ PotRtRegDnMileMwp5minAmt  a, s, i ] * (-1) 

(b.1) #RtRegDnMargin5minAmt a, s, i = Min { 0,   

( RtRegDnRev5minAmt a, s, i + ( RtRegDnAvail5minAmt a, s, i  / 12 ) )  } 

 (b.3) #PotRtRegDnMileMwp5minAmt  a, s, i = 

Max( 0, RtRegDnMileMcp5minPrc i  

- RtRegDnMileOffer5minPrc a, s, i )  

* 

( RtRegDnUnusedMile5minQty a, s, i  

- DaRegDnUnusedMile5minQty a, s, i  )  / 12 
 
 

SPP Tariff (OATT) 
 
Tariff: Attachment AE 

8.6.19 Unused Regulation-Up Mileage Make Whole Payment 

A payment will be made to each Asset Owner with a Resource that is charged for Unused 

Regulation-Up Mileage at a rate that is in excess of that Resource’s Regulation-Up Mileage Offer 

to the extent that Regulation-Up Service margin is not sufficient to offset such excess.  The amount 

will be calculated on a Dispatch Interval basis as follows: 

 

Unused Regulation-Up Mileage Make Whole Payment Amount =  

Day-Ahead Unused Regulation-Up Mileage Make Whole Payment Amount + Real-Time 

Unused Regulation-Up Mileage Make Whole Payment Amount 

Deleted: /12

Commented [MCB2]: RR 92 Awaiting Approval 
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(1) Day-Ahead Unused Regulation-Up Mileage Make Whole Payment = Maximum of [zero 

or (Day-Ahead Regulation-Up Service Margin + Day Ahead Potential Regulation-Up 

Unused Make Whole Payment Amount)] * (-1) 

(a) Day-Ahead Regulation-Up Service Margin = Minimum of [zero or [(Day- Ahead 

Regulation-Up Service Hourly Amount (as calculated under Section 8.5.2 of this 

Attachment AE) plus Day-Ahead Regulation-Up Service Cost), divided by 12]  

minus 

Minimum of [zero or (Real-Time Cleared Regulation-Up Service Dispatch Interval 

Quantity (as defined under Section 8.6.2(1)(a)(ii) of this Attachment AE) - Day-

Ahead Regulation-Up Service Hourly Quantity)] * (Real- Time MCP (as defined 

under Section 8.6.2(1)(a)(i) of this Attachment AE) – Day-Ahead Regulation-Up 

Offer ), divided by 12]  

(i) If the Resource has cleared Regulation-Up Service that is greater than the 

amount of self-scheduled Regulation-Up Service on that Resource, then 

Day-Ahead Regulation-Up Service Cost is equal to the cost calculated as 

described under Section 8.5.9(4)(a)(iv) of this Attachment AE.  If the 

Resource is not eligible for a Day-Ahead Make Whole Payment Amount as 

described under Section 8.5.9 of this Attachment AE and the Resource has 

cleared Regulation-Up Service that is less than or equal to the amount of 

self-scheduled Regulation-Up Service on that Resource then Day-Ahead 

Regulation-Up Service Cost is equal zero for the purposes of this 

calculation. 

 (ii) If the Resource has cleared Regulation-Up Service that is greater than the 

amount of self-scheduled Regulation-Up Service on that Resource, then 

Day-Ahead Regulation-Up Service Hourly Quantity is equal to the value 

described under Section 8.6.2(1)(a)(iii) of this Attachment AE.  If the 

Resource is not eligible for a Day-Ahead Make Whole Payment Amount as 

described under Section 8.5.9 of this Attachment AE and the Resource has 

cleared Regulation-Up Service that is less than or equal to the amount of 

self-scheduled Regulation-Up Service on that Resource then Day-Ahead 

Regulation-Up Service Hourly Quantity is equal zero for the purposes of 

this calculation. 
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 (b) Day-Ahead Potential Regulation-Up Unused Mileage Make Whole Payment =  

[Maximum of [zero or (Expected Regulation-Up Mileage MCP – Day-Ahead 

Regulation-Up Mileage Offer)]] * Day-Ahead Unused Regulation-Up Mileage 

divided by 12 

(i) Regulation-Up Mileage Offer and Regulation–Up Offer are defined under 

Section 1 of this Attachment AE. (Regulation-Up Mileage Offer for Day-

Ahead Market and Regulation-Up Offer for Day-Ahead Market are the 

terms used here); 

(ii) Expected Regulation-Up Mileage MCP is defined under Section 8.3.4(3) of 

this Attachment AE; 

(iii) If Real-Time Cleared Regulation-Up Service Dispatch Interval Quantity (as 

described under Section 8.6.2(1)(a)(ii) of this Attachment AE) is equal to 

zero , then Day-Ahead Unused Regulation-Up Mileage = Maximum of 

[zero or (Regulation-Up Unused Mileage (as calculated under Section 

8.6.2(1)(a)(iv) of this Attachment AE), otherwise Day_Ahead Unused 

Regulation-Up Mileage = Regulation-Up Unused Mileage * Minimum of 

[one or (Day-Ahead Cleared Regulation-Up Service Hourly Interval 

Quantity (as described under Section 8.6.2(1)(a)(iii) of this Attachment AE) 

divided by Real-Time  Cleared Regulation-Up Service Dispatch Interval 

Quantity (as described under Section 8.6.2(1)(a)(ii) of this Attachment 

AE))])]. 

(2) Real-Time Unused Regulation-Up Mileage Make Whole Payment = Maximum of [zero or 

(Real-Time Regulation-Up Service Margin + Real-Time Potential Regulation-Up Unused 

Make Whole Payment Amount)] * (-1)  

(a) Real-Time Regulation-Up Service Margin = Minimum of [zero or Real-Time 

Regulation-Up Service Revenue plus Real-Time Regulation-Up Service Cost]; 

(i) Real-Time Regulation-Up Service Revenue = (Real-Time MCP as defined 

under Section 8.6.2(1)(a)(i) of this Attachment AE) * Maximum of [ zero 

or ((Real-Time Cleared Regulation-Up Service Dispatch Interval Quantity 

as defined under Section 8.6.2(1)(a)(ii) of this Attachment AE) - (Day-

Deleted:  divided by 12
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Ahead Regulation-Up Service Hourly Quantity as defined under Section 

8.6.2(1)(a)(iii) of this Attachment AE)) ] / 12 * (-1); 

(ii) Real-Time Regulation Up Service Cost = (Real-Time Regulation-Up 

Service Offer) * ((Real-Time Cleared Regulation-Up Service Dispatch 

Interval Quantity) - (Day-Ahead Regulation-Up Service Hourly Quantity)) 

/ 12; except that Real-Time Regulation-Up Service Costs associated with 

self-scheduled Regulation-Up Service where such self-schedules are less 

than or equal to the amount of Real-Time Regulation-Up Service cleared 

shall be set equal to zero.  

(b) Real-Time Potential Regulation-Up Unused Mileage Make Whole Payment = 

[Maximum of [zero or (Expected Regulation-Up Mileage MCP – Real-Time 

Regulation-Up Mileage Offer)]] * (Real-Time Unused Regulation-Up Mileage – 

Day-Ahead Unused Regulation-Up Mileage), divided by 12 

(i) Regulation-Up Mileage Offer is defined under Section 1 of this Attachment 

AE. (Regulation-Up Mileage Offer for Real-Time Balancing Market is the 

term used here); 

(ii) Expected Regulation-Up Mileage MCP is defined under Section 8.3.4(3) of 

this Attachment AE; 

(iii) Real-Time Unused Regulation-Up Mileage is calculated under Section 

8.6.2(1)(a)(iv) of this Attachment AE 

(iv) Day-Ahead Unused Regulation-Up Mileage is calculated under Section 

8.6.19(1)(b)(iii) of this Attachment AE. 

8.6.20 Unused Regulation-Down Mileage Make Whole Payment 

A payment will be made to each Asset Owner with a Resource that is charged for Unused 

Regulation-Down Mileage at a rate that is in excess of that Resource’s Regulation-Down 

Mileage Offer to the extent that Regulation-Down Service margin is not sufficient to offset such 

excess.  The amount will be calculated on a Dispatch Interval basis as follows: 

 

Unused Regulation-Down Mileage Make Whole Payment Amount =  
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Day-Ahead Unused Regulation-Down Mileage Make Whole Payment Amount + Real-

Time Unused Regulation-Down Mileage Make Whole Payment Amount 

(1) Day-Ahead Unused Regulation-Down Mileage Make Whole Payment = Maximum of 

[zero or (Day-Ahead Regulation-Down Service Margin + Day Ahead Potential Regulation-

Down Unused Make Whole Payment Amount)] * (-1)  

(a) Day-Ahead Regulation-Down Service Margin = Minimum of [ zero or [(Day-

Ahead Regulation-Down Service Hourly Amount (as calculated under Section 

8.5.2 of this Attachment AE) plus Day-Ahead Regulation-Down Service Cost, 

divided by 12],  

minus  

Minimum of [zero or (Real-Time Cleared Regulation-Down Service Dispatch 

Interval Quantity (as defined under Section 8.6.2(1)(a)(ii) of this Attachment AE) 

-Day-Ahead Regulation-Down Service Hourly Quantity) ] * (Real-Time MCP (as 

defined under Section 8.6.2(2)(a)(i) of this Attachment AE) – Day-Ahead 

Regulation-Down Offer ), divided by 12]  

(i) If the Resource has cleared Regulation-Down Service that is greater than 

the amount of self-scheduled Regulation-Down Service on that Resource, 

then Day-Ahead Regulation-Down Service Cost is equal to the cost 

calculated as described under Section 8.5.9(4)(a)(v) of this Attachment AE.  

If the Resource is not eligible for a Day-Ahead Make Whole Payment 

Amount as described under Section 8.5.9 of this Attachment AE and the 

Resource has cleared Regulation-Down Service that is less than or equal to 

the amount of self-scheduled Regulation-Down Service on that Resource 

then Day-Ahead Regulation-Down Service Cost is equal zero for the 

purposes of this calculation. 

(ii) If the Resource has cleared Regulation-Down Service that is greater than 

the amount of self-scheduled Regulation-Down Service on that Resource, 

then Day-Ahead Regulation-Down Service Hourly Quantity is equal to the 

value described under Section 8.6.2(2)(a)(iii) of this Attachment AE.  If the 

Resource is not eligible for a Day-Ahead Make Whole Payment Amount as 

described under Section 8.5.9 of this Attachment AE and the Resource has 
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cleared Regulation-Up Service that is less than or equal to the amount of 

self-scheduled Regulation-Up Service on that Resource then Day-Ahead 

Regulation-Up Service Hourly Quantity is equal zero for the purposes of 

this calculation. 

(b) Day-Ahead Potential Regulation-Down Unused Mileage Make Whole Payment =  

[Maximum of [zero or (Expected Regulation-Down Mileage MCP - Day-Ahead 

Regulation-Down Mileage Offer]] * Day-Ahead Unused Regulation-Down 

Mileage, divided by 12 

 

(i) Regulation-Down Mileage Offer and Regulation-Down Offer are defined 

under Section 1 of this Attachment AE. (Regulation-Down Mileage Offer 

for Day-Ahead Market and Regulation-Down Offer for Day-Ahead Market 

are the terms used here); 

(ii)  Expected Regulation-Down Mileage MCP is defined under Section 

8.3.4(4) of this Attachment AE; 

(iii) If Real-Time Cleared Regulation-Down Service Dispatch Interval Quantity 

(as described under Section 8.6.2(2)(a)(ii) of this Attachment AE) is equal 

to zero then Day-Ahead Unused Regulation-Down Mileage = Maximum of 

[zero or (Regulation-Down Unused Mileage (as calculated under Section 

8.6.2(2)(a)(iv) of this Attachment AE), otherwise Day-Ahead Unused 

Regulation-Down Mileage = Regulation-Down Unused Mileage * 

Minimum of [one or (Day-Ahead Cleared Regulation-Down Service Hourly 

Interval Quantity (as described under Section 8.6.2(2)(a)(ii) of this 

Attachment AE) divided by Real-Time Cleared Regulation-Down Service 

Hourly Quantity (as described under Section 8.6.2(2)(a)(ii) of this 

Attachment AE))])]. 

(2) Real-Time Unused Regulation-Down Mileage Make Whole Payment = Maximum of [zero 

or (Real-Time Regulation-Down Service Margin + Real-Time Potential Regulation-Down 

Unused Make Whole Payment Amount)] * (-1)  

(a) Real-Time Regulation-Down Service Margin = Minimum of [zero or Real-Time 

Regulation-Down Service Revenue plus Real-Time Regulation-Down Service 

Cost]; Deleted: , divided by 12
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(i) Real-Time Regulation-Down Service Revenue = (Real-Time MCP as 

defined under Section 8.6.2(2)(a)(i) of this Attachment AE) * Maximum of 

[ zero or ((Real-Time Cleared Regulation-Down Service Dispatch Interval 

Quantity as defined under Section 8.6.2(2)(a)(ii) of this Attachment AE) - 

(Day-Ahead Regulation-Down Service Hourly Quantity as defined under 

Section 8.6.2(2)(a)(ii) of this Attachment AE) ] / 12 * (-1); 

 (ii) Real-Time Regulation-Down Service Cost = (Real-Time Regulation-Down 

Service Offer) * ((Real-Time Cleared Regulation-Down Service Dispatch 

Interval Quantity) - (Day-Ahead Regulation-Down Service Hourly 

Quantity)) / 12; except that Real-Time Regulation-Down Service Costs 

associated with self-scheduled Regulation-Down Service where such self-

schedules are less than or equal to the amount of Real-Time Regulation-

Down Service cleared shall be set equal to zero.  

(b) Real-Time Potential Regulation-Down Unused Mileage Make Whole Payment = 

[Maximum of [zero or (Expected Regulation-Down Mileage MCP – Real-Time 

Regulation-Down Mileage Offer)]] * (Real-Time Unused Regulation-Down 

Mileage – Day-Ahead Unused Regulation-Down Mileage), divided by 12 

(i) Regulation-Down Mileage Offer is defined under Section 1 of this 

Attachment AE. (Regulation-Down Mileage Offer for Real-Time Balancing 

Market is the term used here); 

(ii) Expected Regulation-Down Mileage MCP is defined under Section 8.3.4(4) 

of this Attachment AE; 

(iii) Real-Time Unused Regulation-Down Mileage is calculated under Section 

8.6.2(2)(a)(iv) of this Attachment AE; 

(iv) Day-Ahead Unused Regulation-Down Mileage is calculated under Section 

8.6.20(1)(b)(iii) of this Attachment AE. 

 
SPP Criteria 

 
      
 

SPP Business Practices 
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PRR Recommendation Report 
 

PRR 
No. Marketplace-PRR165 PRR 

Title Pseudo-Tie Losses Correction 

Timeline  

  Normal    Expedited    Urgent Action        

Provide explanation if Expedited and/or Urgent Action is selected:  This MPRR is 
Expedited to go to the April MOPC. 

 
Recommendation Action 
 

  Approve               Reject        

  Require additional information       

  Defer             Refer       

Impact Analysis Required 
  Yes – If yes, estimated cost:                  No 

SPP Staff will complete this section. 

Protocol Section(s) 
Requiring Revision  

Section No.:  4.5.9.20      
Title:  Real-Time Over-Collected Losses Distribution Amount      
Protocol Version:  17.0 

Type of Revision 
  Correction/Clean-Up    Clarification       

  Design Enhancement    Design Change        

Timeline   Go-Live    Post Go-Live 

Revision Description 

The MWG has previously approved an approach to rebating RTBM Over-Collected 
Losses that included Resources and load pseudo-tied out of the SPP footprint, 
given that they are payers of marginal losses.  Since there is no market asset 
associated with Resources or load pseudo-tied out of SPP, some modifications of 
the formulae were required to achieve this and were included in MPRR 69.  
However, the recent FERC order required comprehensive changes to the 
methodology for rebating Over-Collected Losses, which were documented in 
MCRR 116. Resources or load pseudo-tied out of SPP included in the rebates 
have to be adjusted for in order to satisfy the policy so that they continue to 
participate in the distribution of the Over-Collection. Specifically: 
 
1) Section 4.5.9.20 (b.4) Addition of the hash symbol in (b.4) restores the rounding 
of the bill determinant to its desired precision 
2) Section 4.5.9.20 (b.4) Addition of the term SltoLp5minMap, the Loss Pool 
mapping determinant,  is required to associate pseudo-tied flow to appropriate 
Loss Pool 
3) Section 4.5.9.20 Removal of “/12” in (b.5) and (b.8) in MPRR 158 was incorrect 
it is reinstated here. 
4) Section 4.5.9.20 (c.1) Inclusion of the bill determinant for MW associated with 
Resources and load pseudo-tied out of the SPP footprint is necessary to facilitate 
the distribution of funds to the parties paying marginal losses for pseudo-tied flow.  
This term is filtered by the total over-collection determinant, RtIncrOclHrlyAmt, to 
prevent allocation of an under-collection to pseudo-tie MW, which can’t be hedged 
in the Day-Ahead Market and are therefore always exposed in RTBM.       

  EIS Market 
 

  Integrated Marketplace  
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Tariff Implications or 
Changes  

  Yes – Section No: (Include a summary of impact and/or specific changes) 

Amount; Section 8.6.16; Real-Time Over-Collected Losses Distribution Amount 
 

  No 

Criteria Impact or Changes  

  Yes – Section No: (Include a summary of impact and/or specific changes) 

      

  No 

MWG Review 
PRR Recommendation 

Date of Vote: 2/11/2014 Vote: Unanimously Approved 

Opposed:  N/A 

Abstained:  N/A 

Date of Vote: 5/19/2015 Vote: Unanimously Approved motion to withdraw 

Opposed:  N/A 

Abstained:  N/A 

RTWG Review Date of Vote: 2/20/2014 Vote: Approved 

ORWG Review  Date of Vote: 3/6/2014 Vote: Approved with no Reliability impacts 

MOPC Recommendation  
Date of Vote: 4/15/2014 Vote: Approved 
 
Date of Vote: 7/15/2015 Vote: Unanimously Approved motion to withdraw 
 

Board Review  

Date of Vote: 4/29/2014 Vote: Approved 
 
Date of Vote: 7/28/2014 Vote: 
 
 

 
 

Date 2/4/2014 
 

Sponsor 
Name Micha Bailey 
E-mail Address mcbailey@spp.org 
Company Southwest Power Pool 
Phone Number 501.688.2522 

 
 

Proposed Protocol Language Revision 
 

4.5.9.20 Real-Time Over-Collected Losses Distribution Amount 

(1) The Marginal Losses Component of the RTBM LMP that results from the economic market 
solution which considers the cost of marginal losses, congestion costs and incremental 
Energy costs creates an over collection (or under collection as a result of the Real-Time 

mailto:mcbailey@spp.org
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deviation accounting) related to payment for losses (“RTBM Over-Collected Losses”) that 
must be accounted for.  A RTBM credit or charge is calculated for each hour at each 
Settlement Location for which an Asset Owner has a net RTBM Energy withdrawal in a Loss 
Pool that contributed positively to the over collection or under collection or paid a charge for 
Real-Time Pseudo-Tie Losses at the Settlement Location of the Sink of the Pseudo-Tie path 
for use of the SPP Transmission system.  Each Loss Pool’s contribution to the RTBM Over-
Collected Losses is calculated based upon the Settlement Locations contained within the 
Loss Pool.  There are two types of Loss Pools: (a) Loss Pools defined by all Settlement 
Locations within a Settlement Area (“Settlement Area Loss Pool”); and (b) a single Loss 
Pool defined by all Hub and External Interface Settlement Locations (“System-Wide Loss 
Pool”).  Injection/withdrawal amounts associated with Settlement Locations spanning 
multiple Settlement Area Loss Pools are allocated pro rata using the billable metering values 
submitted at the associated Meter Data Submittal Locations.  A loss rebate factor is 
calculated for each  withdrawal Settlement Location as the sum of i) the difference between 
the Marginal Loss Component at a withdrawal Settlement Location and the injection 
weighted average Marginal Loss Component for the Loss Pool, multiplied by the net RTBM 
Energy withdrawal at that Settlement Location and ii) the sum of charges for Real-Time 
Pseudo-Tie Losses at the Settlement Location of the Sink of the pseudo-tie path. The 
injection weighted average MLC for the Loss Pool is calculated assuming that injection in 
the Loss Pool first serves withdrawal in the Loss Pool and then goes to meet the withdrawal 
in Loss Pools which do not have sufficient injection to meet all withdrawal.  The sum of the 
Settlement Location loss rebate factors (positive value only, negative values are ignored) is a 
measure of that Loss Pool’s payment for losses on a marginal basis.  The Loss Pool sum of 
the Settlement Location loss rebate factors are then normalized to allocate a pro-rata portion 
of the total over collection or under collection in the hour to each Loss Pool. Within a Loss 
Pool, each Asset Owner is allocated a portion of the Loss Pool subtotal at each Settlement 
Location based on a ratio share of its net RTBM Market Energy withdrawal to that of the 
Loss Pool in total.  The amount is calculated as follows: 

#RtOclDistHrlyAmt a, s, lp, h =  

RtAoSlLpLrsHrlyFct a, s, lp, h  * 

RtNormLpRbtHrlyFct  lp, h * RtIncrOclHrlyAmt h * (-1) 

Where, 

Commented [MCRR116.1]: MCRR116 Awaiting FERC 
Approval ER12-1179-012 



3bii3. MWG_MPRR 165 Recommendation Report 5/19/2015 Page 4 of 16 

(a) RtIncrOclHrlyAmt h = ∑
i

 RtIncrOcl5minAmt i  

(a.1)    #RtIncrOcl5minAmt i =  

∑
a
∑

s

 [ ( RtLmp5minPrc s,  i – RtMcc5minPrc s,  i ) 

* ( ( RtBillMtr5minQty a, s,  i  – DaClrdHrlyQty a, s,  h )  

– ∑
t

DaClrdVHrlyQty a, s,  h, t   

+ ∑
t

RtImpExp5minQty a, s, i, t  – ∑
t

DaImpExp5minQty a, s, i, t  ) ] / 12 

 + RtNetInadvertentSpp5minAmt i + RtPseudoTieLossSpp5minAmt i  

(a.2)    RtPseudoTieLossSpp5minAmt i =  

∑
a

∑
source

∑
ksin

RtPseudoTieLoss5minAmt a, source, sink, i 

(b) IF RtSppRbtHrlyFct h = 0 

THEN 

RtNormLpRbtHrlyFct lp, h = 0 

ELSE  

#RtNormLpRbtHrlyFct lp, h =  

Max ( 0, RtLpRbtHrlyFct lp, h  ) / RtSppRbtHrlyFct h 

(b.1) RtSppRbtHrlyFct h = ∑
lp

 RtLpRbtHrlyFct lp, h  

Commented [MPRR158.2]: MPRR 158 
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(b.2)  RtLpRbtHrlyFct lp, h = ∑
s

 Max ( 0, RtSlRbtHrlyFct s, lp, h ) 

 (b.3)  RtSlRbtHrlyFct  s, lp, h = ∑
i

 RtSlRbt5minFct  s, lp, i  

(b.4) #RtSlRbt5minFct  s, lp, i = { [ RtLpIntSupply5minFct lp, i  

* ( RtMlc5minPrc s,  i – RtLpIwaMlc5minPrc lp, i ) 

+ ( 1 – RtLpIntSupply5minFct lp, i )  

* (RtMlc5minPrc s,  i – RtSppIwaMlc5minPrc i ) ]  

* RtSlWdr5minQty  s, lp, i }   

+  SltoLp5minMap s, lp, i   * ∑
source

 RtPseudoTieLoss5minAmt a, source, sink (s), i 

 

(b.5) RtSlWdr5minQty s, lp, i =  

Max ( 0,  ∑
a

 SltoLp5minMap s, lp, i * ( RtBillMtr5minQty a, s, i   

– DaClrdHrlyQty a, s,  h  – ∑
t

DaClrdVHrlyQty a, s,  h, t   

+ ∑
t

RtImpExp5minQty a, s,  i, t  * (1 – RsgCrdFlgt ) 

–∑
t

DaImpExp5minQty a, s,  i, t ) ) /12 

(b.6) RtLpWdr5minQty lp, i = ∑
s

RtSlWdr5minQty s, lp, i 

Commented [CD3]: The removal in MPRR 158 is incorrect, 
restore /12 
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(b.7)  IF RtLpWdr5minQty lp, i  = 0 

THEN 

RtLpIntSupply5minFct lp, i = 0  

ELSE  

RtLpIntSupply5minFct lp, i =  

Min [ 1, RtLpInj5minQty lp, i  / RtLpWdr5minQty lp, i  ] 

 

(b.8) RtSlInj5minQty s, lp, i = (–1)  

* { Min ( 0, ∑
a

 SltoLp5minMap s, lp, i  * 

 [ RtBillMtr5minQty a, s,  i  – DaClrdHrlyQty a, s,  h  

– ∑
t

DaClrdVHrlyQty a, s,  h, t    

+ ∑
t

RtImpExp5minQty a, s,  i, t  * (1 – RsgCrdFlgt ) 

 – ∑
t

DaImpExp5minQty a, s,  i, t  ] ) } /12 

(b.9) RtLpInj5minQty lp, i = ∑
s

RtSlInj5minQty s, lp, i  

 (b.10)  IF RtLpInj5minQty lp, i  = 0 

THEN 

RtLpExtSupply5minFct lp, i = 0 

ELSE  

Commented [CD5]: The removal in MPRR 158 is incorrect, 
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RtLpExtSupply5minFct lp, i  =  

Max [ 0, ( 1 – (RtLpWdr5minQty lp, i    

/ RtLpInj5minQty lp, i  ) ) ] 

(b.11) IF RtLpInj5minQty lp, i  = 0 

THEN 

RtLpIwaMlc5minPrc lp, i =  0  

ELSE  

RtLpIwaMlc5minPrc lp, i = 

∑
s

 [RtSlInj5minQty s, lp, i  * RtMlc5minPrc s, i ] 

/ RtLpInj5minQty lp, i  

(b.12) RtSppIwaMlc5minPrc i = ∑
lp

 [ RtLpExtSupply5minFct lp, i  

* ∑
s

( RtSlInj5minQty s, lp, i  a, s, lp, i  * RtMlc5minPrc s, i ) ]  

/ ∑
lp

 [ RtLpExtSupply5minFct lp, i * RtLpInj5minQty lp, i  ]  

(c) RtAoSlLpLrsHrlyFct a, s, lp, h =  

RtAoSlWdrHrlyQty a, s, lp, h  / RtAoLpWdrHrlyQty lp, h 

(c.1) RtAoSlWdrHrlyQty a, s, lp, h =   

∑
i

 Max ( 0,  SltoLp5minMap s, lp, i * { [ ( RtBillMtr5minQty a, s, i   

– DaClrdHrlyQty a, s, h   
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+ ∑
t

RtImpExp5minQty a, s, i, t  * (1 – RsgCrdFlgt ) 

–∑
t

DaImpExp5minQty a, s, i, t   + (IF RtIncrOclHrlyAmth  < 0 

THEN 0 

ELSE 1) * ∑  source  RtPseudoTie5minQty a, source, sink(s), i  ) ]  

- ∑
t

RtEnFinHrlyQty a, s, h, t  - ∑
t

RtNEnFinHrlyQty a, s, h, t  } 

/12 ) 

 (c.2) RtAoLpWdrHrlyQty lp, h =  ∑
a
∑

s

RtAoSlWdrHrlyQty a, s, lp, h 

(2) For each Asset Owner, a daily amount is calculated at each Settlement Location.  The daily 
amount is calculated as follows: 

RtOclDistDlyAmt a, s, lp, d = ∑
h

RtOclDistHrlyAmt a, s, lp, h 

(3) For each Asset Owner associated with Market Participant m, a daily amount is calculated.  
The daily amount is calculated as follows: 

RtOclDistAoAmt a, m, d = ∑
s
∑

lp
 RtOclDistDlyAmt a, s, lp, d 

(4) For each Market Participant, a daily amount is calculated representing the sum of Asset 
Owner amounts associated with that Market Participant.  The daily amount is calculated as 
follows: 

RtOclDistMpAmt m, d = ∑
a

 RtOclDistAoAmt a, m, d 

 

Field Code Changed
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The above variables are defined as follows: 
Variable 

 

Unit 

 

Settlement 
Interval 

Definition 

RtOclDistHrlyAmt a, s, lp, h $ Hour Real-Time Over Collected Losses Distribution Amount per 
AO per Settlement Location in Loss Pool lp per Hour - The 
amount to AO a for AO a’s share of total over/under 
collection due to marginal losses at Settlement Location s in 
Loss Pool lp for the Hour.   

RtPseudoTieLossSpp5minAmt i $ Dispatch 
Interval 

Real-Time SPP Total Pseudo-Tie Losses Amount per 
Dispatch Interval - The total amount for losses on Pseudo-
Ties in Dispatch Interval i. 

RtPseudoTie5minQty a, source, sink, i   MW Dispatch 
Interval 

Real-Time Pseudo-Tie Quantity per Asset Owner per source-
sink path per Dispatch Interval – The value described under 
Section 4.5.9.26. 

RtPseudoTieLoss5minAmt a, source, 

sink,(s), i 
$ Dispatch 

Interval 
Real-Time Pseudo-Tie Losses Amount per Asset Owner per 
source-sink path per Dispatch Interval - The value described 
under 4.5.9.27 for AO a on path source to sink in Dispatch 
Interval i. For the purpose of its inclusion in the calculation of the 
Loss Rebate Factor the sink (s) notation is an indication that value is 
collected at the sink Settlement Location. 

RtNormLpRbtHrlyFct  lp, h none Hour Real-Time Normalized Loss Rebate Factor per Loss Pool per 
Hour – The percentage  of  RtIncrOclHrlyAmt h allocated to 
Loss Pool lp for the Hour. 

RtSlRbtHrlyFct s, lp, h $ Hour Real-Time Loss Rebate Factor  per Settlement Location per 
Loss Pool per Hour – The sum of  RtSlRbt5minFct  s, lp, i at 
Settlement Location s in Loss Pool lp for the Hour. 

RtSlRbt5minFct  s, lp, i $ Dispatch 
Interval 

Real-Time Loss Rebate Factor  per Settlement Location per 
Loss Pool per Dispatch Interval–  The amount of marginal 
loss dollars calculated at Settlement Location s in Loss Pool 
lp for the Dispatch Interval. 

RtSppRbtHrlyFct h $ Hour Real-Time Loss Rebate Factor per Hour – The SPP total of 
RtLpRbtHrlyFct  lp, h for the Hour. 

RtLpRbtHrlyFct lp, h $ Hour Real-Time Loss Rebate Factor per Loss Pool per Hour – The 
amount of marginal loss dollars collected in Loss Pool lp for 
the Hour. 
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Variable 

 

Unit 

 

Settlement 
Interval 

Definition 

RtIncrOclHrlyAmt h $ Hour Real-Time Incremental Over Collected Losses Amount per 
Hour – The sum of RtIncrOcl5minAmt i for the Hour. 

RtIncrOcl5minAmt  i $ Dispatch 
Interval 

Real-Time Incremental Over Collected Losses Amount per 
Dispatch Interval – The amount of over/under collection in 
the RTBM due to marginal losses for the Dispatch Interval. 

RtLpIntSupply5minFct lp, i none Dispatch 
Interval 

Real-Time Loss Pool Internal Supply Factor per Loss Pool 
per Dispatch Interval – A ratio indicating the percentage of 
Loss Pool lp’s net withdrawals that are being served by net 
RTBM Energy injections inside of Loss Pool lp in Dispatch 
Interval i. 

RtLpExtSupply5minFct lp, i none Dispatch 
Interval 

Real-Time Loss Pool External Supply Factor per Loss Pool 
per Dispatch Interval – A ratio indicating the percentage of 
Loss Pool lp’s net RTBM Energy injections that are in excess 
of Loss Pool lp’s net RTBM Energy withdrawals in Dispatch 
Interval i. 

RtLpIwaMlc5minPrc lp, i $/MWh Dispatch 
Interval 

Real-Time Loss Pool Injection Weighted Average Marginal 
Loss Component per Loss Pool per Dispatch Interval - The 
weighted average RtMlc5minPrc  s, i  for all net RTBM 
Energy injections in loss pool lp in Dispatch Interval  i. 

RtSppIwaMlc5minPrc i $/MWh Dispatch 
Interval 

Real-Time SPP Injection Weighted Average Marginal Loss 
Component per Dispatch Interval - The weighted average of  
RtMlc5minPrc  s, i for all loss pool net RTBM Energy 
injections in excess of loss pool net RTBM Energy 
withdrawals in Dispatch Interval i. 

RtLpInj5minQty , lp, i MW Dispatch 
Interval 

Real-Time Net Injection Quantity per Loss Pool per Dispatch 
Interval –  The net RTBM Energy injection quantity  in Loss 
pool lp in Dispatch Interval i. 

RtSlInj5minQty s, lp, i MWh Dispatch 
Interval 

Real-Time Net Injection Quantity per Settlement Location per 
Loss Pool per Dispatch Interval – Settlement Location s’s net 
RTBM Energy injection quantity in Loss pool lp in Dispatch 
Interval i. 

RtLpWdr5minQty   lp, i MW Dispatch 
Interval 

Real-Time Net Withdrawal Quantity per Settlement Location 
per Loss Pool per Dispatch Interval –  The net RTBM Energy 
withdrawal quantity in Loss pool lp in Dispatch Interval i. 
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Variable 

 

Unit 

 

Settlement 
Interval 

Definition 

RtAoSlLpLrsHrlyFct a, s, lp, h  
None 

 
Hour 

Real-Time Loss Pool Load Ratio Share per AO per Settlement 
Location per Loss Pool per Hour – The ratio of AO a’s The 
net RTBM Energy withdrawal at Settlement Location s to the 
total The net RTBM Energy withdrawals in Loss pool lp in 
Hour h. 

RtAoSlWdrHrlyQty a, s, lp, h MWh Hour Real-Time Net Market Energy Asset Owner Withdrawal per 
AO per Settlement Location per Loss Pool per Hour – The 
positive value of the sum of the difference between AO a’s 
RTBM Energy and its DA Market Energy instruments at 
Settlement Location s in Loss pool lp in Hour h. 

RtAoLpWdrHrlyQty lp, h MWh Hour Real-Time Net Market Energy Withdrawal per Loss Pool per 
Hour – The sum of net RTBM Energy Asset Owner 
withdrawal in Loss pool lp in Hour h. 

RtSlWdr5minQty  s, lp, i MWh Dispatch 
Interval 

Real-Time Net Withdrawal Quantity per Settlement Location 
per Loss Pool per Dispatch Interval – Settlement Location s’s 
net RTBM Energy withdrawal quantity in Loss Pool lp in 
Dispatch Interval i. 

SltoLp5minMap s, lp, i None Dispatch 
Interval 

Settlement Location to Loss Pool Map per Settlement 
Location per Loss Pool per Dispatch Interval - The portion of 
injection or withdrawal at Settlement Location s associated 
with Loss Pool lp for Dispatch Interval i. 

RtLmp5minPrc s, i $/MWh Dispatch 
Interval 

Real-Time LMP – The value described under Section 4.5.9.1 
at Settlement Location s for Dispatch Interval i. 

RtMcc5minPrc  s, i $/MWh Dispatch 
Interval 

Real-Time Marginal Congestion Component of Real-Time 
LMP – The Marginal Congestion Component of Real-Time 
LMP at Settlement Location s for Dispatch Interval i. 

RtMlc5minPrc  s, i $/MWh Dispatch 
Interval 

Real-Time Marginal Losses Component of Real-Time LMP – 
The Marginal Losses Component of the Real-Time LMP at 
Settlement Location s for Dispatch Interval i. 

RtEnFinHrlyQty a, s,  t, h MWh Hour Bilateral Settlement Schedule for Energy per AO per 
Settlement Location per Transaction  per Hour - The value 
described under Section 4.5.9.1 for AO a at Settlement 
Location s for Hour h. 



3bii3. MWG_MPRR 165 Recommendation Report 5/19/2015 Page 12 of 16 

Variable 

 

Unit 

 

Settlement 
Interval 

Definition 

RtNEnFinHrlyQty a, s, t, h MWh Hour  Non-Asset Bilateral Settlement Schedule for Energy per AO 
per Settlement Location per Transaction  per Hour - The 
value described under Section 4.5.9.2 for AO a at Settlement 
Location s for Hour h. 

DaClrdHrlyQty a, s, h MWh Hour Day-Ahead Cleared Energy Quantity per AO per Settlement 
Location  per Hour in the DA Market – The value described 
under Section 4.5.8.1 for AO a at Settlement Location s for 
Hour h.   

DaClrdVHrlyQty a, s,  h, t MWh Hour Day-Ahead Cleared Virtual Energy Quantity per AO per 
Settlement Location per Transaction  per Hour in the  DA 
Market – The value described under Section 4.5.8.3 for AO a 
at Settlement Location s in for transaction t for Hour h.   

DaImpExp5minQty a, s, i, t MW Dispatch 
Interval 

Day-Ahead Interchange Transaction Quantity per AO per 
Settlement Location per Transaction  per Dispatch Interval – 
The value described under Section 4.5.8.2 for AO a at 
Settlement Location s in  for transaction t for Dispatch 
Interval i.   

RtImpExp5minQty a, s,  i, t MW Dispatch 
Interval 

Real-Time Interchange Transaction Quantity per AO per 
Settlement Location per Transaction per Dispatch Interval – 
The value described under Section 4.5.9.2 for AO a at 
Settlement Location s in for transaction t for Dispatch Interval 
i.     

RsgCrdFlg t 

(Not Available on Settlement 
Statement) 

none none Reserve Sharing Group Contingency Reserve Deployment 
Flag per Event – The value described under Section 4.5.8.8.  

RtBillMtr5minQty a, s,  i   MW Dispatch 
Interval 

Real-Time Billing Meter Quantity per AO per Settlement 
Location per Dispatch Interval - The value described under 
Section 4.5.9.1 for AO a at Settlement Location s in for 
Dispatch Interval i.   

RtNetInadvertentSpp5minAmt i 

 
MW$ Dispatch 

Interval 
Real-Time SPP Net Inadvertent Energy Amount per Dispatch 
Interval – The value calculated under Section 4.5.12. 
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Variable 

 

Unit 

 

Settlement 
Interval 

Definition 

RtOclDistDlyAmt a, s, lp, d $ Operating 
Day 

Real-Time Over Collected Losses Distribution Amount per 
AO per Settlement Location per Loss Pool Operating Day - 
The amount to AO a for AO a’s share of total over/under 
collection due to marginal losses at Settlement Location s in 
Loss Pool lp for the Operating Day.   

RtOclDistAoAmt a, m,  d $ Operating 
Day 

Real-Time Over Collected Losses Distribution Amount per 
AO per Operating Day- The amount to AO a associated with 
Market Participant m for AO a’s share of total over/under 
collection due to marginal losses for the Operating Day.   

RtOclDistMpAmt m, d $ Operating 
Day 

Real-Time Over Collected Losses Distribution Amount per 
MP per Operating Day- The amount to MP m for MP m’s 
share of total over/under collection due to marginal losses for 
the Operating Day.   

a none none An Asset Owner. 
s none none A Settlement Location. 
h none none An Hour. 
i none none A Dispatch Interval. 
t none none A single tagged Interchange Transaction, a single virtual 

energy transaction, a single Bilateral Settlement Schedule, a 
single contracted Operating Reserve transaction, a single TCR 
instrument, a single ARR award or a single Reserve Sharing 
Event transaction. 

d none none An Operating Day. 
lp none none A Loss Pool. 
m none none A Market Participant. 
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Proposed Tariff Language Revision 
 

Attachment AE 

8.6.16 Real-Time Over-Collected Losses Distribution Amount 

The MLC of the RTBM LMP creates an over collection of funds (or under collection of 

funds as a result of the Real-Time deviation accounting) related to the payment for losses 

(“RTBM Over-Collected Losses”) that must be refunded (or charged) as described below.   

(1) A payment or charge for the portion of such RTBM Over-Collected Losses allocable to 

each Asset Owner (“Real-Time Over-Collected Losses Distribution Amount”) shall be 

calculated for each hour at each Settlement Location for which an Asset Owner has a net 

RTBM Energy withdrawal within a Loss Pool, provided that such withdrawal does not 

include Energy associated with cleared Day-Ahead Market Virtual Energy Bids and 

Virtual Energy Offers, and such Loss Pool contributed positively to the RTBM Over-

Collected Losses or were charged for Real-Time pseudo-tie losses at the Settlement 

Location of the Sink of the pseudo-tie path for use of the SPP Transmission system 

according to the following calculations: 

(a) Each Loss Pool’s contribution to the RTBM Over-Collected Losses is calculated 

based on transactional activity in that Loss Pool where such transactional activity 

shall include: actual Resource Energy, actual load consumption, RTBM Import 

Interchange Transactions, RTBM Export Interchange Transactions, cleared Day-

Ahead Market Virtual Energy Bids and cleared Day-Ahead Market Virtual 

Energy Offers. 

(b) A “Real-Time Loss Pool loss rebate factor” is calculated hourly for each Loss 

Pool.  The Real-Time Loss Pool loss rebate factor is equal to the sum of the 

positive loss rebate factors calculated in the RTBM at each withdrawal Settlement 

Location in the Loss Pool (the “Real-Time Withdrawal Settlement Location loss 

rebate factor”).  Real-Time Withdrawal Settlement Location loss rebate factors 

are calculated hourly as the sum of i) the difference between the Real-Time MLC 

at a withdrawal Settlement Location in the Loss Pool and the injection weighted 

average Real-Time MLC for the Loss Pool, multiplied by the withdrawal quantity 

at that withdrawal Settlement Location and ii) the sum of charges for Real-Time 
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pseudo-tie losses at the Settlement Location of the Sink of the pseudo-tie path in 

the Loss Pool. 

(i) For any Settlement Location that is contained within more than one 

Settlement Area Loss Pool, any injections or withdrawals associated with 

such Settlement Location shall be allocated pro rata to the applicable 

Settlement Area Loss Pools based upon actual submitted real-time meter 

values for the Meter Data Submittal Locations contained within each 

applicable Settlement Area Loss Pool. 

(ii) The total withdrawal quantity at a Settlement Location is calculated as the 

positive value of the sum of: (i) the difference between actual Resource 

outputs and cleared Day-Ahead Market Resource Offers; (ii) the 

difference between actual load consumption and cleared Day-Ahead 

Market Demand Bids; (iii) the difference between RTBM scheduled 

Import Interchange Transactions and Day-Ahead Market cleared Import 

Interchange Transaction Offers; (iv) the difference between RTBM 

scheduled Export Interchange Transactions and Day-Ahead Market 

cleared Export Interchange Transaction Bids; (v) cleared Day-Ahead 

Market Virtual Energy Bids multiplied by (-1); and (vi) cleared Day-

Ahead Market Virtual Energy Offers multiplied by (-1), at that Settlement 

Location. 

(c) The injection weighted average Real-Time MLC for a Loss Pool is calculated 

assuming that net RTBM injection in a Loss Pool first serves net RTBM 

withdrawals in the Loss Pool and then goes to meet the net RTBM withdrawal in 

Loss Pools that do not have sufficient Net RTBM injections to meet all net RTBM 

withdrawals. 

(d) A Real-Time Loss Pool Unitized Loss Rebate Factor is calculated for each Loss 

Pool and is equal to that Real-Time Loss Pool loss rebate factor, as calculated in 

subsection (1)(b) above, divided by the sum of all Real-Time Loss Pool loss 

rebate factors. 

(2) A Real-Time over-collected losses distribution amount shall be calculated hourly for each 

Asset Owner for each Loss Pool and withdrawal Settlement Location within each Loss 

Pool as follows: 

Commented [MPRR69.13]:  
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Asset Owner Settlement Location Real-Time Over-Collected Losses Distribution 

Amount = 

[(Real-Time Loss Pool Unitized Loss Rebate Factor) * (Real-Time Over-Collected 

Losses Amount) * Asset Owner Settlement Location Withdrawal in Loss Pool / Total 

Asset Owner Settlement Location Withdrawals in Loss Pool] * (-1) 

(a) The Real-Time Over-Collected Losses Amount in an hour is equal to the sum for 

all Settlement Locations of [(Day-Ahead LMP – Day-Ahead MCC)] * the 

difference between actual Energy and Day-Ahead Market cleared Energy MW at 

each Settlement Location plus the sum of the loss charges for all Resources or 

loads that are pseudo-tied out of the SPP Balancing Authority. 

(b) The Asset Owner Settlement Location Withdrawal in Loss Pool is equal to the  

positive value of the sum for that Asset Owner at that Settlement Location in that 

Loss Pool of: (i) the difference between actual Resource outputs and cleared Day-

Ahead Market Resource Offers; (ii) the difference between actual load 

consumption and cleared Day-Ahead Market Demand Bids; (iii) the difference 

between RTBM scheduled Import Interchange Transactions and Day-Ahead 

Market cleared Import Interchange Transaction Offers; (iv) the difference 

between RTBM scheduled Export Interchange Transactions and Day-Ahead 

Market cleared Export Interchange Transaction Bids;  (v) RTBM Bilateral 

Settlement Schedules and (vi) Real-Time quantity at the sink Settlement Location 

for Resources or loads pseudo-tied out of the SPP Balancing Authority if the 

value calculated under 8.6.16(2)(a) is an over-collection, otherwise this quantity 

shall be equal to zero.  

(c) Real-Time Loss Pool Unitized Loss Rebate Factor is the factor calculated as 

described in subsection (1)(d) above. 
 
 
 

Proposed Criteria Language Revision 
 
N/A 
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Revision Request Recommendation Report 

RR #:  RR103 Date: 6/26/2015 

RR Title:  Definition of Tariff and Transmission Provider 

SUBMITTER INFORMATION 

Submitter Name: Matthew Harward Company:  SPP 

Email: mharward@spp.org Phone:  501-314-3560 

OBJECTIVE OF REVISION 

Describe the problem/issue this revision request will resolve:  

The term “Transmission Provider” contained in the Definitions Section of Article I is incorrectly phrased. As is currently, the 
definitions reflect that the Transmission Provider is SPP acting as agent for the Transmission Owners. This definition needs to be 
restructured to reflect that the Transmission Provider is SPP acting in its role as administrator of the Tariff. 

The term “Tariff” is used throughout the document but is not contained in the Definitions Section of Article I. This RR will remedy 
that issue by adding a definition for Tariff to the Tariff. 

The acronym “OATT” is used over 300 times in the Tariff without being a defined term. Although the terms OATT and Tariff are 
synonymous, the use of two words may create potential confusion and ambiguity. This RR recommends that the term OATT be 
replaced with the word Tariff consistent with the general use of terminology throughout the Tariff. This recommendation is 
consistent with the MISO and PJM Tariffs that do not define OATT or use it in the vernacular of their respective Tariffs. See 
RTWG Comment Below 

Describe the benefits that will be realized from this revision: 

Increased consistency in correct use of terminology in the Tariff. 

The revised definition of Transmission Provider clarifies that the Transmission Provider is SPP acting as administrator of the Tariff. 
SPP also is the Regional Entity and the Counterparty for Integrated Marketplace transactions which are not included as a 
Transmission Provider function; therefore the delineation is appropriate  

EXECUTIVE SUMMARY OF RECOMMENDATION 

This Revision Request restructures the definition of “Transmission Provider” to reflect that the Transmission Provider is SPP and 
defines “Tariff”.  MOPC recommends approval. 

Requested Action:  Board of Directors approve Revision Request 103. 

 

IMPACT ANALYSIS REQUIRED:   Yes      No 

Estimated Cost: $      
Cost is a rough order of magnitude estimate, approx. +/-50% 

Estimated Duration:       months 
Duration is a rough order of magnitude estimate, approx. +/-50% 

Priority Rank for System Change:       1 – Critical       2 – High       3 – Medium       4 – Low  

SPP DOCUMENTS IMPACTED 
  Market Protocols Protocol Section(s):       Protocol Version:       
  Criteria Criteria Section(s):       Criteria Date:       
  Tariff (OATT) Tariff Section(s): T Definitions 
  Business Practice Business Practice Number:       

WORKING GROUP REVIEWS AND RECOMMENDATIONS 
List Primary and any Secondary/Impacted WG Recommendations as appropriate 

 

mailto:mharward@spp.org
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Primary Working Group:  

RTWG 

Date: 6/25/2015 

Vote: Approved 

Abstained: NA 

Opposed: NA 

MOPC:  

 

Date: 7/14/2015 

Vote: Unanimously Approved 

Abstained: NA 

Opposed: NA 

BOD/Member Committee:  

 

Date:       

Vote:       

Abstained:       

Opposed:       

Reasons for Opposition:       

 

COMMENTS 

Comment Author: Matt Harward on behalf of the RTWG 

Description of Comments: Comment on RTWG action. Part of the original RR was the recommendation by SPP staff that the word 
“OATT”, which is used in the Tariff but not a defined term, be stricken from the language of the Tariff. The RR recommended that 
the term OATT be replaced with the word Tariff consistent with the general use of terminology throughout the Tariff. This 
recommendation is consistent with the MISO and PJM Tariffs that do not define OATT or use it in the vernacular of their respective 
Tariffs. This part of the RR was tabled to allow staff to analyze the impacts on the Tariff of this action. This task will be dealt with 
in a future RR. 

Status: 

Comment Author:       

Description of Comments:       

Status:       

PROPOSED REVISION(S) TO SPP DOCUMENTS 

Market Protocols 

 
NA 
 

Tariff (OATT) 

 
T - Definitions 

Tariff:  The Open Access Transmission Tariff, including all schedules or attachments thereto, of 

the Transmission Provider as amended from time to time and approved by the Commission. Deleted:  The term Tariff shall endure to include any successor 
tariff or rate schedule approved by the Commission.
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Third-Party Sale:  Any sale for resale in interstate commerce to a Power Purchaser that is not 

designated as part of Network Load under the Network Integration Transmission Service. 

 

 Transition Period:  The period from the Effective Date of this Tariff for the provision of Network 

Integration Transmission Service to the last day of the fifth year thereafter.  The Transition Period 

for a Member that is a Nebraska public-power entity shall be the period from the effective date of 

the transfer of functional control to the last day of the fifth year thereafter. 

 

 Transmission Customer:  Any Eligible Customer (or its Designated Agent) that (i) executes a 

Service Agreement, or (ii) requests in writing that the Transmission Provider file with the 

Commission, a proposed unexecuted Service Agreement to receive transmission service under Part 

II of the Tariff.  This term is used in the Part I Common Service Provisions to include customers 

receiving transmission service under Part II and Part III of this Tariff. 

 

 Transmission Owner:  Each Member of SPP that has executed an SPP Membership Agreement 

as a Transmission Owner and therefore has the obligation to construct, own, operate, and maintain 

transmission facilities as directed by the Transmission Provider and: (i) whose Tariff facilities (in 

whole or in part) make up the Transmission System; or (ii) who has accepted a Notification to 

Construct but does not yet own transmission facilities under SPP’s functional control. Those 

Transmission Owners that are not regulated by the Commission shall not become subject to 

Commission regulation by virtue of their status as Transmission Owners under this Tariff; 

provided, however, that service over their facilities classified as transmission and covered by the 

Tariff shall be subject to Commission regulation. 

 

 Transmission Provider:  The Southwest Power Pool, Inc., acting in its role as administrator of 

this Tariff.  

 

 Transmission Provider's Monthly Transmission System Peak:  The maximum firm usage of 

the Transmission Provider's Transmission System in a calendar month. 

 

Deleted: e

Deleted: as agent for and on behalf of the Transmission 
Owners.
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 Transmission Service:  Point-To-Point Transmission Service provided under Part II of the Tariff 

on a firm and non-firm basis. 

 

 Transmission System:  The facilities used by the Transmission Provider to provide transmission 

service under Part II, Part III and Part IV of the Tariff. 
 



 

Southwest Power Pool, Inc. 
SPP BOARD OF DIRECTORS 

Recommendation to the Board of Directors 
July 28, 2015 

Study Estimates in ITP Processes 

 
Background 
In October 2013, the Strategic Planning Committee (SPC) determined that Staff would provide cost 
estimates for projects being considered in ITP studies (Study Estimates), based upon a recommendation 
from the SPC Task Force for Order 1000 (SPCTF).  Prior to Order 1000, the incumbent Transmission 
Owners (TOs) provided Study Estimates for analysis within ITP studies. This change in process was 
made so that all project proposals would be evaluated fairly without bias by using the same cost estimate 
source.  

During the 2015 ITP Near-Term and ITP10 processes, Staff utilized a third party consultant to develop all 
Study Estimates.  As Notifications to Construct (NTCs) were issued for the projects determined to be 
ineligible for the Transmission Owner Selection Process (TOSP) (non-Competitive Projects), concern was 
expressed regarding the accuracy of the Study Estimates listed on the NTCs.  The Project Cost Working 
Group (PCWG) led the stakeholder process to address this issue and look for alternative methods of 
providing Study Estimates, specifically for the non-Competitive Projects.  

 

Analysis 

During May and June, Staff offered four potential solutions to the issue for the consideration of the 
stakeholders.  Pros and cons for each solution were presented and discussed.  A brief description of each 
solution is listed below: 

• Solution 1: For non-Competitive Projects, add an additional estimate stage following the review 
of the report(s) by the SPP Board of Directors (Board) and issuance of the Competitive Project 
Report.  The incumbent TOs for the non-Competitive Projects would be allowed an additional 15 
to 45 day period to submit refined Study Estimates.   

• Solution 2: SPP would obtain Study Estimates from both incumbent TOs and the independent 
third party consultant in parallel.  SPP Planning Staff would utilize the independent third party 
estimates in determining the final portfolio.  After the portfolio is finalized, Study Estimates from 
incumbent TOs would be used for the report analysis and Board review.  

• Solution 3: TOs in SPP would provide cost values for transmission facilities for their area in 
advance, essentially standardizing Study Estimates at a sub-regional level.  The standardized 
cost values for sub-regions would be vetted and approved by pertinent SPP working groups prior 
to use in ITP study processes.  

• Solution 4: Require incumbent TOs to provide and formally approve project detail assumptions 
prior to the development of Study Estimates.  The assumptions would be expected to be detailed 
enough to allow the third party consultant the ability to estimate the project at the level of 
accuracy expected of Study Estimates.  

 

On July 1st, both the PCWG and the Competitive Transmission Process Task Force (formerly SPCTF) 
approved Solution 2 with modifications (2A).  Both groups determined that the decision on whether a 
project is eligible for the TOSP should be made prior to the development of its Study Estimate.  If a 
project is determined to likely be non-Competitive, the incumbent TO would develop its Study Estimate.  



 

All Study Estimates for projects determined to likely be Competitive would be provided by SPP through 
the third party consultant.  

The flowchart below illustrates the process that was approved as Solution 2A. 

 

 
 
 
 
Recommendation 

Approve the 2A process flow for project cost estimates, which allows for incumbent TOs to develop Study 
Estimates for projects identified as non-Competitive for use in project selection analysis in ITP study 
processes. 
 
 
 
Approved:   PCWG   07/01/2015  Unanimous 

CTPTF  07/01/2015  Unanimous 
MOPC  07/15/2015  Unanimous  
SPC  07/16/2015  Unanimous 

 
 
Action Requested:  Approve recommendation. 

 
 
 
 



 

Southwest Power Pool, Inc. 
Markets and Operations Policy Committee 
Recommendation to the Board of Directors 

July 28, 2015 
2015 ITPNT and ITP10 TO-Requested NTC Re-evaluations 

 

Organizational Roster 
The following persons represent the Southwest Power Pool: 

Carl Monroe, Executive Vice President and Chief Operating Officer 
Lanny Nickell, Vice President, Engineering 
Antoine Lucas, Director, Planning 
 

 

Background 
On February 19, 2014, the SPP Board of Directors (Board) approved the 2015 Integrated Transmission 
Planning Near-Term Assessment (ITPNT) and Integrated Transmission Planning 10-Year Assessment 
(ITP10) reports, including the projects that had been identified as needed in those studies.  SPP 
subsequently issued Notifications to Construct (NTCs) to the designated Transmission Owners (TOs) for 
the approved projects in mid-February.  The NTCs stipulated that the TOs provide to SPP written 
commitments to construct the projects within 90 days of the date of issuance listed on the NTCs.  

Within their written commitments to construct, the TOs requested that 10 projects be re-evaluated of the 
40 projects issued NTCs.    

 

Analysis 
The 10 projects requested to be re-evaluated are as follows:  

 
 

• CPPXF#22 69 kV Terminal Upgrades 
GRDA proposed to construct an entirely new substation as a long-term solution.  A valid 
Transmission Operating Directive (TOD) has been submitted to mitigate the potential 69 kV 
overloads in the area. 

• Four Corners 69 kV Cap Bank 
OG&E proposed that the capacitor bank be placed at the new Hillsdale substation.  OG&E noted 
that the modification would reduce the cost of the project by roughly half. 

• Texas County 115 kV Cap Bank 
The low voltage that necessitated the NTC occurred at a 69 kV bus owned by Tri-County Electric 
Cooperative, which is not under the jurisdiction of the SPP Tariff. 

• Harrisonville North - Ralph Green 69 kV Ckt 1 Rebuild 
KPCL GMO recommended the withdrawal of the NTC because projected load growth driving 
need for this upgrade has not developed. 

• Childers 69 kV Cap Bank 



 

GRDA stated that the need for the project will be eliminated with model corrections to the latest 
ITPNT model. 

• Newport 69 kV Cap Bank 
GRDA stated that the need for the project will be eliminated with model corrections to the latest 
ITPNT model. 
 

• Boomer 69 kV Cap Bank 
GRDA stated that the need for the project will be eliminated with model corrections to the latest 
ITPNT model. 
 

• Gracemont - Anadarko 138 kV Ckt 1 Reconductor 
NTC was issued to OG&E; line owned by WFEC.  Significant topology changes in updated ITPNT 
model in WFEC area. 

• Thackerville 69 kV Cap Bank 
WFEC stated that changes in updated ITPNT model will negate the necessity of both projects. 

• Winchester 69 kV Cap Bank 
WFEC stated that changes in updated ITPNT model will negate the necessity of both projects. 

 
 

Project Name 
RTO 

Determined 
Need Date 

Recommendation 

CPPXF#22 69 kV Terminal Upgrades 6/1/2015 Restudy in 2016 ITPNT 

Four Corners 69 kV Cap Bank 6/1/2015 Re-evaluate with new ITPNT models; 
results in October 2015 

Texas County 115 kV Cap Bank 6/1/2019 Withdraw NTC 

Harrisonville North - Ralph Green 69 kV 
Ckt 1 Rebuild 6/1/2015 Re-evaluate with new ITPNT models; 

results in October 2015 

Childers 69 kV Cap Bank 6/1/2015 Re-evaluate with new ITPNT models; 
results in October 2015 

Newport 69 kV Cap Bank 6/1/2015 Re-evaluate with new ITPNT models; 
results in October 2015 

Boomer 69 kV Cap Bank 6/1/2015 Re-evaluate with new ITPNT models; 
results in October 2015 

Gracemont - Anadarko 138 kV Ckt 1 
Reconductor 4/1/2019 Restudy in 2016 ITPNT 

Winchester 69 kV Cap Bank 6/1/2020 Restudy in 2016 ITPNT 

Thackerville 69 kV Cap Bank 6/1/2019 Restudy in 2016 ITPNT 
 



 

 

 

Recommendation 
MOPC requests the Board of Directors approve the recommendation for each of the 10 projects as 
outlined above.   

 
APPROVED: MOPC July 14-15, 2015 

 Passed with two abstentions – Midwest Gen, LLC, and Tri-County Electric 
Cooperative 

  

 

Action Requested 

 

Approve Recommendation 

  

 



 

Southwest Power Pool, Inc. 
Markets and Operations Policy Committee 
Recommendation to the Board of Directors 

July 28, 2015 
NTC Re-evaluation – Mingo and Ruleton 115 kV Capacitor Banks 

 

Organizational Roster 
The following persons represent the Southwest Power Pool: 

Carl Monroe, Executive Vice President and Chief Operating Officer 
Lanny Nickell, Vice President, Engineering 
Antoine Lucas, Director, Planning 

 

Background 
On February 19, 2014, SPP issued Notification to Construct (NTC) No. 200248 to Sunflower Electric 
Power Corp. (SEPC) for projects identified as needed in the 2014 Integrated Transmission Planning 
Near-Term Assessment (ITPNT) approved by the SPP Board of Directors (Board) on January 28, 2014.  
SEPC requested that the Project ID No. 30565, Mingo 115 kV Cap Bank, and Project ID No. 30589, 
Ruleton 115 kV Cap Bank, be re-evaluated as a part of the 2015 ITPNT.  

Analysis 
Through the 2015 ITPNT process, SPP Staff determined that an alternative solution, a second 345/115 
kV transformer at Mingo, was a better regional solution, and that the capacitor banks at Mingo and 
Ruleton would no longer be needed if the new solution was implemented. 

On February 18, 2015, SPP issued NTC No. 200325 to SEPC to install a second 345/115 kV transformer 
at Mingo, and SEPC submitted a written commitment to construct the project to SPP on March 18, 2015.  
SPP accepted SEPC’s commitment on April 14, 2015.  

 
Recommendation 
SPP Staff recommends that the NTC for the 115 kV capacitor banks at Mingo and Ruleton be withdrawn. 

 

APPROVED: TWG June 19, 2015 

 Passed Unopposed 

 

APPROVED: 

 

MOPC 

 

July 14-15, 2015 

 Passed Unopposed 

  

Action Requested Approve Recommendation 

  

 



 

Southwest Power Pool, Inc. 

Markets and Operations Policy Committee 
Recommendation to the Board of Directors 

July 28, 2015 
KCPL South Waverly 161/69 kV Transformer Waiver Request 

 

Organizational Roster 
The following persons represent the Southwest Power Pool: 

Carl Monroe, Executive Vice President and Chief Operating Officer 
Lanny Nickell, Vice President, Engineering 
Antoine Lucas, Director, Planning 

 
Background 

The South Waverly 161/69 kV transformer was identified as a solution in the 2015 ITPNT assessment.  
The upgrade increases the transformer MVA emergency rating from 22 to 55 MVA.  The transformer 
addresses 16 total thermal needs.  Four total needs are in the GMO zone, and 12 are in the KCPL zone.  
The ITPNT need date was identified as 6/1/2015 and the estimated cost of the transformer is $1,355,978.  
The low side voltage of a transformer is the base voltage for cost allocation purposes.  Attachment J, 
Section III allows for cost allocation based on high side voltages on transformers in specific cases.  KCPL 
submitted a waiver requesting cost allocation based on the high side voltage for South Waverly 161/69 kV 
transformer due to more than one zone benefitting from the upgrade. 

Analysis 

Attachment J, Section III states the following: 

Any waiver request submitted shall be evaluated based upon the following general factors, including but 
not limited to:  

(i) whether the power flows through the transformer predominately are from the lower voltage to 
the higher voltage;  

(ii) whether the transformer is not necessary for the support of, or does not substantially benefit, 
the lower voltage system in the host zone to which it is connected.  

Based upon this tariff evaluation criteria, SPP staff analyzed the models to determine the directional 
power flow on the South Waverly transformer.  Staff also reviewed the 2015 ITPNT analysis to assess the 
support of the transformer upgrade based on percent % loading relief for each zone (KCPL and GMO). 

KCPL provided a list of needs that identified the KCPL and GMO zones benefitting from the South 
Waverly Transformer upgrade.     

Conclusion 

SPP staff found the South Waverly transformer’s anticipated flows are from the high (161 kV) to low (69 
kV) system.  Staff determined this transformer upgrade is needed to provide overloading relief on the 
KCPL South Waverly and GMO Odessa transformers with the percent % loading relief predominantly 
being on the KCPL South Waverly transformer at a ratio of 10:1 compared to the GMO Odessa 
transformer. 



 
 

Recommendation 
 
SPP Staff recommends denial of KCPL’s classification waiver request to use the 161 kV higher voltage 
level of the South Waverly 161/69 kV transformer for cost allocation purposes.  

 
 

APPROVED: TWG June 19, 2015 

 Passed with one opposing vote from KCPL and one abstention from ITC 

APPROVED: CAWG July 7, 2015 

 Passed with one abstention from MoPSC 

APPROVED: MOPC July 14-15, 2015 

 Passed with two opposing votes from KCPL and KCPL – GMO, and seven 
abstentions from MJEMUC, INDN, EMDE, LES, OMPA, 2 votes - Transource 
Energy & Transource-MO 

 KCP&L and KCP&L GMO voted “no” on SPP Staff’s recommendation that 
KCP&L’s waiver request be denied for the following reasons:   

•         There are two criteria described in the OATT for a waiver request, but the 
OATT specifically states that waiver justification is not limited to these criteria. 
SPP only evaluated KCP&L’s request against these two criteria and not on the 
basis for which KCP&L sought the waiver which is explained in the next bullet. 

•         The transformer is allocated 100% to the KCP&L zone although 1/3 of the 
unique needs identified in the 2015 ITPNT that are resolved by this transformer 
are outside the host zone.  

•         Even if the cost allocation were based on the higher voltage, KCP&L would 
still be responsible for paying greater than 2/3 of the cost. 

•         Denial of the waiver sets a precedent for the future – no future waivers 
should be approved based on resolving needs outside the host zone. 

Action Requested Approve Recommendation 

  

 



KCPL South Waverly 
161/69 kV 
Transformer Waiver 
Request Assessment



Background

• South Waverly 161/69 kV transformer selected in the 
2015 ITPNT assessment

• Upgrade of existing transformer with a need date of 
6/1/2015

• Estimated E&C cost of $1,355,978
• For transformers, low side voltages are used for cost 

allocation
• Attachment J, Section III waiver provision allows for 

cost allocation based on high side voltage of 
transformers in specific cases

• KCPL submitted a waiver requesting cost allocation 
based on the high side voltage

2



3

Timeline

1/1/2015 12/31/2015

2/1/2015 3/1/2015 4/1/2015 5/1/2015 6/1/2015 7/1/2015 8/1/2015 9/1/2015 10/1/2015 11/1/2015 12/1/2015

1/27/2015 - 7/26/2015
180 days to submit waiver request

4/21/2015
KCPL submitted 
waiver request

1/27/2015
2015 STEP approved by 
SPP Board of Directors

7/28/2015
Board of Directors 

meeting

8/19/2015
Deadline to Recommend 

Board action

South Waverly 161/69 kV Transformer Waiver request timeline

6/19/2015
TWG voted to not approve

the waiver request 7/7/2015
CAWG voted to not approve

the waiver request

7/15/2015
MOPC voted to not approve

the waiver request



• “SPP, in the ITPNT, identified six unique reliability 
overload needs for the South Waverly transformer 
upgrade for two monitored elements. Of the six unique 
needs identified, two are located wholly within the 
Kansas City Power & Light - Greater Missouri 
Operations (GMO) zone. Because more than one zone 
benefits from the upgrade, KCP&L is seeking waiver of 
the requirement for the host zone to bear the entire 
cost of the project”.

4

KCPL Waiver Request



South Waverly area

5



• Attachment J, Section III
– Any waiver request submitted shall be evaluated based 

upon the following general factors, including but not 
limited to: 

 (i) whether the power flows through the transformer 
predominately are from the lower voltage to the higher 
voltage; 

 (ii) whether the transformer is not necessary for the 
support of, or does not substantially benefit, the lower 
voltage system in the host zone to which it is connected. 

6

What Does the Tariff Say?



• Directional flow on transformer
– Staff analyzed the associated 2015 ITPNT models to 

determine the direction of power flow on the South 
Waverly transformer for each need addressed by the South 
Waverly 161/69 kV transformer upgrade 

• Underlying system support
– SPP staff reviewed the 2015 ITPNT analysis to assess the 

support of the transformer upgrade based on percent % 
loading relief for each zone (KCPL and GMO)

7

Staff Analysis



8

Results

• Directional flow on transformer
– Staff concluded that all power flows were from the high to 

low side of the South Waverly XFMR for each need

• Underlying system support
– The GMO zone had an 8% benefit

– The KCPL zone had a 75% - 91% benefit

– Staff concluded that the Percent Loading Relief in the KCPL 
zone is substantial compared to the GMO zone and that 
KCPL received the bulk of the benefits



– Neither criteria requirement was met

Attachment J, Section III
 (i) whether the power flows through the transformer 

predominately are from the lower voltage to the higher 
voltage; 

 (ii) whether the transformer is not necessary for the 
support of, or does not substantially benefit, the lower 
voltage system in the host zone to which it is connected. 

9

Tariff criteria requirements

x

x



Stakeholder Review

• SPP Staff recommended to not approve KCPL’s South 
Waverly Transformer waiver request 

• Stakeholder groups voted in favor of SPP Staff’s 
recommendation
– TWG – 6/19/15

 Approved the motion, 1 Opposition (KCPL), 1 Abstention (ITC)

– CAWG – 7/7/15
 Approved the motion, 1 Abstention (MoPSC)

– MOPC – 7/15/15
 Approved the motion, 2 Oppositions (KCPL, KCPL-GMO),           

7 Abstentions (MJEMUC, INDN, EMDE, LES, OMPA, 2 votes -
Transource Transco) 10



• Staff recommends denial of KCPL’s classification waiver 
request to use the 161 kV higher voltage level of the 
South Waverly 161/69 kV transformer for cost 
allocation purposes 

11

Recommendation
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Background 

As part of the 2015 Integrated Transmission Planning Near-Term (ITPNT) Assessment, the SPP 

Board of Directors approved for construction several transformers at various voltage classifications. 

The SPP OATT (“Tariff”) Attachment J, Section III specifies the methods under which the cost of 

new facilities, including transformers, will be allocated: 

 

A load carrying element within a Base Plan Upgrade that is connected at two different 

voltage levels (e.g. a 345kV/138kV transformer) shall, for the purposes of this Attachment J, 

be considered to have a nominal operating voltage of its lower voltage level (excluding any 

tertiary windings) and its costs shall be allocated in accordance with the rules governing the 

lower voltage level in this Attachment J. A waiver may be requested to use a transformer’s 

higher voltage level instead of the lower voltage level for the purposes of cost allocation 

under this Attachment J based on the anticipated utilization of the transformer. Such request 

must be made in writing with supporting analysis and submitted to the Transmission Provider 

not later than one hundred eighty (180) days following the inclusion of the transformer in an 

approved SPP Transmission Expansion Plan. Any waiver request submitted shall be 

evaluated based upon the following general factors, including but not limited to: 

(i) whether the power flows through the transformer predominately are from the 

lower voltage to the higher voltage;  

(ii) whether the transformer is not necessary for the support of, or does not 

substantially benefit, the lower voltage system in the host zone to which it is 

connected.   

The Transmission Provider shall make a recommendation to accept or deny the waiver, on a 

non-discriminatory basis, to the Markets and Operations Policy Committee. 

 

In accordance with the Tariff, Kansas City Power & Light (KCPL) applied for a waiver for the South 

Waverly 161/69 kV transformer in its zone for cost allocation purposes.  Below are details 

associated with this transformer: 

 

The South Waverly 161/69 kV transformer was identified in the 2015 ITPNT assessment as a 

solution to sixteen thermal needs, six of which were unique across three different Summer 

peak Scenario 5 models 2015, 2016, and 2020.  The ITPNT need date was identified as 

6/1/2015.  The new transformer will have a minimum emergency rating of 55 MVA and an 

estimated cost of $1,355,978. 

 

Using the requesting party’s analysis and staff performing analysis outlined in this report, SPP staff 

proposes to the Markets and Operations Policy Committee and SPP Board of Directors a 

recommendation for the treatment of the waiver request. 
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4/21/2015 - 8/19/2015

120 days to
 recommend action

1/1/2015 12/31/2015

2/1/2015 3/1/2015 4/1/2015 5/1/2015 6/1/2015 7/1/2015 8/1/2015 9/1/2015 10/1/2015 11/1/2015 12/1/2015

1/27/2015 - 7/26/2015

180 days to submit waiver request

4/21/2015

KCPL submitted 
waiver request

1/27/2015

2015 STEP approved by 
SPP Board of Directors

7/14/2015

MOPC meeting

7/28/2015

Board of Directors 
meeting

8/19/2015

Deadline to Recommend 
Board action

South Waverly 161/69 kV Transformer Waiver request timeline
 

 

 

Map of South Waverly Area 
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SPP Staff Analysis 

Objectives 

To address the considerations in the Tariff, SPP staff determined the usage of the transformer in two 

parts: reliability need(s) of the transformer to support the underlying system in the host zone; 

predominate directional power flows on the transformer in 2015 ITPNT study; Based on these 

analyses and the requesting party’s analysis, staff then proposes a recommendation to the Markets 

and Operations Policy Committee and SPP Board of Directors. 

 

Analysis 

Directional flow on transformer 

Staff analyzed the 2015 ITPNT 2015, 2016, and 2020 Summer peak Scenario 5 models to determine 

the direction of power flow on the South Waverly transformer for each need addressed by the South 

Waverly 161/69 kV transformer upgrade.   

Underlying system support 

To determine if the South Waverly transformer is needed to substantially support the underlying 

system in the host zone, SPP staff reviewed the 2015 ITPNT analysis to assess the support of the 

transformer upgrade based on percent % loading relief for each zone (KCPL and GMO). 
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Results  

Staff identified that the transformer upgrade predominately benefits the host zone (KCPL) in which 

the power from the 161 kV system flows through the transformer onto the KCPL 69 kV system.  The 

power flow for base case and N-1 conditions were consistent in their direction and is summarized 

below in Table 1. 

 

Direction of power flow on South Waverly 161/69 kV transformer 

 2015 ITPNT Models 

Contingency 15S S5 16S S5 20S S5 

Base Case HighLow HighLow HighLow 

Lexington – Lexington 69 kV Ckt 1 HighLow HighLow -- 

Lexington 161/69 kV Transformer Ckt 1 HighLow HighLow -- 

Amoco Pipeline – Mayview Tap 69 kV Ckt 1 HighLow HighLow HighLow 

Amoco Pipeline – West Higginsville 69 kV Ckt 1 HighLow HighLow HighLow 

City of Higginsville – West Higginsville 69 kV Ckt 1 HighLow HighLow HighLow 

Higginsville – West Higginsville 69 kV Ckt 1 HighLow HighLow HighLow 

Table 1: Summary of direction of power flow on South Waverly 161/69 kV transformer 

 

 

In addition, four of the sixteen total needs benefit the Greater Missouri Operations (GMO) zone.  In 

terms of unique needs (same monitored and contingency element pairs), two of the six needs were in 

the GMO zone.  With the transformer upgrade in place, the average % loading relief on the GMO 

Odessa 161/69 kV transformer was 8% and the average % loading relief on the KCPL South 

Waverly 161/69 kV transformer was 80%.  The ratio of % loading relief of KCPL to GMO is 10:1.  

The GMO 69 kV facilities are interconnected to the KCPL host zone 69 kV facilities nearby the 

location of the South Waverly transformer at both the “Lexington” and “13 & 40” substations.  This 

South Waverly 161/69 kV transformer upgrade substantially benefits the KCPL host zone.  The 

associated 2015 ITPNT needs are listed in Table 2. 
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SEASON & 
SCENARIO 

MONITORED ELEMENT AREA CONTINGENCY 
PRE % 

LOADING 
POST % 

LOADING 

% 
LOADING 

RELIEF 

15SP S5 ODESSA 161/69KV TRANSFORMER CKT 1 GMO LEXINGTON - LEXINGTON 69KV CKT 1 101.8 93.7 8 

15SP S5 ODESSA 161/69KV TRANSFORMER CKT 1 GMO LEXINGTON 161/69KV TRANSFORMER CKT 1 101.8 93.7 8 

16SP S5 ODESSA 161/69KV TRANSFORMER CKT 1 GMO LEXINGTON 161/69KV TRANSFORMER CKT 1 101.8 93.5 8 

16SP S5 ODESSA 161/69KV TRANSFORMER CKT 1 GMO LEXINGTON - LEXINGTON 69KV CKT 1 101.8 93.5 8 

20SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL CITY OF HIGGINSVILLE - HIGGINSVILLE 69KV CKT 1 120.6 44.8 76 

20SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL HIGGINSVILLE - WEST HIGGINSVILLE 69KV CKT 1 121.1 44.9 76 

20SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL AMOCO PIPELINE - MAYVIEW TAP 69KV CKT 1 140.3 50.9 89 

20SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL AMOCO PIPELINE - WEST HIGGINSVILLE 69KV CKT 1 125.3 46.3 79 

15SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL AMOCO PIPELINE - MAYVIEW TAP 69KV CKT 1 141.9 51.3 91 

15SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL CITY OF HIGGINSVILLE - HIGGINSVILLE 69KV CKT 1 119.4 44.5 75 

15SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL HIGGINSVILLE - WEST HIGGINSVILLE 69KV CKT 1 120.6 44.9 76 

15SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL AMOCO PIPELINE - WEST HIGGINSVILLE 69KV CKT 1 125.5 46.5 79 

16SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL AMOCO PIPELINE - MAYVIEW TAP 69KV CKT 1 141.8 51.3 91 

16SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL CITY OF HIGGINSVILLE - HIGGINSVILLE 69KV CKT 1 120.5 44.9 76 

16SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL HIGGINSVILLE - WEST HIGGINSVILLE 69KV CKT 1 121.5 45.2 76 

16SP S5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL AMOCO PIPELINE - WEST HIGGINSVILLE 69KV CKT 1 126.7 46.8 80 

Table 2: List of 2015 ITPNT needs addressed by the South Waverly 161/69 kV Transformer upgrade
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KCPL Supporting Information 

SPP issued an NTC (SPP-NTC-200317) to KCPL to install a new 161/69 kV transformer at South 

Waverly substation on February 18, 2015.  In accordance with Tariff provisions, on April 21, 2015, 

KCPL submitted a waiver request for this transformer’s cost allocation.  Below is a summary of 

KCPL’s analysis for why this waiver should be granted. 

Analysis 

KCPL provided in the waiver request, a list of 2015 ITPNT needs that specified the listing of KCPL 

and GMO needs addressed by the South Waverly 161/69 kV transformer upgrade.   

 

In the waiver request, the assessment included the Tariff requirements for waiver requests.   

 

Supporting Tariff-related language from the KCPL South Waverly 161/69 kV Transformer waiver 

request: 

 
Pursuant to Attachment J, Section Ill of the Southwest Power Pool Open Access Transmission Tariff (SPP 
OATI), Kansas City Power & Light Company (KCP&L) requests that the higher voltage level of the South 
Waverly 161/69 kV transformer be used for cost allocation under Attachment J. In support of its request, 
KCP&L states the following. 

 

Supporting analysis language from the KCPL South Waverly 161/69 kV Transformer waiver 

request: 
 

SPP, in the ITPNT, identified six unique reliability overload needs for the South Waverly transformer upgrade for 
two monitored elements, as shown in Table 3 below. Of the six unique needs identified, two are located wholly 
within the Kansas City Power & Light - Greater Missouri Operations (GMO) zone. Because more than one zone 
benefits from the upgrade, KCP&L is seeking waiver of the requirement for the host zone to bear the entire cost 
of the project. 
 

KCPL South Waverly 161/69 kV Transformer waiver request for cost allocation: 
 

For the reason set forth above, KCP&L respectfully requests that SPP grant the classification waiver 
request to use the higher voltage of the South Waverly 161/69 kV transformer for purposes of cost 
allocation under Attachment J of the SPP OATT. 
 

Based upon the fact that needs are addressed by the South Waverly 161/69 kV transformer upgrade 

in both KCPL and GMO zones, KCPL concludes this waiver request to use the higher voltage of the 

South Waverly 161/69 kV transformer for the purposes of cost allocation should be granted. 
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Need ID 
SEASON-

SCENARIO 
MONITORED ELEMENT FAREANAME TARANAME % LOADING CONTINGENCY  NAME 

20151TPNT-RON0649 15SP-5 ODESSA 161/69KV TRANSFORMER  CKT 1 GMO GMO 101.8 LEXINGTON- LEXINGTON 69KV CKT 1 

20151TPNT-RON0650 16SP-5 ODESSA 161/69KV TRANSFORMER  CKT 1 GMO GMO 101.8 LEXINGTON - LEXINGTON 69KV  CKT 1 

20151TPNT-RON0651 15SP-5 ODESSA 161/69KV TRANSFORMER CKT 1 GMO GMO 101.8 LEXINGTON 161/69KV TRANSFORMER CKT 1 

20151TPNT-RON0652 16SP-5 ODESSA 161/69KV TRANSFORMER CKT 1 GMO GMO 101.8 LEXINGTON 161/69KV TRANSFORMER CKT 1 

20151TPNT-RON0684 15SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL KCPL 141.9 AMOCO PIPELINE - MAYVIEW TAP 69KV CKT 1 

20151TPNT-RON0685 16SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL KCPL 141.8 AMOCO PIPELINE- MAYVIEW TAP 69KV  CKT 1 

20151TPNT-RON0687 20SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER  CKT 1 KCPL KCPL 140.3 AMOCO  PIPELINE - MAYVIEW TAP 69KV  CKT 1 

       20151TPNT-RON0689 15SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER  CKT 1 KCPL           KCPL         125.5 AMOCO  PIPELINE -WEST HIGGINSVILLE 69KV CKT 1 

20151TPNT-RON0690 16SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL KCPL 126.7 AMOCO PIPELINE- WEST HIGGINSVILLE 69KV CKT 1 

20151TPNT-RON0692 20SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL KCPL 125.3 AMOCO PIPELINE- WEST HIGGINSVILLE 69KV CKT 1 

20151TPNT-RON0694 15SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL KCPL 119.4 CITY OF HIGGINSVILLE – HIGGINSVILLE 69KV CKT 1 

20151TPNT-RON0695 16SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER  CKT 1 KCPL KCPL 120.5 CITY OF HIGGINSVILLE- HIGGINSVILLE 69KV CKT 1 

20151TPNT-RON0697 20SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL KCPL 120.6 CITY OF HIGGINSVILLE-  HIGGINSVILLE 69KV CKT 1 

20151TPNT-RON0699 15SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL KCPL 120.6 HIGGINSVILLE- WEST HIGGINSVILLE 69KV CKT 1 

20151TPNT-RON0700 16SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL KCPL 121.5 HIGGINSVILLE -WEST HIGGINSVILLE 69KV CKT 1 

20151TPNT-RON0702 20SP-5 SOUTH WAVERLY 161/69KV TRANSFORMER CKT 1 KCPL KCPL 121.1 HIGGINSVILLE - WEST HIGGINSVILLE 69KV CKT 1 

 

Table 3: Needs Addressed by South Waverly Transformer Upgrade 
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Conclusions 

SPP staff found the South Waverly transformer’s anticipated flows are from the high (161 kV) to 

low (69 kV) system.  Staff determined this transformer upgrade is needed to provide overloading 

relief on the KCPL South Waverly and GMO Odessa transformers with the percent % loading 

relief predominantly being on the KCPL South Waverly transformer at a ratio of 10:1 compared to 

the GMO Odessa transformer. 

 

 

 

 

Staff ’s Recommendation  

Staff recommends to not approve KCPL’s classification waiver request to use the 161 kV higher 

voltage level of the South Waverly 161/69 kV transformer for cost allocation purposes. 
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Appendix 

KCPL waiver request letter 
 
 

 

April 21, 2015 
 
 
 
 

Mr. Lanny Nickell 

Vice President, Engineering 

Southwest Power Pool, Inc. 

201Worthen Drive 

Little Rock, AR 72223-4936 

lnickell@spp.org 
 

 
Re: Classification Waiver of South Waverly 161/69 kV Transformer 

 
Dear Mr.Nickell: 

 
Pursuant to Attachment J, Section Ill of the Southwest Power Pool Open Access Transmission Tariff (SPP OATI), 

Kansas City Power & Light Company (KCP&L) requests that the higher voltage level of the South Waverly 161/69 

kV transformer be used for cost allocation under Attachment J. In support of its request, KCP&L states the 

following. 

 
Background 

 
The South Waverly transformer upgrade was identified as a solution in the 2015 Integrated Transmission 

Plan - Near Term {ITPNT) Assessment.
1  

The South Waverly 161/69 kV transformer project is described  in the ITPNT 

as upgrading the current 20 MVA 161/69 kV transformer at South Waverly to a 50 MVA transformer at an 

estimated cost of $1,355,978. It was included in the 2015 SPP Transmission Expansion 

Plan (STEP) accepted and approved by SPP Board of Directors on January 27, 2015. 
 

KCP&L is seeking a waiver under Attachment J to utilize the higher voltage of 161 kV of the South 

Waverly transformer for cost allocation purposes. 

Supporting Analysis 

SPP, in the ITPNT, identified six unique reliability overload needs for the South Waverly transformer upgrade for 

two monitored elements, as shown in Table 1below. Of the six unique needs identified, two are located wholly 

within the Kansas City Power & Light- Greater Missouri Operations (GMO) zone. Because more than one zone 

benefits from the upgrade, KCP&L is seeking waiver of the requirement for the host zone to bear the entire cost of 

the project. 

 
The Board-approved 2015 ITPNT Assessment is available at http://www.spp.org/publications/Final  2015 ITPNT 

Assessment BOD Approved.pdf. 

mailto:lnickell@spp.org
http://www.spp.org/publications/Final
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Need ID 
1 SEASON-SCENARIO MONITORED ELEMENT FAREANAME TAREANAME % LOADING CONTINGENCY  NAME 
 

20151TPNT-RON0649 
 

15SP-5 
ODESSA 161/69KV 
TRANSFORMER  CKT 1 

 
GMO 

 
GMO 

 
101.8 

 
LEXINGTON- LEXINGTON 69KV CKT 1 

 
20151TPNT-RON0650 

 
16SP-5 

ODESSA 161/69KV 
TRANSFORMER  CKT 1 

 
GMO 

 
GMO 

 
101.8 

 
LEXINGTON - LEXINGTON 69KV  CKT 1 

 
20151TPNT-RON0651 

 
15SP-5 

ODESSA 161/69KV 
TRANSFORMER CKT 1 

 
GMO 

 
GMO 

 
101.8 

LEXINGTON 161/69KV TRANSFORMER 
CKT 1 

 
20151TPNT-RON0652 

 
16SP-5 

ODESSA 161/69KV 
TRANSFORMER CKT 1 

 
GMO 

 
GMO 

 
101.8 

LEXINGTON 161/69KV TRANSFORMER 
CKT 1 

 
20151TPNT-RON0684 

 
15SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER CKT 1 

 
KCPL 

 
KCPL 

 
141.9 

AMOCO PIPELINE - MAYVIEW TAP 
69KV CKT 1 

 
20151TPNT-RON0685 

 
16SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER CKT 1 

 
KCPL 

 
KCPL 

 
141.8 

AMOCO PIPELINE- MAYVIEW TAP 
69KV  CKT 1 

 
20151TPNT-RON0687 

 
20SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER  CKT 1 

 
KCPL 

 
KCPL 

 
140.3 

AMOCO  PIPELINE - MAYVIEW TAP 
69KV  CKT 1 

 
20151TPNT-RON0689 

 
15SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER  CKT 1 

 
KCPL 

 
KCPL 

 
125.5 

AMOCO  PIPELINE -WEST 
HIGGINSVILLE 69KV CKT 1 

 
20151TPNT-RON0690 

 
16SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER CKT 1 

 
KCPL 

 
KCPL 

 
126.7 

AMOCO PIPELINE- WEST 
HIGGINSVILLE 69KV CKT 1 

 
20151TPNT-RON0692 

 
20SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER CKT 1 

 
KCPL 

 
KCPL 

 
125.3 

AMOCO PIPELINE- WEST 
HIGGINSVILLE 69KV CKT 1 

 
20151TPNT-RON0694 

 
15SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER CKT 1 

 
KCPL 

 
KCPL 

 
119.4 

CITY OF HIGGINSVILLE - HIGGINSVILLE 
69KV CKT 1 

 
20151TPNT-RON0695 

 
16SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER  CKT 1 

 
KCPL 

 
KCPL 

 
120.5 

CITY OF HIGGINSVILLE- HIGGINSVILLE 
69KV CKT 1 

 
20151TPNT-RON0697 

 
20SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER CKT 1 

 
KCPL 

 
KCPL 

 
120.6 

CITY OF HIGGINSVILLE-  HIGGINSVILLE 
69KV CKT 1 

 
20151TPNT-RON0699 

 
15SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER CKT 1 

 
KCPL 

 
KCPL 

 
120.6 

HIGGINSVILLE- WEST HIGGINSVILLE 
69KV CKT 1 

 
20151TPNT-RON0700 

 
16SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER CKT 1 

 
KCPL 

 
KCPL 

 
121.5 

HIGGINSVILLE -WEST HIGGINSVILLE 
69KV CKT 1 

 
20151TPNT-RON0702 

 
20SP-5 

SOUTH WAVERLY 161/69KV 
TRANSFORMER CKT 1 

 
KCPL 

 
KCPL 

 
121.1 

HIGGINSVILLE - WEST HIGGINSVILLE 
69KV CKT 1 

 

Table 1: Needs Addressed by S.Waverly Transformer Upgrade2 

 

 

 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 

2  
The data in this table is not located in the ITPNT Assessment, but was provided to stakeholders by SPP to support the ITPNT. 
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For the reason set forth above, KCP&L respectfully requests that SPP grant the classification waiver request to 

use the higher voltage of the South Waverly 161/69 kV transformer for purposes of cost allocation under 

Attachment J of the SPP OATT. 

 
Sincerely, 

 

 
 
 
 
 

Harold G. Wyble 

Manager, Transmission Planning 

Tel: (816) 654-1213 • Cell: {816) 835-9926 • Email: harold.wyble@kcpl.com 
 

 
C:  Carl Monroe, Jeff Wolf, Jim McBee, Leroy Lutes, Katy Onnen, Denise Buffington, Burton 

Crawford 
 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
            KCP&L p 0 Box 418679 Kansas City. MO 64141-9679 1- 888-471 - 5275 toll-free   www.kcpl.com 

mailto:harold.wyble@kcpl.com
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NTC 200317 to KCPL for 2015 ITPNT project 

 

SPP  

Notification to Construct 

 

February 18, 2015 

 

 

Mr. Harold Wyble 

Kansas City Power & Light Company 

801-A, P.O. Box 418679 

Kansas City, MO 64141-9679 

 

RE: Notification to Construct Approved Reliability Network Upgrades 

 

Dear Mr. Wyble, 

 

Pursuant to Section 3.3 of the Southwest Power Pool, Inc. ("SPP") Membership Agreement and 

Attachments O and Y of the SPP Open Access Transmission Tariff ("OATT"), SPP provides this 

Notification to Construct ("NTC") directing Kansas City Power & Light Company ("KCPL"), as the 

Designated Transmission Owner, to construct the Network Upgrade(s). 

 

On January 27, 2015, the SPP Board of Directors approved the Network Upgrade(s) listed below to 

be constructed as part of the 2015 Integrated Transmission Planning ("ITP") Near-Term Assessment. 

 

New Network Upgrades 
 

Project ID: 30881 

Project Name: XFR - South Waverly 161/69 kV Ckt 1 Transformer 

Need Date for Project: 6/1/2015 

Estimated Cost for Project: $1,441,610 

Network Upgrade ID: 51197  

Network Upgrade Name: South Waverly 161/69 kV Ckt 1 Transformer  

Network Upgrade Description: Replace existing 161/69 kV transformer at South Waverly 

to increase the rating.  

Network Upgrade Owner: KCPL  

MOPC Representative(s): Denise Buffington  

TWG Representative: Harold Wyble  

Categorization: Regional reliability  

Network Upgrade Specification: All elements and conductor must have at least an 

emergency rating of 55 MVA.  

Network Upgrade Justification: To address the overload of Odessa 161/69 kV Ckt 1 

transformer and South Waverly 161/69 kV Ckt 1 transformer for the loss of Amoco Pipeline 

- Mayview Tap 69 kV Ckt 1, Amoco Pipeline - West Higginsville 69 kV Ckt 1, and City of 

Higginsville - Higginsville 69 kV Ckt 1.  

Estimated Cost for Network Upgrade (current day dollars): $1,355,978  

Cost Allocation of the Network Upgrade: Base Plan  
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Estimated Cost Source: SPP  

Date of Estimated Cost: 12/1/2014 

Network Upgrade ID: 51268  

Network Upgrade Name: South Waverly 161 kV Terminal Upgrades  

Network Upgrade Description: Install 161 kV terminal upgrades at South Waverly 

necessary to upgrade the 161/69 kV transformer. 

Network Upgrade Owner: KCPL  

MOPC Representative(s): Denise Buffington  

TWG Representative: Harold Wyble  

Categorization: Regional reliability  

Network Upgrade Specification: All elements and conductor must have at least an 

emergency rating of 55 MVA.  

Network Upgrade Justification: To address the overload of Odessa 161/69 kV Ckt 1 

transformer and South Waverly 161/69 kV Ckt 1 transformer for the loss of Amoco Pipeline 

- Mayview Tap 69 kV Ckt 1, Amoco Pipeline - West Higginsville 69 kV Ckt 1, and City of 

Higginsville - Higginsville 69 kV Ckt 1.  

Estimated Cost for Network Upgrade (current day dollars): $85,632  

Cost Allocation of the Network Upgrade: Base Plan  

Estimated Cost Source: SPP  

Date of Estimated Cost: 12/1/2014 

 

Commitment to Construct 

Please provide to SPP a written commitment to construct the Network Upgrade(s) within 90 days of 

the date of this NTC, in addition to providing a construction schedule and an updated ±20% cost 

estimate, NTC Project Estimate, in the Standardized Cost Estimate Reporting Template for the 

Network Upgrade(s). Failure to provide a sufficient written commitment to construct as required by 

the SPP OATT could result in the Network Upgrade(s) being assigned to another entity. 

 

Mitigation Plan 

The Need Date represents the timing required for the Network Upgrade(s) to address the identified 

need. Your prompt attention is required for formulation and approval of any necessary mitigation 

plans for the Network Upgrade(s) included in the Network Upgrade(s) if the Need Date is not 

feasible. Additionally, if it is anticipated that the completion of any Network Upgrade will be 

delayed past the Need Date, SPP requires a mitigation plan be filed within 60 days of the 

determination of expected delays. 

 

Notification of Commercial Operation 

Please submit a notification of commercial operation for each listed Network Upgrade to SPP as 

soon as the Network Upgrade is complete and in-service. Please provide SPP with the actual costs of 

these Network Upgrades as soon as possible after completion of construction. This will facilitate the 

timely billing by SPP based on actual costs. 

 

Notification of Progress 

On an ongoing basis, please keep SPP advised of any inability on KCPL's part to complete the 

approved Network Upgrade(s). For project tracking, SPP requires KCPL to submit status updates of 

the Network Upgrade(s) quarterly in conjunction with the SPP Board of Directors meetings. 

However, KCPL shall also advise SPP of any inability to comply with the Project Schedule as soon 

as the inability becomes apparent. 
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All terms and conditions of the SPP OATT and the SPP Membership Agreement shall apply to this 

Project, and nothing in this NTC shall vary such terms and conditions. 

 

Don't hesitate to contact me if you have questions or comments regarding these instructions. Thank 

you for the important role that you play in maintaining the reliability of our electric grid. 

 

Sincerely, 

 

 

 

Lanny Nickell 

Vice President, Engineering 

Phone: (501) 614-3232 • Fax: (501) 482-2022 • lnickell@spp.org 

 

cc: Carl Monroe - SPP 

Antoine Lucas - SPP 

Todd Fridley - KCPL 

Patricia Denny - KCPL 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

mailto:lnickell@spp.org


 

   

 

Southwest Power Pool, Inc. 
HUMAN RESOURCES COMMITTEE 

Recommendation to the SPP Board of Directors 
Request to approve SPP Retiree Healthcare Amendment  

July 28, 2015 

Organizational Roster 
The following members represent the Human Resources Committee: 

Mr. Julian Brix, Chair 
Mr. Josh Martin    
Mr. Duane Highley  
Ms. Kelly Walters 
Mr. Tom Kent  

SPP Director 
SPP Director 
Arkansas Electric Cooperative Corporation 
Empire District Electric Company 
Nebraska Public Power District

Background 
SPP provides post-retirement healthcare benefits to employees hired prior to June 1, 2006.  Retirees are 
allowed to remain enrolled in the SPP self-funded medical plan after retirement if they qualify for this 
benefit.  A retiree can also insure their spouse under this plan.  Monthly premium payments are deducted 
from retiree’s monthly pension payments.  SPP continues to pay the employer fixed costs to administer 
the plan to retirees, as well as pays actual claim expenses up to the stop-loss amount. 
 
Analysis 
Southwest Power Pool currently has 14 retirees utilizing the post-retirement healthcare benefit.  There are 
approximately 140 employees that will qualify for this benefit upon their retirement from SPP.  SPP 
utilizes a self-insured medical plan where SPP pays a third party administrator (TPA) to administer the 
plan and process claims for a fixed cost per employee per month.  Since this is a self-insured plan, SPP 
additionally pays actual claim expenses up to a stop-loss amount of $100,000 per insured.  Retirees that 
select post-retirement healthcare benefits pay a monthly premium that is subtracted from their pension 
payment after tax.   
 
The monthly cost to SPP to administer this benefit to 14 retirees is approximately $12,000.  In addition to 
this monthly fixed cost, SPP pays an average of $110,000 annually in actual claims.  Retirees pay a 
monthly premium in the amount of either $110 or $250 post-tax from their pension payment.   
 
Staff has conducted research on an alternative post-retirement healthcare option that would fund 
accounts for retirees to use in purchasing Medicare insurance.  A consideration in conducting this 
analysis was to provide medical benefits to retirees at a lower cost to the retirees as well as reduce the 
financial impact and exposure to SPP to continue offering post-retirement healthcare benefits.   
 
Retirees eligible for post-retirement healthcare insurance would no longer be eligible to participate in the 
SPP employee medical plan.  SPP would instead establish a Healthcare Retirement Account (HRA) for 
retirees eligible to receive healthcare benefits.  SPP would fund the HRA for retirees and the retirees 
could use these funds to purchase Medicare supplemental insurance as well as supplemental 
prescription drug insurance.  The average cost to a retiree to purchase Medicare insurance (including 
supplemental prescription drug insurance) is approximately $300 per month.   
 
The funds used for the HRA program are tax-free to retirees.  The retirees would no longer have a 
premium deducted from their pension payment.  Under this option, SPP retirees would have more 
flexibility to purchase a Medicare plan they select based on their specific needs.    
 



 

   

 

This option also lowers the expense to SPP to provide the benefit.  The monthly cost to SPP to fund HRA 
accounts for current retirees would be approximately $6,000, or roughly half the current monthly fixed 
cost to SPP.  This option also eliminates the additional $110,000 in annual claim expenses for SPP and 
mitigates the financial exposure to SPP to provide a post-retirement medical benefit. 
 
 
Recommendation 
The Human Resources Committee recommends the Southwest Power Pool Board of Directors approve 
the SPP Post-Retirement Healthcare Benefits Amendment (attached to this recommendation as 
Attachment A for reference).  

Approved: Human Resources Committee June 19, 2015 

Action Requested: Approve Recommendation 
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Post-Retirement Healthcare Benefits Amendment - 2015 

The following change to post-retirement healthcare benefits applies to employees eligible for this 

benefit as determined by the policy. 

• Effective October 1, 2015, SPP will no longer offer the SPP employee medical plan to 

retirees eligible for post-retirement healthcare benefits. 

o Effective October 1, 2015, SPP will establish Healthcare Retirement Accounts 

(HRA) for retirees currently utilizing the post-retirement healthcare benefit. 

• SPP will establish a Healthcare Retirement Account (HRA) for retirees eligible for post-

retirement healthcare benefits upon their retirement and election to participate in this 

benefit.  HRA funds can be used by retirees to purchase Medicare insurance, including 

supplemental medical and prescription drug plans. 

• SPP will annually fund the HRA on behalf of the retirees based on their retirement 

selection coverage.  SPP will evaluate the funding level of these accounts for retirees on 

an annual basis and will notify retirees of any changes in funding. 

• Employees eligible for post-retirement healthcare benefits at age 55 as defined in the 

Post-Retirement Healthcare Policy will be allowed to continue medical coverage in the 

SPP employee medical plan, at the same cost as employees, until they reach their normal 

retirement age.  At their normal retirement age, these retirees will no longer be eligible to 

participate in the employee medical plan and will be offered the (HRA) post-retirement 

option. 
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Post-Retirement Healthcare Benefits Policy 

SPP provides post-retirement healthcare benefits to employees hired prior to June 1, 2006. An 
employee hired after June 1, 2006 is not eligible for retiree healthcare benefits from SPP. 

The following provisions apply to employees eligible for post-retirement healthcare benefits: 

• An employee is eligible for post-retirement healthcare benefits if the employee is 
participating in the SPP qualified retirement plan and:  

o When active employment terminates, the employee has completed as least 10 
years of service with SPP; and 

o The employee has reached age 65. 
• An employee hired by SPP prior to January 1, 1996 can qualify for post-retirement 

healthcare benefits at age 55 if he/she has completed at least 10 years of service with SPP 
and is participating in the SPP qualified retirement plan. 

• An employee and his/her dependents remain eligible for post-retirement healthcare 
benefits if:  

o The employee dies while employed at SPP, has completed at least 10 years of 
service with SPP and has reached age 65, or has a SPP hire date prior to January 
1, 1996, has completed at least 10 years of service with SPP and has reached age 
55; or  

o The employee is disabled and is collecting long-term disability benefits and has 
completed at least 10 years of service with SPP and has reached age 65 at the time 
of his/her disability, or has a SPP hire date prior to January 1, 1996, and has 
completed at least 10 years of service with SPP and has reached age 55 at the time 
of his/her disability; or  

o The employee is retired at the time of death and is receiving post-retirement 
healthcare benefits under this policy at the time of death. 

• Coverage for an employee's dependents will continue until the surviving spouse 
remarries, the surviving dependents become covered under another plan, or the surviving 
children are no longer eligible dependents. 

This policy may be amended by the Board of Directors of SPP at any time. Such amendment 
may include, but is not limited to, increase in the premiums to be paid by retirees, which may be 
greater than those for active employees, amendment of the coverage for retirees, cessation or 
change in SPP's contributions towards coverage for retirees, or elimination of coverage for 
retirees, whether already retired or otherwise. Advance written notice will be given of any such 
amendment. 

  

This policy may be amended at any time. SPP shall give notice of any material amendments. 

 



Order 1000 RFP 
Update 

July 28, 2015
Paul Suskie
psuskie@spp.org

mailto:bbright@spp.org


DATE REGULATORY APPROVAL 
NEEDED

3



Date Regulatory Approval Needed
• FERC required competitive process to include Regulatory

Approvals in Order 1000-A and defined it as the date an
entity must have utility status in the state where the
facility will be built

• Per Order 1000-A, Attachment Y of the SPP Tariff
requires a Regulatory Approval Need Date be included in
an RFP for a Competitive Upgrade to identify when an
entity has gained utility status in the state where the
facility will be built

• Staff worked with the Competitive Transmission Process
Task Force (CTPTF) to define how SPP would calculate
this utility status date for competitive projects

4



Date Regulatory Approval Needed
• The RFP for Walkemeyer Project has a June 1, 2016 date

included for the utility status approval; this is less than 2
Months after the expected NTC award for this project
(April 2016)
– After applying this date to our initial competitive project it

was clear that the decision made in the stakeholder process
did not allow enough time for approval

• Business Practice 7700 allows for a published RFP to be
amended with the approval of the SPP BOD
– This change to BP7700 was just approved by the MOPC on

July 14, 2015

5



Date Regulatory Approval Needed
• Staff recommends the BOD approve a change to the

Walkemeyer RFP for the utility status approval (Date
Regulatory Approvals Needed)
– Staff recommends amending the RFP from June 1, 2016

to January 1, 2017 to allow the winning entity
reasonable time to gain utility status in Kansas
 Staff believes this date is reasonable and aligns with the intent

of the SPP process

 Requesting this date change now to allow RFP Respondents
sufficient time in finalizing their RFP responses

– Legal research shows that the KCC has a statutory
obligation to rule on such requests within 180 days of
the initial filing. (KSA 2014 Supp. § 66-131)

6



Date Regulatory Approval Needed

7

Current Timeline

Proposed Timeline



Questions?

8



Recommended Motion:

Approve Staff recommendation to change the
“Date Regulatory Approval Needed” on RFP-
00001 (Walkemeyer to North Liberal) from June 1,
2016 to January 1, 2017, or a period of 8 months
from the issuance of this NTC.

9



Next Steps

• Staff will update the Walkemeyer RFP and notify
qualified entities of this change

• Staff and the CTPTF will develop new policy to set this
utility status date to ensure future RFPs include a date
that is reasonable and allows for the SPP process to
work as designed.

10



 

 
 

 
Southwest Power Pool, Inc. 

SPP BOARD OF DIRECTORS 
Recommendation to the Board of Directors 

July 28, 2015 
Competitive RFP – Date Regulatory Approval Needed 

 
Background 

Both Order 1000-A and the SPP Tariff require the inclusion of a date by which regulatory approvals 
necessary for a Competitive Upgrade are required to be completed.  Order 1000-A defines this 
regulatory approval date as the date the potential Transmission Owner should have gained utility status 
(including the right of eminent domain) in the state where the facility will be constructed.   

The Request for Proposal (RFP) template for Competitive Upgrades also identifies the date by which 
entities bidding on the Upgrade must confirm that the necessary regulatory approvals have been 
obtained. Staff worked with the Competitive Transmission Project Task Force (CTPTF) during the 
development of the RFP template, and sought guidance from the CTPTF on how the regulatory approval 
date should be calculated. The CTPTF discussed the regulatory approval date at length on multiple 
occasions and determined that regulatory approval date should be the RTO determined need date for 
the Competitive Upgrade less the lead time for the Competitive Upgrade.   

SPP calculated the regulatory approval date used in the Walkemeyer to North Liberal Competitive 
Upgrade RFP using the method determined with the CTPTF. SPP expects to award the Notification to 
Construct (NTC) for the Walkemeyer project on April 28, 2016, and the RFP identified a regulatory 
approval date of June 1, 2016.  Such a deadline would allow only four weeks for regulatory approval to 
be obtained from the Kansas Corporation Commission, and stakeholders have voiced concerns that the 
regulatory approval date process developed by staff and the CTPTF was not reasonable and did not 
realize results to permit the SPP process to work as designed.   

Staff and the CTPTF agreed that the logical solution was to amend the regulatory approval date in the 
published RFP.  In order to make this change, Business Practice 7700 had to be changed to allow for 
updates to a published RFP with the Board of Director’s approval.  The Revision Request was developed 
in the stakeholder process and presented and approved by the Markets and Operations Policy 
Committee on July 14, 2015, as part the consent agenda.  

 
Analysis 

SPP Legal analysis shows that the process to gain utility status in Kansas is 180 days from the time an 
entity applies for such status.1    

 

                                                 
1 K.S.A. 2014 Supp. § 66-131. 



 

 

 

Given this requirement from FERC and the time needed to gain regulatory approval in Kansas, staff 
recommends that an entity be granted 8 months from the issuance of the NTC for the Walkemeyer 
project by the Board of Directors to obtain this regulatory approval.  Staff and the CTPTF will continue to 
discuss this required date for future RFPs and work to develop a policy that will provide more 
reasonable results. 

 
Recommendation 

Approve Staff recommendation to change the “Date Regulatory Approval Needed” on RFP-00001 
(Walkemeyer to North Liberal) from June 1, 2016 to January 1, 2017, or a period of 8 months from the 
issuance of this NTC. 
 
 
Approved:    
 
Action Requested:  Approve recommendation. 
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SPP Task Force on New Members 
 

Proposed SPP Stakeholder Communication Process 
 

* * Final Report * * 
 

Introduction 

Given communication concerns raised during the Integrated Systems addition to the 
Southwest Power Pool (SPP) in 2013/2014, the SPP Board charged the Strategic Planning 
Committee to develop improved and enhanced communications and processes for new 
member additions to SPP.  At the July 17, 2014 SPP Strategic Planning Committee (SPC) 
meeting, the SPC Task Force on New Members (SPCTFNM) was formed and charged with 
developing recommended prospective communication and work group processes that would 
be followed during the various stages of engaging prospective transmission-owning and load 
serving members.  The outcome of this Final Report and Communication Process only 
applies to prospective transmission-owning members who request membership contingent 
upon modifications beyond minor pro forma changes to typical new members to the SPP 
Open Access Transmission Tariff (OATT), Governing Documents, or Regional State 
Committee (RSC) Bylaws.1 

The SPCTFNM had several meetings over the course of fall of 2014 and reviewed the 
existing SPP Staff process document for adding prospective transmission-owning members 
and discussed improvements in the SPP Staff process as well as documenting a 
recommended Communication Process for future transmission-owning member additions.  
The SPCTFNM was guided by the overarching need to allow flexibility to deal with unique 
features of the prospective transmission-owning member throughout the process, while 
balancing appropriate transparency for member participation while allowing for confidential 
discussions/negotiations. Noteworthy is that the SPP staff remains solely responsible for the 
direct negotiations with the prospective member with input from the stakeholders on both 
policy and specific changes to the governing documents. 

When evaluating the overall process of adding new transmission-owning members, the 
prospective member goes through the following five stages: 

1. Initial Discussions 
2. Due Diligence and Membership Agreement Discussions 
3. SPP OATT and Governing Document Changes 
4. FERC Approvals 
5. Integration 

                                                        
1 The applicability of the process contained herein is further defined in Chart 1, 
Applicability of New Member Process, contained on Page 6. 
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Each of these stages will be discussed further in this Final Report and the recommended 
Communication Process improvements are noted for each of the stages.   The focus of the 
SPCTFNM efforts was on Stages 1, 2 and 3 as those are the stages where most 
communications and discussions are confidential and proprietary to the SPP region and 
where the communication concerns were concentrated.   

Regarding the effective date for regional cost sharing associated with the integration of the 
new member, the SPCTFNM brought the issue to the RSC to determine how the issue 
should be addressed.  The SPCTFNM recommends that while the issue is a significant 
concern when adding a new transmission-owning member to the SPP region, the issue is 
outside the scope of this task force which was tasked with improving the communication 
process. 

This document is the final product of the SPCTFNM and recommends the Strategic 
Planning Committee (SPC) approve the recommendations for process improvements.  SPP 
Staff has also made a series of changes and clarifications in the Staff work process 
document, which is included in this report as ATTACHMENT A. 

Key Definitions 

Stakeholders – Stakeholders include existing transmission-owning members, transmission-
using members, and RSC members and their staffs.   

Prospective transmission-owning member – A potential SPP member who is seeking to 
bring its transmission system into the SPP region.  Due to  its request for membership, the 
prospective member requires modifications to the SPP OATT (beyond minor pro forma 
changes for typical new members), Governing Documents, or RSC Bylaws. 

Members Forum – A group of interested SPP members, including SPP members who are 
electrically adjacent to the prospective transmission-owning member, who will give 
guidance to SPP Staff.  A prerequisite to joining the Members Forum is an executed SPP 
Members Agreement and confidentiality agreement. 

State Commission Forum – A group of interested RSC Commissioners or Commission Staff 
who will give guidance to SPP Staff.  A prerequisite to joining the State Commission Forum 
is an executed confidentiality agreement. 

Governing Documents – Includes the SPP Bylaws and SPP Membership Agreement. 

First Triggering Event – Typically when the potential new transmission-owning member 
formally requests SPP to begin negotiations to change the SPP OATT, Governing 
Documents, or RSC Bylaws to allow for its  membership into SPP. 

Second Triggering Event – This occurs when SPP Staff and the prospective transmission-
owning member determine that the discussions and the potential new member information 
need to become public to all SPP Stakeholders. 

Deleted:  and with
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Communication Process 

Stage 1:  Initial Discussions 
Periodically, prospective transmission-owning members approach SPP, typically in 
confidence, indicating they would like to discuss membership.  SPP Staff will periodically 
report to the SPP SPC the general discussions and these discussions may remain “general” 
for months and years.  SPP Staff does not take any formal action until the First Triggering 
Event occurs, which is typically when the prospective new transmission-owning member 
formally requests SPP to begin negotiations to change the SPP OATT, Governing 
Documents, or RSC Bylaws to allow for its membership into SPP. 
 
Once this First Triggering Event occurs, SPP Staff formally notifies the SPC.  If the 
potential new member requests confidentiality of the negotiations, or if the new member is 
also negotiating with another Regional Transmission Organization (RTO), the negotiations 
are considered proprietary, and updates to the SPC are conducted in Executive Session with 
proper notification given, by ensuring the meeting agendas note an Executive Session is 
expected and the topic is New Members.  In the Executive Session, the phones may be 
closed out; however, all SPP Members and RSC Commissioners or Commissioner Staff 
present at the meeting shall be permitted to remain in the Executive Session.2  
 
Once this First Triggering Event occurs, SPP Staff also shall establish a Members Forum 
and State Commission Forum to give guidance and assist SPP Staff on due diligence.  The 
Members Forum is typically open to SPP members who are located electrically adjacent to 
the potential new transmission-owning member(s) and while no existing Member requesting 
to join the Members Forum is turned down, the Members Forum size needs to be managed 
so that SPP Staff can be agile and efficient in their work.  
 
All SPP members, as well as RSC and commission staff, may attend the SPC Executive 
Session discussions on New Members.  For these Executive Sessions, an executed 
confidentiality agreement will be required for all participants.  
 
Stage 2:  Due Diligence and Membership Agreement Discussions 
During this stage, SPP Staff is solely responsible for the negotiations with the prospective 
new transmission-owning member. The SPP SPC, State Commission Forum and Members 
Forum can provide input to SPP Staff as well as receive regular updates on progress or 
issues of concern.  These discussions, and updates from the due diligence work SPP Staff 
conducts, are typically highly confidential and proprietary.  Also during this stage, SPP Staff 
provides regular updates to the SPC and as the updates require, in Executive Session.  The 
Executive Session will be noticed on the agenda.  As appropriate, SPP Staff will provide 
updates to the appropriate working groups and committees, including the SPP Board, 
Members Committee, RSC, and Markets and Operations Policy Committee (MOPC). 
 

                                                        
2 Subject to assurances from Commissioners and Commission staff regarding protection of 
confidential information that may be subject to Freedom of Information Act and state open 
meeting laws. 
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During this stage, a Second Triggering Event occurs that makes the discussions and the 
potential new member’s identity public to all SPP Stakeholders.  Once this Second 
Triggering Event occurs, SPP Staff convenes a special all-member meeting to discuss all the 
proposed document changes and analyses conducted to date.   
 
Each prospective new transmission-owning member generally has unique characteristics 
associated with its  transmission system.  In all cases, SPP Staff conducts a cost/benefit 
analysis to determine the impact the addition of the prospective transmission-owning 
member’s system would have on  existing SPP members.  The potential new transmission-
owning member may conduct a cost/benefit study of  its own that could include a production 
cost analysis.   
 
The SPC shall make a determination of whether to have a more extensive production 
cost/benefit analysis conducted, either by SPP Staff or by a third party under SPP direction. 
When posting the SPC agenda, SPP Staff will ensure the agenda states there is a new 
member discussion item and that it may be discussed in Executive Session.  The decisions to 
conduct such a cost/benefit study will be evaluated on a case-by-case basis. 
 

 
Stage 3:  SPP OATT and Governing Document Changes 
 
During this stage, SPP Staff is solely responsible for the direct negotiations with the 
prospective new member, and the SPP SPC, State Commission Forum and Members Forum 
provide input to SPP Staff as well as receive regular updates on progress or issues of 
concern. During this stage, SPP Staff provides regular updates to the SPC and as the updates 
require, in Executive Session.  As appropriate, SPP Staff will provide updates to the 
appropriate working groups and committees, including the SPP Board and Members 
Committee, RSC, and MOPC.   
 
At this stage, SPP Staff convenes a special all-Member meeting to discuss the proposed 
OATT and Governing Document Changes and any analyses conducted to date.  Throughout 
this stage, as appropriate, SPP Staff shall provide updates to the appropriate Working 
Groups and Committees, including the SPP Board and Members Committee, the RSC, the 
Cost Allocation Working Group, and MOPC. 
 
When SPP Staff convenes the special all-Member meeting SPP Staff shall include the RSC 
Commissioners and Commission staff.  The RSC may request SPP Staff to hold a special 
meeting of the RSC to review the proposed changes; however, this would not preclude the 
RSC Commissioners or Commission Staff from attending the all-Member special meeting to 
review and discuss the potential document changes and new members. 
 
Finally, if the SPP OATT and Governing Documents are amended and presented for 
stakeholder approval, the following groups’ roles are defined. 
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 MOPC:  Prior to going to the Members Committee and Board for a vote, any 
changes to the SPP OATT will be presented to MOPC for all members to discuss and 
vote on changes. 
 
SPC: Prior to going to the Members Committee and Board for a vote, all negotiating 
strategies, guidance, and deliberations for prospective new members will be reviewed 
by the SPC, either in an open meeting or Executive Session for review and approval. 
 
Corporate Governance Committee (CGC):  Prior to going to the Members 
Committee and Board for a vote, any changes to the Governing Documents will be 
reviewed and approved by the CGC. 
 
RSC:  SPP Staff will provide regular updates to the RSC on new transmission 
owning member deliberations and negotiations.  Any matters for which the RSC has 
delegated authority will be presented to the RSC for discussion and approvals, in 
accordance with the RSC and SPP Governing Documents, prior to SPP Board action.  

 
Legal Analysis 
 
Depending on the unique characteristics of the potential new member, or the request of the 
potential new member for OATT and Governing Document changes, a legal analysis may be 
required.  The prospective new member shall be responsible for any legal analysis it needs.  
SPP will be responsible for any legal analysis SPP determines it needs.  Any time the potential 
new member indicates that it has identified a matter for which it is seeking a legal analysis, 
an analysis may be requested of SPP’s General Counsel.  This request should be made in 
writing.   
 
Additionally, on a case-by-case basis, Stakeholders, as defined in this document, may request 
an SPP legal analysis on issues related to the prospective new member.  This request should 
be made of the General Counsel in writing.  Nothing in this recommendation precludes any 
SPP Member, the RSC, or State Commission from pursuing its own legal analysis on any 
legal matter associated with the prospective new member. 
 
The SPP General Counsel has a process for conducting general legal analyses in response to 
such requests. This process documents how that legal analyses would be pursued and 
disseminated during the non-public and public stages of the process of adding new 
members.  Such legal analysis would be released subject to the resolution of attorney-client 
privilege issues and professional responsibility obligations. 
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CHART 1 
 

Applicability of New Member Processes 
Below are examples of situations of when the New Member 

Process Document will and will not apply to prospective new 
members integrations into SPP. 

 

 

 

 

 

New Member Process Document 
Applies 

New Member Process Document  
Does Not Apply 

The prospective New Member is requesting 
changes to the SPP tariff including Schedule 11, 
Schedule 12, Attachment J, Attachment AE, or 
other rate schedule. 
 

The prospective New Member is only 
requesting pro forma changes to the SPP tariff. 

The prospective New Member is requesting 
significant changes to the pro forma SPP 
Membership Agreement. 

The prospective New Member is only 
requesting minor changes to their membership 
agreement or changes to the membership 
agreement already approved by FERC for other 
members of the same zone. 

The prospective New Member is requesting 
significant changes to the SPP Bylaws. 

The prospective New Member has no 
requested changes to the SPP Bylaws. 

The prospective New Member is requesting 
significant changes to the RSC Bylaws or to the 
delegated authorities of the RSC, as stated in 
the SPP Bylaws.  
 

The prospective new member is not a 
prospective transmission-owning member. 

Any other instances not specifically listed 
herein where the SPC or Board of Directors 
determine that the changes are significant 
enough that the New Member Process 
Document should apply. 
 

 The prospective new member will not be 
classified as a TO member within the SPP 
Membership Agreement. 

Any other instances not specifically listed 
herein that are within the responsibilities of 
the RSC, where the RSC finds that the changes 
are significant enough that the New Member 
Process Document should apply. 
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ATTACHMENT A 
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Insert SPP Staff Process Document HERE 



 

Southwest Power Pool, Inc. 
STRATEGIC PLANNING COMMITTEE 

Recommendation to the Board of Directors 
July 28, 2015 

Final Report of the SPCTF on New Members 

Background 
Given communication concerns raised during the Integrated Systems addition to the Southwest Power 
Pool (SPP) in 2013/2014, the SPP Board charged the Strategic Planning Committee to develop improved 
and enhanced communications and processes for new member additions to SPP.  At the July 17, 2014 
SPP Strategic Planning Committee (SPC) meeting, the SPC Task Force on New Members (SPCTFNM) 
was formed and charged with developing recommended prospective communication and work group 
processes that would be followed during the various stages of engaging prospective transmission-owning 
and load serving members. 

Analysis 
The SPCTFNM had several meetings over the course of fall of 2014 and spring of 2015 and reviewed the 
existing SPP Staff process document for adding prospective transmission-owning members and 
discussed improvements in the SPP Staff process as well as documenting a recommended 
Communication Process for future transmission-owning member additions.  The SPCTFNM was guided 
by the overarching need to allow flexibility to deal with unique features of the prospective transmission-
owning member throughout the process, while balancing appropriate transparency for member 
participation while allowing for confidential discussions/negotiations.   

The outcome of this Final Report and Communication Process only applies to prospective transmission-
owning members who request membership contingent upon modifications beyond minor pro forma 
changes to typical new members to the SPP Open Access Transmission Tariff (OATT), Governing 
Documents, or Regional State Committee (RSC) Bylaws.   

When evaluating the overall process of adding new transmission-owning members, the prospective 
member goes through the following five stages: 

1. Initial Discussions 
2. Due Diligence and Membership Agreement Discussions 
3. SPP OATT and Governing Document Changes 
4. FERC Approvals 
5. Integration 

The focus of the SPCTFNM efforts was on Stages 1, 2 and 3 as those are the stages where most 
communications and discussions are confidential and proprietary to the SPP region and where the 
communication concerns were concentrated. 

Recommendation 
Accept the Final Report of the SPCTFNM as approved/modified by the SPC and direct staff to update 
existing processes to implement the Final report.   

Approved: Unanimous by SPC as amended with 
modifications to be made by SPP Staff. 

June 16, 2015 

  
 
Action Requested: Approve Recommendation 
 



MOPC Report to 
Board of Directors 
/ Members 
Committee

July 28, 2015
Noman Williams - Chair



• Action Items
– MWG

 RR91

 RR100

– Staff
 Cost Re-Evaluation

• Information Items
– SPP/MISO CSP Study

– ESWG – ITP10 Update

– RTWG – Z2 Crediting

– Stakeholder Prioritization 
Task Force Update

– CMTF Update

– RARTF Update

– CIP-014-2 Scope of 
Service – Third Party 
Review

– Industry Alerting for 
Security Threats

Agenda
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Action Items
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MWG

5



RR91 – Annual Allocation Percent Change
• Original design

– ARRs only allocated in annual process, the full system capacity allocated, 
new entitlements offered in the monthly allocation

• FERC required monthly process be available to all existing candidate 
ARRs (see MCRR 6) 

– No updates to Annual Allocation were made after the FERC filing

• Issues with Current Design
 ARRs allocated 100% of system capacity, TCRs primarily awarded with 60-90% 

system capacity 

 Annual ARRs were not feasible, less available capacity carried forward to 
monthly processes, and many of these are still infeasible in the monthly 

 But, infeasible capacity of these ARRs guaranteed through limit expansion

 Infeasible capacity goes to ARR holder as an ARR Self Convert or another TCR 
auction participant 
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RR91 – TCR Funding
• SPP Tariff, Attachment AE, Section 7.2.3

– In the event the cumulative funding is at or below 90% or 
above 100%, the Transmission Provider may approve an 
additional adjustment of all subsequent monthly 
auctions and the month of June in the annual auction of 
the normal and emergency ratings of all flowgates and 
monitored transmission system elements. 

• Tariff indicates that we need to make our best effort to 
stay between 90% and 100% funded
– Cumulative funding for 2014-2015 TCR year was 82%

• RR91 is the first step to improve the TCR funding

7



RR91 – Annual Allocation Percent Change

• RR91 (as adopted by MOPC) proposes to:
 Change Annual ARR Allocation system capacity to:

– June 100%, July-September 90%, and Seasons 80%
– Different than TCR Auctions
– ARRs still carried forward with limit expansion in the 

monthly models somewhat reduced
– Infeasible TCRs reduced

 All residual capacity will still be allocated and 
auctioned in monthly processes

• MWG approved Seasons at 60%; MOPC changed the 
percentage to 80%

• Estimated cost $114k, 6 months to complete
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RR91 – Annual Allocation Percent Change
• MMU supported RR91 as approved by the MWG as the first step 

in the right direction for solving chronic underfunding
• Working Group Voting Results

– MWG approved 6/16/2015
 Five opposed (AEP, CUS, NPPD, OPPD, Xcel) and two abstentions (LES, 

OMPA)
– RTWG approved 6/25/2015

 Four opposed (AEP, OPPD, Xcel, NPPD) and one abstention (MJMEUC)
– MWG approved impact assessment 6/29/2015

 Five opposed

• MOPC approved with 9 opposed (ITC, Empire District, Entergy Asst
Mgmt, OPPD, Flat Ridge 2 Wind Energy, NTEC, AECC, ETEC, TEXLA) 
and 7 abstentions (WAPA, Transource Energy, Transource
Missouri, Dogwood Energy, Calpine, Kansas Electric Power Coop, 
Midwest Gen, LLC)

• MOPC recommends BOD approve RR91 as modified by MOPC
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Gas/Electric Coordination

• FERC
– NOPR proposed changes to the gas nomination times, 

frequency, and the start of the gas day.  

– March 2014 Order
 Initiated investigation to ensure each RTO and ISO adopts the 

NOPR’s changes 90 days after a Final Rule is published.

 Began the NAESB Process involving all facets of the 
gas/electric industry; Gas-Electric Harmonization Forum

10



FERC 206 Order Issued to ISOs and RTOs

• April 16, 2015 Order
– Moved 1130 Timely Nom to 1300

– Changed nomination cycle timings, add 1900 intraday nomination.  

– Made third Intraday Cycle bumpable.

– No change to start of gas day, remains 9 a.m. Central, rejected 
requests to move Nom to 1400

• Required response
– Propose Tariff changes to adjust DA Market and RUC timing AND 

“Explain how its proposed scheduling modifications are sufficient”

– OR “show cause why such changes are not necessary”

• 90 day deadline  - SPP requested extension until on or 
about August 1, 2015

11



Current Electric Commitment Results Timetable

ISO/RTO Submission (CCT) Publication (CCT)

CAISO 12 noon 3 p.m.

ISO-NE 9 a.m. 12:30 p.m.

PJM 11 a.m. 3 p.m.

MISO 10 a.m. 2 p.m.

NYISO 4 a.m. 10 a.m.

SPP 11 a.m. 4 p.m.

12

ERCOT, NYISO, and ISO-NE indicate no plans to change (NYISO & ISO-
NE already moved)
CAISO, MISO, and PJM requesting Stakeholder feedback and indicate 
similar options as discussed, 1) change market, moving the timeline 
earlier, or 2) show cause for the current timing as sufficient.



SPP Order Response Discussions
• Discussions

– What is cost ($) of compressing DA Market and RUC

– Potential conflict with Enhanced Combined Cycle (ECC)

– Price certainty vs. Gas certainty

– Capability already in place based on the FERC NOPR:

 Multi Day Reliability Assessments & Conservative Operations

• Why?

– Provides opportunity for use of Evening Gas Nom, currently not available.

– Provides some price formation in the morning before the DA Market closes

– Shows forward progress in meeting FERC’s Order, a phased approach

– Allows for continued progress with ECC implementation

13



Updated Strawman Timeline Proposal
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DA RUC
(1445 to 1715)

4       5      6      7      8      9      10     11     12    13     14    15    16     17    18    19    20

Reserves 
Posted
(0600)

MP Re-offer
Closes 
(1445)

Bidding Period 
(OD-7 – 0930)

DA Market 
(0930 to 1400)

Timely 
Gas Nom

(1300)

Evening Gas 
Nom

(1800)

Start of 
gas day
(0900)

Intra-Day Nom (1430) Intra-Day Nom (1900)Intra-Day Nom (1000)

FERC Order 206 (green)

SPP Market (red)



Impact Assessment

• Estimated cost, for faster solution time for DA Market 
and DA RUC and change in the timing, is $1.5M.  
– Includes high-end projected cost from Alstom 

– Includes SPP costs for testing and implementation
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RR100 - Gas-Electric Coordination Market 
Timeline Changes

• Working Group Voting Results
– GECTF approved 6/3/2015

 Two opposed (NPPD, Basin), and two abstentions (OGE, SPS/Xcel)

– MWG approved 6/16/2015
 Five opposed (Exelon, LES, OPPD, NPPD and Basin) and five abstentions (SPS/XES, CUS, 

GSEC, OMPA and KMEA)

– RTWG approved 6/25/2015
 Two opposed (OPPD, NPPD) and three abstentions (GSEC, SPS/XES, MJMEUC)

– ORWG approved 7/7/2015
 One opposed (LES) and One abstention (SPS/XES)

• MOPC Approved with 8 opposed (MJMEUC, Basin Electric, NPPD, City Utilities of 
Springfield, LES, Exelon Power Team,  OPPD, East River Electric Power Coop) and 
12 absentions (WAPA, Flat Ridge 2 Wind Energy, Xcel Energy Southwest 
Transmission Co, Midwest Energy, Transource Energy, Transource Missouri, 
Tenaska Power Services, South Central MCN, Duke American Transmission, ITC 
Great Plains, Heartland Consumers Power District, Prairie Wind Transmission)

• MOPC recommends BOD approve RR100
16



STAFF
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Background
• Study Estimate is an estimate prepared during the planning 

process for those projects that pass an initial project 
screening process and require a more refined cost estimate 
to aid in final selection of a recommended project portfolio.
– Prior to the 2015 ITPNT and ITP10, SPP primarily relied on its TOs 

to develop Study Estimates

– SPP Staff, with use of a consultant, developed Study Estimates in 
the 2015 ITPNT and 2015 ITP10

• NTC Project Estimate (NPE) is a refined estimate provided by 
the DTO in their acceptance of an NTC 

• Many NPEs provided in acceptance of NTCs from the 2015 
ITPNT and ITP10 significantly exceeded Study Estimates

• Section 6.1 of BP 7060 states that changes in cost estimates 
could cause an NTC for a project to be restudied 18



2015 ITPNT & ITP10 Committed Projects 

19

# of 
Projects

Study Estimate  
(Adjusted for 

Inflation)
NPE Variance Variance

%

Committed Projects 30 $145,067,305 $239,899,547 $94,832,242 65.4%

Within Bandwidth 4

Out-of-Bandwidth Low 3

Out-of-Bandwidth High 23

All NPEs for Out-of-Bandwidth projects evaluated by Staff 
in coordination with TOs to determine if cost variances are 

justified and project scopes meet NTC specifications

To reduce the number of project re-evaluations to consider, Staff used the following as guidelines to filter 
the group of 26 projects with out-of-bandwidth NPEs:
- Apply Attachment Y business rule for Competitive Upgrades which directs a Board review if all cost 

estimates in RFP responses are 30% or higher than the Study Estimate (Business Practice 7060 directs  
an automatic re-evaluation of an NTC-C if CPE is higher than 8.3% of Study Estimate)

- Apply guideline approved by MOPC in July 2013 to report cost variances for only projects with a cost 
estimate of $5 million or more

# of 
Projects

Study Estimate  
(Adjusted for 

Inflation)
NPE Variance

8* $68,936,539 $157,575,459 $88,638,920

% of Total Variance
After Filters

93.5%

*One project has already been reevaluated and its NTC commitment accepted.



Staff Findings in Cost Variance Evaluation
• Staff conducted interviews with TOs for projects with out-of-

bandwidth variances

• Primary cost variance factors
– Significant mismatches in scope assumptions, including:

 TO-preferred design standards

 Lines requiring complete tear down and rebuild rather than reconductoring

 Old age of facilities requiring more substation work than anticipated

– Significant contingency assumption differences due to unforeseen 
complexities (e.g. wetland areas, underbuilt line rebuilds, substation 
layout intricacies)

• When scope assumptions aligned, cost variances were 
minimal
– Costs for materials and labor were comparable

20



Out-of-Bandwidth Project Overview

21

Owner
Study 

Estimate                           
(Adjusted for 

Inflation)

NPE Variance Variance 
%

Hobart - Roosevelt Tap - Snyder 69 
kV Rebuild AEP $14,312,133 $36,017,091 $21,704,958 151.7%

Mineola - Grand Saline 69 kV 
Rebuild AEP $7,429,561 $22,967,874 $15,538,313 209.1%

South Shreveport - Wallace Lake 138 
kV Rebuild AEP $10,268,933 $18,553,018 $8,284,085 80.7%

Linwood - South Shreveport 138kV 
Rebuild AEP $3,494,924 $7,062,332 $3,567,408 102.1%

Martin - Pantex North - Pantex South 
- Highland Park 115 kV Reconductor SPS $9,076,414 $19,534,266 $10,457,852 115.2%

Labette - Neosho SES 69 kV Rebuild Westar $2,105,704 $6,088,561 $3,982,857 189.1%

Iatan - Stranger Creek 345 kV 
Voltage Conversion*

Westar/GMO
/KCPL $16,119,447 $37,510,000 $21,390,553 132.7%

*Project categorization is Economic on NTC; all other projects listed in table are Regional Reliability



Hobart - Roosevelt Tap - Snyder 69 kV Rebuild (AEP)
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NTC Scope

Rebuild 10-mile 69 kV line from Hobart to Roosevelt Tap. 
Upgrade jumpers, switches, CT ratios, and relay settings at 
Hobart.  Rebuild 18.7-mile 69 kV line from Roosevelt Tap to 
Snyder. Upgrade jumpers, switches, CTs, and relay settings at 
Snyder. 

Source Study

2015 ITPNT

Need Date

6/1/2015

Project Type

Regional Reliability

In-Service Date

6/1/2018

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance % $/Mile Study 
Estimate $/Mile NPE

$14,312,133 $36,017,091 $21,704,958 151.7% $498,688 $1,205,795

Cost Variance Factors

• AEP proposing to construct with 138 kV standards due to likely future conversion, especially considering wind generation 
development in this area; Study Estimate assumes 69 kV
• Additional ROW required (not due to 138 kV construction)

o Acquisition of railway licenses and highway permits
o Portion of line crosses through Mountain Park Wildlife Management Area
o Possible jurisdiction of Great Plains State Park and State Park Service

• Replacing facilities built in the 1940s
o Additional substation work required beyond what is in Study Estimate

• NPE included $6.5 million in contingency

Cost Allocation

Zonal

Location

SE Oklahoma

Staff Recommendation Suspend NTC and re-study in 2016 ITPNT                                                                       
(interim mitigation plan in place)



Mineola - Grand Saline 69 kV Rebuild (AEP)
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NTC Scope

Rebuild 13.8-mile Grand Saline - Mineola 69 kV line, and 
upgrade jumpers, switches, CT ratios and relay settings at both 
substations.

Source Study

2015 ITPNT

Need Date

4/1/2020

Project Type

Regional Reliability

In-Service Date

6/1/2020

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance % $/Mile Study 
Estimate $/Mile NPE

$7,429,561 $22,967,874 $15,538,313 209.1% $530,683 $1,664,339

Cost Variance Factors
• AEP proposing to construct with 138 kV standards due to likely future conversion and the majority of the line already being 
double-circuited on 138 kV structures; Study Estimate assumes 69 kV
• Very complex line rebuild

o 7 miles of line on existing double-circuit structures
o 4 miles of underbuild

• Replacing older facilities
o Additional substation work required beyond what is in Study Estimate

• NPE included $2.8 million in contingency

Cost Allocation

Zonal

Location

NE Texas

Staff Recommendation Suspend NTC and re-study in 2016 ITPNT



South Shreveport - Wallace Lake 138 kV Rebuild
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NTC Scope

Rebuild 11.2-mile 138 kV line from South Shreveport to 
Wallace Lake. Upgrade wavetrap and conductor at South 
Shreveport.

Source Study

2015 ITP10

Need Date

6/1/2019

Project Type

Regional Reliability

In-Service Date

6/1/2019

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance % $/Mile Study 
Estimate $/Mile NPE

$10,268,933 $18,553,018 $8,284,085 80.7% $916,869 $1,656,519

Cost Variance Factors

• Urban construction near neighborhoods
• Located in designated wetland area
• Wet weather driving up contingency costs ($3.5 million)
• Replacing older facilities

o Additional substation work required beyond what is in Study Estimate

Cost Allocation

Byway

Location

NW Louisiana

Staff/MOPC 
Recommendation

Suspend NTC; restudy in Regional Review of SPP-MISO Coordinated System 
Plan Study and 2016 ITPNT



Linwood - South Shreveport 138 kV Rebuild (AEP)
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NTC Scope

Rebuild 2.4-mile 138 kV line from Linwood to South 
Shreveport.   Upgrade jumpers at Linwood.

Source Study

2015 ITPNT

Need Date

6/1/2017

Project Type

Regional Reliability

In-Service Date

6/1/2018

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance % $/Mile Study 
Estimate $/Mile NPE

$3,494,924 $7,062,332 $3,567,408 102.1% $1,444,183 $2,918,319

Cost Variance Factors

• Urban construction near neighborhoods
• Wet weather driving up contingency costs ($860 K)
• Replacing older facilities

o Additional substation work required beyond what is in Study Estimate

Cost Allocation

Byway

Location

NW Louisiana

Staff Recommendation Suspend NTC and re-study in 2016 ITPNT



Martin - Pantex North - Pantex South - Highland Park 115 kV Reconductor (SPS)
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NTC Scope

Reconductor 3.4-mile 115 kV line from Pantex North to Pantex South 
to achieve a new rating of 240 MVA. Reconductor 6.8-mile 115 kV line 
from Highland Park Tap to Pantex South to achieve a new emergency 
rating of 240 MVA. Replace wave trap at Pantex South. Replace switch 
at Highland Park Tap. Reconductor 5.1-mile 115 kV line from Martin 
to Pantex North to achieve a new rating 240. Replace wave trap at 
Pantex North. Replace switch at Highland Park Tap.

Source Study

2015 ITP10

Need Date

4/1/2019

Project Type

Regional Reliability

In-Service Date

4/1/2019

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance %

$9,076,414 $19,534,266 $10,457,852 115.2%

Cost Variance Factors

• Study Estimate assumed the replacement of conductor only was required to achieve new rating; NPE estimates 
for a complete wreck-out and rebuild

Cost Allocation

Byway

Location
NW Texas Panhandle

Staff/MOPC 
Recommendation Suspend NTC and re-study in 2016 ITPNT



Labette - Neosho SES 69 kV Rebuild (Westar)

29

NTC Scope

Rebuild 4.6-mile 69 kV line from Labette to Neosho SES.

Source Study

2015 ITPNT

Need Date

6/1/2019

Project Type

Regional Reliability

In-Service Date

6/1/2019

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance % $/Mile Study 
Estimate $/Mile NPE

$2,105,704 $6,088,561 $3,982,857 189.1% $457,762 $1,006,788

Cost Variance Factors

• Length of line corrected in NPE and models to 6.0 miles instead of 4.6. 
• Additional ROW costs expected by Westar ($500 K)
• NPE included $1.3 million in contingency
• Construction discrepancy (monopole vs. H-frame construction and conductor size difference)

Cost Allocation

Zonal

Location

SE Kansas

Staff Recommendation Suspend NTC and re-study in 2016 ITPNT



Iatan – Stranger Creek 345 kV Voltage Conversion (Westar/GMO/KCPL)
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NTC Scope

Convert 18.2-mile 161 kV line from Iatan to Stranger Creek to 
345 kV operation.

Source Study

2015 ITP10

Need Date

1/1/2019

Project Type

Economic

In-Service Date

1/1/2019

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance % $/Mile Study 
Estimate $/Mile NPE

$15,726,289 $37,510,000 $21,390,553 132.7% $885,684 $2,060,989

Cost Variance Factors

• Consistent with DPP, Study Estimate assumes 14 miles of structure replacement and no conductor 
replacement
• NPE assumes 18.2 miles of structure replacement and 10.8 miles of conductor replacement

Cost Allocation

Highway

Location

NE Kansas/NW MO

Staff/MOPC 
Recommendation

Suspend NTC; restudy in Regional Review of SPP-MISO Coordinated System 
Plan Study and 2017 ITP10



Staff’s Out-of-Bandwidth Recommendations
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Project Name Owner Recommendation

Hobart - Roosevelt Tap - Snyder 69 kV Rebuild AEP Suspend NTC and restudy in 2016 ITPNT

Mineola - Grand Saline 69 kV Rebuild AEP Suspend NTC and restudy in 2016 ITPNT

South Shreveport - Wallace Lake 138 kV Rebuild AEP
Suspend NTC; restudy in Regional Review 

of SPP-MISO Coordinated System Plan 
Study and 2016 ITPNT

Linwood - South Shreveport 138kV Rebuild AEP Suspend NTC and re-study in 2016 ITPNT

Martin - Pantex North - Pantex South - Highland Park 
115 kV Reconductor SPS Suspend NTC and restudy in 2016 ITPNT

Labette - Neosho SES 69 kV Rebuild Westar Suspend NTC and restudy in 2016 ITPNT

Iatan - Stranger Creek 345 kV Voltage Conversion Westar/GMO/
KCPL

Suspend NTC; restudy in Regional Review 
of SPP-MISO Coordinated System Plan 

Study and 2017 ITP10



MOPC Out-of-Bandwidth Recommendation 

• MOPC recommends that the BOD approved the 
recommendations below:
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Project Name Owner Recommendation

South Shreveport - Wallace Lake 138 kV Rebuild AEP
Suspend NTC; restudy in Regional Review 

of SPP-MISO Coordinated System Plan 
Study and 2016 ITPNT

Martin - Pantex North - Pantex South - Highland Park 
115 kV Reconductor SPS Suspend NTC and restudy in 2016 ITPNT

Iatan - Stranger Creek 345 kV Voltage Conversion Westar/GMO/
KCPL

Suspend NTC; restudy in Regional Review 
of SPP-MISO Coordinated System Plan 

Study and 2017 ITP10



Information
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2014 SPP-MISO COORDINATED 
SYSTEM PLAN 

34



CSP Process Overview

Scope Development Joint Model Build
Issues Identification 

(Economic and 
Reliability) 

Solution Solicitation 
through IPSAC

Solution 
Refinement & 

Evaluation

IPSAC Review & 
Endorsement 

JPC Recommended 
Projects

SPP & MISO 
Regional Review 

Process 

Potential SPP & 
MISO Board 

Approval 35



Interregional Project Criteria

• JOA Requirements – Section 9.6.3.1: Criteria for Project 
Designation as an Interregional Project (accepted by FERC)
– Estimated project cost is $5 million or greater

– Project is evaluated as part of a CSP and recommended by 
the JPC

– Benefits to MISO and SPP must each represent 5% or 
greater of the total benefits identified in the combined 
MISO and SPP region

– Estimated in service date is within 10 years from the date 
the project is approved

– Project must be approved under the terms of the MISO 
OATT and SPP OATT 36



SPP-MISO Potential Interregional Projects
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1. Elm Creek to NSUB 
345kV

– E&C Cost: $140 mil
– 20-Year B/C: 1.22
 SPP benefit 80%
 MISO benefit 20%

2. Rebuild South 
Shreveport to 
Wallace Lake 138kV

– E&C Cost: $18.5 mil
– 20-Year B/C: 2.61
 SPP Benefit 20%
 MISO Benefit 80%

3. Series Reactor on 
Swartz to Alto 115kV

– E&C Cost: $5.3 mil
– 20-Year B/C: 4.32
 SPP Benefit 14%
 MISO Benefit 86%



• Recommended by SPP-MISO Joint Planning Committee 

• SPP Board of Directors Approval
– Scheduled for October 27

• MISO Board of Directors Approval
– Scheduled for December 10

Interregional Project Approval Requirements



ESWG
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2017 ITP10 Assumptions

• Study year 2025
– Benchmarking 2014-2015

– Staging year 2020

• Load Forecasts
– Annual peak, energy and losses by ESWG/TWG

• System Topology
– Latest ITP model series (2016 ITPNT)

• Resource plan for 2020 and 2025

• Market based Dispatch

40



• Future 1 – Regional Clean Power Plan Solution

– Assumes the EPA Clean Power Plan is implemented on a 
Regional level meeting emissions targets in the SPP footprint

• Future 2 – State Level Clean Power Plan Solution

– Assumes the EPA Clean Power Plan is implemented on a State 
level meeting emission targets within each state

• Future 3 – No Clean Power Plan Solution

– Assumes the EPA Clean Power Plan is not implemented

*Each future also assumes: Competitive wind, high availability of natural 
gas due to hydraulic fracturing (fracking), load growth as expected, large 
scale solar generation development (mixed with smaller scale in Future 3)

2017 ITP10 Futures

41



Futures Drivers
Driver Future 1 Future 2 Future 3

111D Regional 111D State 111D No 111D
Competitive Wind Yes Yes Yes
NG Supply - High Supply Due to Fracking Yes Yes Yes
Severe Weather Sensitivity Sensitivity Sensitivity

Long-Term Drought

Winter impacts

Load Growth Normal Normal Normal

Cost of Capital Changes (Significant Increase)
Sensitivity Sensitivity Sensitivity

Limited ability to build

8-12% interest payments

Solar Development (Substantial) Large Scale Large Scale Large Scale/Roof Top
Impact on Generation Due to Constraints Modeling Issue Modeling Issue Modeling Issue
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ITP10 Input Assumptions

Zonal Reserve Margin - 13.6% per SPP criteria

Renewable Accreditation - SPP Criteria 12.1.5.3.g
– Actual calculated values for resources with 3 years or greater of 

historical data (or measured wind speed data)

– 5% accreditation for future wind resources

– 10% accreditation for future solar resources

Wind Capacity Factors

• 2012 hourly wind profiles from NREL 2012 WIND toolkit 
dataset

Generation Prototypes

• Lazard’s 2014 Levelized Cost of Energy Study (Version 8)
43



Modeling Parameters

• Fuel Prices
– Utilize ABB’s NERC Nodal Data for coal, oil, and uranium 

(including transportation costs)

– Utilize NYMEX futures and DOE growth rates for natural 
gas prices

• Wind Prices
– $8/MWhr for O&M and Curtailment in 2015

• Emission Price
– Utilize ABB’s NERC Nodal Data



ITP Resource Inclusion Criteria

• ITP10 Resource Additions
– Implemented new criteria for modeling of future 

resources

– Developed to define bounds around specific resources 
that can be submitted by stakeholders for inclusion in 
the ITP10/20 studies

– Defined a Resource Addition Request (RAR) process

• ESWG approved inclusion of multiple future projects 
beyond those allowed in the ITPNT



Renewable Survey

• Data request sent to utilities to survey anticipated 
renewable mandates and goals based on current 
regulations

• Utility-by-State Structure

• Feeds into other milestones:
– Resource Plan – Phase 1: Additional renewables will be 

included in the plans, as needed, to meet the renewable 
Mandate and Goal projections

– Policy Needs Assessment: Shortfall in the achievement 
of the renewable requirements of each future due to 
this curtailment will be identified

46



Needs Assessment Methodology

• Economic Needs
– Constraints ranked based on flowgate congestion cost

– Up to 25 constraints based on ranking identified as economic need 
per future

– Constraints with less than $50,000 in annual congestion cost will be 
excluded as a need

• Public Policy Needs
– Renewable energy curtailment will be assessed on a by-utility by-

state basis to determine if a utility is able to meet its 
statutory/regulatory mandate or goal

 Only utilities with an energy or deliverability requirement will be 
assessed for curtailment

47



Next Steps

• Continue discussion on implementation and 
methodologies for scope
– Futures implementation and modeling

– Resource siting methodology

– Generator outlet facilities (GOF) analysis

– Project selection criteria

– Project grouping methodology

– Portfolio consolidation methodology

– Project staging methodology

– Sensitivities to analyze
48



49
ESWG/MOPC 
Approval

Member 
Review/Feedback Period

Milestone 
Period

2015 2015

Today

Jun Jul Aug Sep Oct Nov Dec

Scoping

Load Review

Renewable 
Survey

Generation Review

Resource Plan Phase 1

Resource Plan Phase 2

Siting Plan

Powerflow Model Development

Economic Model Development

Benchmarking

Constraint Assessment

Generator Outlet Facilities

17

18

18

18

29

17 22

10

10

15

15
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2016 2016Jan Feb Mar Apr May Jun

Powerflow Model Development

Economic Model Development

Constraint Assessment

DC-to-AC Conversion

Dynamic Model Development

Needs Assessments

DPP Window/Cure Period

Solution Development

19

3

19

11 25

17

ESWG Approval Member Review/Feedback 
Period

Milestone Period Submission Deadline
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2016 2016Jul Aug Sep Oct Nov Dec

Dynamic Model Development

Solution Development

Project Grouping

Portfolio Consolidation

Project Staging

Stability Assessment

Draft Report

Final Assessment

Rate Impacts

Benefit Calculation

Sensitivity Analysis

14

16

6

17

ESWG Approval Member Review/Feedback Period Milestone Period

3

3



RTWG
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Current Z2 Project Status
• Monthly Updates to RTWG

• Project Phase: Design

• Status: Green

• In process work:

– Functional Design sessions with vendor*

– Business Process documentation/Development*

– Test Planning*

• What’s been completed since the last update:

– Completed Functional Design for Module 1  

– Started Technical Design for Module 1

– Started Functional Design for Module 2

53*This work will be ongoing for several months



Schedule Overview

54

Task Name Start Finish
Functional Design* Mon 4/27/15 Wed 9/23/15

Module 1 - FD - Core, Workflow, Inbound APIs & Staging, MODULE 1 UI Mon 4/27/15 Tue 6/16/15

Module 2 - FD - ST/LT Stacking, Gross CPO Calcs, MODULE 2 UI Fri 6/5/15 Wed 7/22/15

Module 3 - FD - Offsets, Settlement Calcs, MODULE 3 UI, Outbound APIs Wed 7/15/15 Wed 9/23/15

Technical Design Mon 6/1/15 Tue 10/6/15

Module 1 - TD - Core, Workflow, Inbound APIs & Staging, MODULE 1 UI Mon 6/1/15 Mon 7/13/15

Module 2 - TD - ST/LT Stacking, Gross CPO Calcs, MODULE 2 UI Thu 7/9/15 Wed 8/26/15

Module 3 - TD - Offsets, Settlement Calcs, MODULE 3 UI, Outbound APIs Tue 9/1/15 Tue 10/6/15

Build & Unit Test & FAT Mon 6/29/15 Tue 11/24/15

Module 1 - Bulid, UT/FAT - Core, Workflow, Inbound APIs & Staging, MODULE 1 UI Mon 6/29/15 Mon 8/10/15

Module 2 - Build, UT/FAT - ST/LT Stacking, Gross CPO Calcs, MODULE 2 UI Thu 8/13/15 Thu 10/8/15

Module 3 - Build, UT/FAT - Offsets, Settlement Calcs, MODULE 3 UI, Outbound APIs Wed 10/7/15 Tue 11/24/15

Testing Tue 8/11/15 Wed 1/13/16
Installation & SAT/SIT/FIT Tue 8/11/15 Fri 12/18/15

Module 1 - SAT/SIT/FIT - Core, Workflow, Inbound APIs & Staging, MODULE 1 UI Tue 8/11/15 Tue 9/15/15

Module 2 - SAT/SIT/FIT - Stack, Gross CPO Calcs, MODULE 2 UI Fri 10/9/15 Tue 12/1/15

Module 3 - SAT/SIT/FIT - Offsets, Settlement Calcs, MODULE 3 UI, Outbound APIs Mon 11/30/15 Fri 12/18/15

End-to-End Test / UAT Mon 12/28/15 Wed 1/13/16
Performance Testing Mon 12/28/15 Tue 12/29/15

Go-Live of Credit Stacking System Wed 1/13/16 Fri 1/29/16
Code Freeze Wed 1/13/16 Wed 1/13/16

Production Ready System Fri 1/29/16 Fri 1/29/16

• Note: SPP will re-baseline the schedule at the end of Functional Design; expected delivery of finalized schedule October 9,
2015



Following Implementation

• Calculate past billings and payments
– Short-term requests: Money comes back from T.O.s

– Long-term requests: Customers will be billed

– Money collected distributed to sponsors of upgrades

– Need to account for the differences between estimated 
costs and actual costs

• Start monthly billing
– Changes to billing of Customers of current Long-term 

service

– Distribution of revenue from short-term service

55



SPTF
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Task Force Proposed Process Summary

• Formalize enhancement request process

• Perform initial priority scoring of Revision Requests 
(RRs) and enhancements using standardize scoring 
tool
– Capital projects and enhancements initially scored by 

SPP staff

– RRs initially scored by associated Working Group

• Publish SPP Portfolio Report 
– Content: Projects, RRs, enhancements, defects

– Data included: Priority score, initial cost estimate, target 
implementation date (if known)

57



Proposed Process Summary (cont.)

• Quarterly 

– Publish Portfolio Report of enhancements, RRs, 
projects

– Hold open stakeholder net conference to 
discuss portfolio

– Update Portfolio Report based on stakeholder 
feedback

– Publish updated Portfolio and written summary 
of quarterly meeting for each MOPC meeting

– MOPC review and discussion, as needed
58



Portfolio 
Inputs 
Processed
•Projects, RRs, 
Enhancements

Portfolio 
Report 

Published

Stakeholders 
Send 

Questions/ 
Feedback

Quarterly 
Meeting with 
Stakeholders

Portfolio 
Adjustments

Portfolio 
Published for 

MOPC



Stakeholder Review & Input Meeting

Enhancement 
Request Submission 

Deadline

Quarterly Net 
Conference 

Meeting

MOPC Meeting

January 30 Mid-March April
April 30 Mid-June July
July 30 Mid-September October

October 30 Mid-December January

Cadence/Timeline

MOPC Meeting
10



CMTF
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Load Responsible Entity Purpose
• Current SPP Criteria specifies that a capacity margin 

obligation shall be maintained by a Load Serving Member

• Load Serving Member does not cover all load in the SPP 
Planning Coordinator footprint  

• CMTF proposes a Load Responsible Entity to ensure all load 
served by the Balancing Authority has sufficient capacity

• Responsible LRE may be bound by a contractual agreement 
(Appendix 1 to Attachment AS*) with SPP ensuring 
compliance with the reserve margin requirements

• May be other methods

62* Attachment AS is included in the LRE whitepaper



Load Responsible Entity Definition
• Any entity that is: (i) an Asset Owner with load asset(s) 

registered in the Integrated Marketplace, where such load 
asset(s) is within the metered boundary of the SPP 
Balancing Authority Area; or (ii) a Transmission Customer 
or Network Customer with an obligation to serve retail 
utility load requirements, where such load is 
interconnected with the Transmission System but not 
included within the metered boundary of the SPP 
Balancing Authority Area; or (iii) an entity to which an 
Asset Owner, Transmission Customer, or Network Customer 
has delegated obligations under Attachment AS by mutual 
agreement.
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Load Responsible Entity Reserve Margin Obligation

• The LRE will ensure the obligation for reserve margin 
requirements is met pursuant to requirements to be 
established in the SPP Tariff

• LREs with loads that are pseudo-tied out of SPP and are 
subject to the reserve margin obligations of another 
Balancing Authority shall have that load excluded from this 
requirement, subject to attestation from the LRE and 
confirmation by SPP that the load is being accounted for in 
the applicable reserve margin evaluations of that Balancing 
Authority’s Planning Coordinator

64



CMTF Charter Recommendation
• The Capacity Margin Task Force recommends the MOPC 

extend the duration of the CMTF to July 2016
– The extension and recommendation letter were unanimously 

approved by the CMTF at the June 24th meeting

• MOPC Approved the LSE Whitepaper
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RARTF
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RCAR Remedies Filing

• February 27, 2015 - SPP made a filing to add potential 
remedies to Section III.D of Attachment J that SPP 
could recommend as part of its RCAR process

• Xcel protested the filing, asking the Commission to 
reject the proposed remedies and direct SPP to 
examine whether unintended consequences exist and, 
if so, develop modifications to the existing 
methodology creating inequities can be improved for 
new transmission projects
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RARTF Recommendation

• SPP should not re-file any remedy tariff language at 
this time.

• Staff was directed to create a strawman Business 
Practice that does the following:

(1) Lays the foundation for documenting the remedies;

(2) Clarifies the process to implement a remedy;

(3) Initially focus on remedies 1,2 and 3;

(4) If there is a request for a remedy it comes to the RARTF;

(5) and any change to the remedy business practice would come to 
the RARTF.

68



RCAR II Schedule

• To comply with the SPP Tariff the RCAR II analysis 
needs to be completed by October 2016.

• In order to deliver the RCAR II analysis in July 2016 for 
MOPC and BOD approval the following schedule  
needs to be met by staff and stakeholder working 
groups.

69



RCAR II Milestone Schedule - Summary
Task Name Start Finish Review Period Feedback Cutoff End of Milestone
Address Modeling Issues April ‘15 November ‘15 Multiple Reviews 11/18/15
20-year Resource Plan July ‘15 November ‘15 11/02/15 – 11/09/15 11/09/15 11/18/15
20-year Siting Plan October ‘15 November ‘15 11/02/15 – 11/09/15 11/09/15 11/18/15
Powerflow Model Development October ‘15 December ‘15 11/06/15 – 11/24/15 11/24/15 12/16/15
Economic Model Development November ‘15 March ‘16 02/16/16 – 03/01/16 03/01/16 03/15/16
Constraint Assessment February ‘16 March ‘16 03/03/16 – 03/17/16 03/17/16 03/28/16
Benefit Metrics January ‘16 April ‘16 April ‘16 04/28/16
Remedy Analysis May ‘16 June ‘16 May, June ‘16 06/12/16
Report Development March ‘16 June ‘16 May, June ‘16 06/30/16
Study Concludes July ‘16 Late July, 2016

70
Note: Most review period dates are subject to change based on future WG meeting schedules.



RARTF Recommendation

• MOPC agreed with the RARTF recommendation of 
the following in order to comply with the 
requirements of the tariff:
– Transmission topology updates to the RCAR models 

completed by October 1, 2015

– ESWG and Staff must address load pocket and trapped 
generation issues for the RCAR II analysis by November 
18, 2015

– Member companies should commit the resources 
necessary to maintain this schedule
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STAFF
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Overview

• NERC standard CIP-014-2 will become effective 
October 1, 2015

• Purpose: “To identify and protect Transmission 
stations and Transmission substations, and their 
associated primary control centers, that if rendered 
inoperable or damaged as a result of a physical attack 
could result in instability, uncontrolled separation, or 
Cascading within an Interconnection.”
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Overview (cont.)

• Requirement R2.2
– “The unaffiliated third party verification shall verify the 

Transmission Owner’s risk assessment performed under 
Requirement R1, which may include recommendations 
for the addition or deletion of a Transmission station(s) 
or Transmission substation(s). The Transmission Owner 
shall ensure the verification is completed within 90 
calendar days following the completion of the 
Requirement R1 risk assessment.”
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Background

• RCWG and TWG requested that SPP be available as a 
third party reviewer

• The Third Party Risk Agreement Template was 
approved by the TWG and RCWG 

• Estimates
– ~40 hours per request
– ~7 – 15 third party review requests 

• Transmission Owners (TOs) will be charged per review

• Third party review costs will not be incorporated into 
the SPP admin fee
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Third Party Review

• SPP, acting as a third party reviewer, will validate that 
the TO risk assessment considers the correct 
Transmission stations and substations identified by 
Applicability section 4.1.1

• SPP will verify the results of the TO risk assessment 
performed under R1 of CIP-014-02 by utilizing the TO’s 
assessment methodology

• SPP will recommend additions or deletions of 
Transmission stations or substations
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Stakeholder Review

• Draft Scope provided to TWG and RCWG on June 24th

for comment

• TWG and RCWG held joint net conference on July 6th

for Scope review and approval

• RCWG and TWG Final Scope approval vote by email
– TWG Final Scope review will include all SPP TOs

77



MOPC Review of CIPS Relationships and Reporting 
Communications

• DHS Critical Infrastructure Protection Efforts

• Electric Sector Governance

• Electric Sub-Sector Coordinating Council (ESCC)

• Existing Information-Sharing Mechanisms

• Incident Reporting Mechanisms



Information-Sharing Avenues

• ES-ISAC (NERC)

• NCCIC (DHS)

• US-CERT (DHS)

• ICS-CERT (DHS)

• CRISP (DOE)

• Joint Terrorism Task Forces (FBI)

• Fusion Centers (DHS)

• Private Sector Clearance Program (DHS)

• InfraGard/CyberCop (FBI)



In Conclusion

• While information sharing on cyber and physical 
threats is far from perfect, significant progress has 
been made in the past few years

• The ESCC is committed to improving information flow 
between the Federal Government and the Electric 
Sector

• The ESCC is also committed to making the ES-ISAC as 
effective as possible in sharing information regarding 
threats to the sector

• Individual entities can build effective information 
sharing relationships with local agencies



Consent Agenda
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MWG
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RR9_MPRR165 - Pseudo-Tie Losses Correction
• Background

– Pseudo-Tie Resources should not receive distribution of Real-Time 
Over Collected Losses (OCL) under collection since they could not 
participate in the Day-Ahead Market

– MOPC approved 4/15/2014 and BOD approved 4/29/2014 

– FERC ruled on MPRR212 OCL (ER15-763) which changed the OCL 
design 

 Changed from two OCL amounts (Day-Ahead and Real-Time) to one 
OCL amount 

 Allocation of OCL based on Real-Time withdrawal only

 Pseudo-Tie Resources’ ability to participate in Day-Ahead Market is 
not a factor in the OCL distribution

• MWG recommends RR9_MPRR165 be withdrawn
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RR76 Net Benefits Test Clean-up

• Background 
– Update “EIS Market data” references to “Integrated 

Marketplace data”
 SPP now uses historical Integrated Marketplace data in the 

calculation of the Net Benefits Test

• Working Group Voting Results
– MWG unanimously approved 4/21/2015

– RTWG unanimously approved 4/30/2015

– ORWG approved 5/7/2015

• MWG recommends MOPC approve RR76
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RR101 Real-Time Reg-Up/Down Service Margin 
Correction
• Background 

– Calculation of Real-Time Regulation-Up and Down Service 
Margin has an extra divide by 12 in the Tariff 
 Extra divide by 12 puts determinates into 25 second intervals 

– Remove the extra divide by 12 in the Regulation-Up and 
Down Service Margin so Service Margin will not be 
understated

• Working Group Voting Results
– MWG unanimously approved 6/17/2015

– RTWG approved 6/25/2015

• MWG recommends MOPC approve RR101 
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CTPTF
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CTPTF Meeting 6/23/2015
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• Proposed an alternative to Solution 2 (2A)
– Suggested moving Competitive Project Identification task up in 

process flow to precede Portfolio Selection

– Incumbent TOs would provide Study Estimates for all projects 
determined not eligible for TOSP

– Study Estimates for Competitive Projects developed by SPP and 3rd

party vendor

• Requested of Staff
– Updated process flows with timelines 

– Further impact assessment



Project 
Screening

Conceptual 
Estimates             

(-50/+100%)

Solution 
Submission

Independent 
Study 

Estimates       
(+/-30%)

Portfolio 
Selection

BOD Review

NTC/NTC-C/
RFP Issuance

NPEs/CPEs/
RREs            

  (+/-20%)

  SPP Task

  TO Task
  SPP and/or TO Task

New or Modified Task

WGs  Review/
Summit

ITO Study 
Estimates            
  (+/-30%)

Competitive 
Project 

Identification

Upgrade 
Determination*               

(Eligible for 
TOSP?)

Solution 2A Process Flow
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YES

NO

*Upgrade Determination defined in RR 56 that is currently under review by pertinent working groups 
and is expected to be presented to MOPC in October 2015



Conceptual Estimate 
Development

TWG 
Review

JAN FEB MAR APR MAYSEP OCT NOV DEC

Solution Development

2015 2016

JAN FEB MAR APR MAYSEP OCT NOV DEC

Project Screening

Draft 
Portfolio

Study Estimate 
Development

Stakeholder Review

MOPC 
Review

BOD 
Review

NTC(-C)s 
Issued

NPE/CPE 
Development

  SPP Task

  TO Task Stakeholder Group Task
  SPP and/or TO Task

Project Staging
Rate Impact Assessment

Finalize Portfolio

Upgrade Determination

Finalize Report

Additional 3.5 Weeks

2016 ITPNT Timeline with Solution 2A
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** All Project Schedules 
Subject to Change **



Solution 2A Impacts
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• Since Need Dates will not have been finalized prior to 
portfolio selection, the Short-Term Reliability (STR) criteria 
would be excluded from the Upgrade Determination

– STR projects to be constructed by incumbent TOs would be 
selected based on Study Estimates developed by SPP through 
3rd party

• Governing documents to be reviewed for implementation
– Attachment Y, Section I 

– Business Practices 

– 2016 ITPNT Scope

– 2017 ITP10 Scope



July 1, 2015
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• PCWG unanimously approved Solution 2A process flow, with 
suggested modifications

– Add footnote to further explain phrase Upgrade Determination that 
references pending Business Practice (RR 56)

– Change Upgrade Determination task to a decision point

• CTPTF unanimously approved 2A process flow (as amended by 
PCWG) from a policy standpoint

– Deliver recommendation to MOPC and SPC during July meetings



BALANCED PORTFOLIO UPDATE
Quarterly Project Tracking

92



Overview
• Last project under construction placed into service April 30th

– Iatan – Nashua 345 kV (Transource Missouri)

• Total cost estimate for portfolio did not change for 2nd

consecutive quarter
– Total portfolio cost: $822,220,624

• Final reallocation of Revenue Requirements for deficient 
Zone(s) will be performed once all actual costs have been 
reported
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Cost Summary
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Project 
Owner(s) Project Name In-Service 

Date

Estimated 
Line 

Length

BP Report 
Estimates 
(6/2009)

Q2 2015 Cost 
Estimates

Var. 
%

WFEC/OGE Gracemont Substation 345 kV 10/12/2012 N/A $8,000,000 $15,091,100 88.6%

ITCGP/NPPD Spearville - Post Rock - Axtell 345 kV 12/10/2012 226.9 $236,557,015 $203,776,145 -13.9%

OGE/GRDA Sooner - Cleveland 345 kV 1/31/2013 36.0 $33,530,000 $49,718,139 48.3%

KCPL West Gardner Substation 345 kV 1/31/2013 N/A $2,000,000 $2,866,604 43.3%

OGE Seminole - Muskogee 345 kV 12/31/2013 118.0 $129,000,000 $165,000,000 27.9%

OGE/SPS Tuco – Woodward 345 kV 9/30/2014 290.1 $227,727,500 $320,426,576 40.7%

TSMO Iatan – Nashua 345 kV 4/30/2015 30.9 $54,444,000 $65,342,060 20.0%

Total 701.9 $691,258,515 $822,220,624 18.9%



NPE Development

Reports Approved 
by BOD

NPEs 
Received

NTC-C Issued

MOPC 
Update

CPE Development

NTCs Issued
$157.6 M

$73.6 M
CPEs Due

JAN FEB MAR APR MAY AUG SEP OCT NOV DECJUN JUL

RFP Issued

RFP Response Development
RFP Responses 

Due$17.2 M

STR NTCs Issued

NPE Development

$34.0 M NPEs Due

2015

$282.4 M

2015 ITP10 & ITPNT NTC Timeline
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NPE: NTC Project Estimate
CPE: NTC-C Project Estimate
STR: Short-Term Reliability



Alternate Solutions Proposed 2 $802,075

Withdraw Due to Ownership Issues 1 $842,694

Re-evaluate Needs with New Models 7 $10,876,316

Status of NTCs Issued 
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# of 
Projects

Study Estimate  
(Adjusted for Inflation)

NTCs Issued 40 $157,588,389

Committed Projects 30 $145,067,305

TO Requested Re-evaluation 10 $12,521,084



Alternative Projects Proposed
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CPPXF#22 69 kV Terminal Upgrades

NTC Scope Upgrade breaker and relay(s) at CPPXF#22 69 kV substation.

Considerations
GRDA proposed to construct an entirely new substation as a long-term 
solution.  A valid TOD has been submitted to mitigate the potential 69 
kV overloads in the area.

Need Date

6/1/2015

Staff Recommendation Re-study in 2016 ITPNT

Project Type

Regional Reliability

Cost Allocation

Zonal

Four Corners 69 kV Cap Bank

NTC Scope Install one (1) 14.4-MVAR capacitor bank at Four Corners 69 kV 
substation.

Considerations OG&E proposed that the capacitor bank be placed at the new Hillsdale 
substation.

Need Date

6/1/2015

Staff Recommendation Re-evaluate with new ITPNT models; results in October

Project Type

Regional Reliability

Cost Allocation

Zonal



Withdraw Due to Ownership Issues
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Texas County 115 kV Cap Bank

NTC Scope Install one (1) additional 14.4-MVAR capacitor bank at Texas County 
115 kV substation.

Considerations
The low voltage that necessitated the NTC occurred at a 69 kV bus 
owned by Tri-County Electric Cooperative, which is not under the 
jurisdiction of the SPP Tariff. 

Need Date

6/1/2019

Staff Recommendation Withdraw NTC

Project Type

Regional Reliability

Cost Allocation

Byway



Re-evaluate Needs with New Models
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Harrisonville North - Ralph Green 69 kV Ckt 1 Rebuild

NTC Scope Rebuild 8.8-mile 69 kV line from Harrisonville North to Ralph Green.

Considerations
KPCL GMO recommended the withdrawal of the NTC because 
projected load growth driving need for this upgrade has not 
developed.

Need Date

6/1/2015

Staff Recommendation Re-evaluate with new ITPNT models; results in October

Project Type

Regional Reliability

Cost Allocation

Zonal

Childers, Newport and Boomer 69 kV Cap Banks

NTC Scope
Install one (1) 3.6-MVAR capacitor bank at Childers 69 kV substation. 
Install one (1) 14.4-MVAR capacitor at Boomer 69 kV substation. 
Install one (1) 12-MVAR capacitor bank at Newport 69 kV substation.

Considerations GRDA stated that the need for the projects will be eliminated with 
model corrections to the latest ITPNT model.

Need Date

6/1/2015

Staff Recommendation Re-evaluate with new ITPNT models; results in October

Project Type

Regional Reliability

Cost Allocation

Zonal



Re-evaluate Needs with New Models
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Gracemont - Anadarko 138 kV Ckt 1 Reconductor

NTC Scope Reconductor 5.3-mile 138 kV line from Anadarko to Gracemont.

Considerations NTC issued to OG&E; line owned by WFEC.  Significant topology 
changes in updated ITPNT model in WFEC area. 

Need Date

4/1/2019

Staff Recommendation Restudy in 2016 ITPNT

Project Type

Regional Reliability

Cost Allocation

Byway

Thackerville & Winchester 69 kV Cap Banks

NTC Scope
Install one (1) 3-MVAR capacitor bank at the Thackerville 69 kV 
substation. Install one (1) 5-MVAR capacitor bank at Winchester 69 kV 
substation.

Considerations WFEC stated that changes in updated ITPNT model will negate the 
necessity of both projects.

Need Date

6/1/2019 &        
6/1/2020

Staff Recommendation Restudy in 2016 ITPNT

Project Type

Regional Reliability

Cost Allocation

Zonal



TO-Requested Recommendation Summary
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Project Name Owner Recommendation

Harrisonville North - Ralph Green 69 kV Ckt 1 Rebuild GMO Re-evaluate with new models; results in 
October 2015

CPPXF#22 69 kV Terminal Upgrades GRDA Restudy in 2016 ITPNT

Newport 69 kV Cap Bank GRDA Re-evaluate with new models; results in 
October 2015

Boomer 69 kV Cap Bank GRDA Re-evaluate with new models; results in 
October 2015

Childers 69 kV Cap Bank GRDA Re-evaluate with new models; results in 
October 2015

Four Corners 69 kV Cap Bank OGE Re-evaluate with new models; results in 
October 2015

Texas County 115 kV Cap Bank SPS Withdraw NTC

Gracemont - Anadarko 138 kV Ckt 1 Reconductor WFEC Restudy in 2016 ITPNT

Winchester 69 kV Cap Bank WFEC Restudy in 2016 ITPNT

Thackerville 69 kV Cap Bank WFEC Restudy in 2016 ITPNT



Hobart - Roosevelt Tap - Snyder 69 kV Rebuild (AEP)
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NTC Scope

Rebuild 10-mile 69 kV line from Hobart to Roosevelt Tap. 
Upgrade jumpers, switches, CT ratios, and relay settings at 
Hobart.  Rebuild 18.7-mile 69 kV line from Roosevelt Tap to 
Snyder. Upgrade jumpers, switches, CTs, and relay settings at 
Snyder. 

Source Study

2015 ITPNT

Need Date

6/1/2015

Project Type

Regional Reliability

In-Service Date

6/1/2018

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance % $/Mile Study 
Estimate $/Mile NPE

$14,312,133 $36,017,091 $21,704,958 151.7% $498,688 $1,205,795

Cost Variance Factors

• AEP proposing to construct with 138 kV standards due to likely future conversion, especially considering wind generation 
development in this area; Study Estimate assumes 69 kV
• Additional ROW required (not due to 138 kV construction)

o Acquisition of railway licenses and highway permits
o Portion of line crosses through Mountain Park Wildlife Management Area
o Possible jurisdiction of Great Plains State Park and State Park Service

• Replacing facilities built in the 1940s
o Additional substation work required beyond what is in Study Estimate

• NPE included $6.5 million in contingency

Cost Allocation

Zonal

Location

SE Oklahoma

Staff Recommendation Suspend NTC and re-study in 2016 ITPNT                                                                       
(interim mitigation plan in place)



Mineola - Grand Saline 69 kV Rebuild (AEP)
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NTC Scope

Rebuild 13.8-mile Grand Saline - Mineola 69 kV line, and 
upgrade jumpers, switches, CT ratios and relay settings at both 
substations.

Source Study

2015 ITPNT

Need Date

4/1/2020

Project Type

Regional Reliability

In-Service Date

6/1/2020

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance % $/Mile Study 
Estimate $/Mile NPE

$7,429,561 $22,967,874 $15,538,313 209.1% $530,683 $1,664,339

Cost Variance Factors
• AEP proposing to construct with 138 kV standards due to likely future conversion and the majority of the line already being 
double-circuited on 138 kV structures; Study Estimate assumes 69 kV
• Very complex line rebuild

o 7 miles of line on existing double-circuit structures
o 4 miles of underbuild

• Replacing older facilities
o Additional substation work required beyond what is in Study Estimate

• NPE included $2.8 million in contingency

Cost Allocation

Zonal

Location

NE Texas

Staff Recommendation Suspend NTC and re-study in 2016 ITPNT



Linwood - South Shreveport 138 kV Rebuild (AEP)
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NTC Scope

Rebuild 2.4-mile 138 kV line from Linwood to South 
Shreveport.   Upgrade jumpers at Linwood.

Source Study

2015 ITPNT

Need Date

6/1/2017

Project Type

Regional Reliability

In-Service Date

6/1/2018

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance % $/Mile Study 
Estimate $/Mile NPE

$3,494,924 $7,062,332 $3,567,408 102.1% $1,444,183 $2,918,319

Cost Variance Factors

• Urban construction near neighborhoods
• Wet weather driving up contingency costs ($860 K)
• Replacing older facilities

o Additional substation work required beyond what is in Study Estimate

Cost Allocation

Byway

Location

NW Louisiana

Staff Recommendation Suspend NTC and re-study in 2016 ITPNT



Labette - Neosho SES 69 kV Rebuild (Westar)
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NTC Scope

Rebuild 4.6-mile 69 kV line from Labette to Neosho SES.

Source Study

2015 ITPNT

Need Date

6/1/2019

Project Type

Regional Reliability

In-Service Date

6/1/2019

Cost Information

Study Estimate                           
(Adjusted for Inflation)

NPE Variance Variance % $/Mile Study 
Estimate $/Mile NPE

$2,105,704 $6,088,561 $3,982,857 189.1% $457,762 $1,006,788

Cost Variance Factors

• Length of line corrected in NPE and models to 6.0 miles instead of 4.6. 
• Additional ROW costs expected by Westar ($500 K)
• NPE included $1.3 million in contingency
• Scope discrepancy (monopole vs. H-frame construction and conductor size difference)

Cost Allocation

Zonal

Location

SE Kansas

Staff Recommendation Suspend NTC and re-study in 2016 ITPNT



Mingo and Ruleton 115 kV Cap Banks
• Sunflower Electric Power Corporation (SEPC) requested a re-

evaluation of the Mingo and Ruleton 115 kV capacitor bank 
projects as part of 2015 ITPNT
- Staff determined that the addition of a second 345/115 kV 

transformer at Mingo eliminated the need(s) for capacitor banks

• Staff elected to wait until NTC for Mingo 345/115 kV Ckt 2 
Transformer project was issued and accepted by SEPC before 
recommending withdrawal of NTCs for capacitor banks

• TWG approved NTC withdrawal on 6/19
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Recommendation Summary
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Project Source Study Need Date Latest Cost 
Estimate Recommendation

Mingo 115 kV Capacitor Bank 2014 ITPNT 6/1/2016 $4,812,363 Withdraw NTC

Ruleton 115 kV Capacitor Bank 2014 ITPNT 6/1/2014 $2,791,167 Withdraw NTC



Background

• South Waverly 161/69 kV transformer selected in the 
2015 ITPNT assessment

• Need date of 6/1/2015
• Estimated E&C cost of $1,355,978
• For transformers, low side voltages are used for cost 

allocation
• Attachment J, Section III waiver provision allows for 

cost allocation based on high side voltage of 
transformers in specific cases

• KCPL submitted a waiver requesting cost allocation 
based on the high side voltage
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Timeline

4/21/2015 - 8/19/2015
120 days to

 recommend action

1/1/2015 12/31/2015

2/1/2015 3/1/2015 4/1/2015 5/1/2015 6/1/2015 7/1/2015 8/1/2015 9/1/2015 10/1/2015 11/1/2015 12/1/2015

1/27/2015 - 7/26/2015
180 days to submit waiver request

4/21/2015
KCPL submitted 
waiver request

1/27/2015
2015 STEP approved by 
SPP Board of Directors

7/14/2015
MOPC meeting

7/28/2015
Board of Directors 

meeting

8/19/2015
Deadline to Recommend 

Board action

South Waverly 161/69 kV Transformer Waiver request timeline

6/19/2015
TWG voted to not approve

the waiver request



• “SPP, in the ITPNT, identified six unique reliability 
overload needs for the South Waverly transformer 
upgrade for two monitored elements. Of the six unique 
needs identified, two are located wholly within the 
Kansas City Power & Light - Greater Missouri 
Operations (GMO) zone. Because more than one zone 
benefits from the upgrade, KCP&L is seeking waiver of 
the requirement for the host zone to bear the entire 
cost of the project”.
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KCPL Waiver Request



South Waverly area

113



• Attachment J, Section III
– Any waiver request submitted shall be evaluated based 

upon the following general factors, including but not 
limited to: 

 (i) whether the power flows through the transformer 
predominately are from the lower voltage to the higher 
voltage; 

 (ii) whether the transformer is not necessary for the 
support of, or does not substantially benefit, the lower 
voltage system in the host zone to which it is connected. 
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What Does the Tariff Say?



• Directional flow on transformer
– Staff analyzed the associated 2015 ITPNT models to 

determine the direction of power flow on the South 
Waverly transformer for each need addressed by the 
South Waverly 161/69 kV transformer upgrade 

• Underlying system support
– SPP staff reviewed the 2015 ITPNT analysis to assess the 

support of the transformer upgrade based on percent % 
loading relief for each zone (KCPL and GMO)
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Staff Analysis



Direction of power flow on South Waverly 161/69 kV transformer
2015 ITPNT Models

Contingency 15S S5 16S S5 20S S5
Base Case HighLow HighLow HighLow
Lexington – Lexington 69 kV Ckt 1 HighLow HighLow --
Lexington 161/69 kV Transformer Ckt 1 HighLow HighLow --
Amoco Pipeline – Mayview Tap 69 kV Ckt 1 HighLow HighLow HighLow
Amoco Pipeline – West Higginsville 69 kV Ckt 1 HighLow HighLow HighLow
City of Higginsville – West Higginsville 69 kV Ckt 1 HighLow HighLow HighLow
Higginsville – West Higginsville 69 kV Ckt 1 HighLow HighLow HighLow
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Results

• Directional flow on transformer
– Staff concluded that power flows from the high side to the 

low side for each need
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Results (cont.)
• Underlying system support

– The GMO zone had an 8% benefit

– The KCPL zone had a 75% - 91% benefit

– Staff concluded that the Percent Loading Relief in the KCPL 
zone is substantial compared to the GMO zone and that 
KCPL received the bulk of the benefits



– Neither criteria requirement was met

Attachment J, Section III
 (i) whether the power flows through the transformer 

predominately are from the lower voltage to the higher 
voltage; 

 (ii) whether the transformer is not necessary for the 
support of, or does not substantially benefit, the lower 
voltage system in the host zone to which it is connected. 
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Tariff criteria requirements

x

x



Stakeholder Review

• TWG
– Denied KCPL’s South Waverly Transformer waiver 

request
• CAWG 

– Review on July 7, 2015
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• Staff recommends the MOPC recommend to the SPP 
Board of Directors denial of KCPL’s classification waiver 
request to use the 161 kV higher voltage level of the 
South Waverly 161/69 kV transformer for cost 
allocation purposes 

120

Recommendation
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Revision Request Recommendation Report 

RR #: 91 Date: 05/15/2015 

RR Title: Annual Allocation Percent Change 

SUBMITTER INFORMATION 

Name: Charles Cates Company: Southwest Power Pool 

Email: ccates@spp.org Phone: (501) 614-3351 

OBJECTIVE OF REVISION 

Current market design allows discrepancy between the forecasted system capacity allocated in the Annual Transmission Congestion 
Rights process and the capacity available during the monthly TCR processes. This discrepancy can result in underfunding. 

Describe the benefits that will be realized from this revision. 

This revision will increase the accuracy between forecasted system capacity allocated in the Annual Transmission Congestion 
Rights process and capacity available during monthly TCR processes. This change should result in higher funding percentages, 
allowing participants to more accurately value their TCRs. 

 

EXECUTIVE SUMMARY OF RECOMMENDATION 
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This Revision Request corrects a discrepancy between forecasted system capacity allocated in the Annual Transmission Congestion 
Rights process and the capacity available during the monthly TCR processes.  This discrepancy may result in underfunding.    

By original design, ARRs were designed to only be allocated in the annual process, hence the full system capacity was allocated; 
only new entitlements were offered in the monthly allocation.  FERC required the monthly process be available to all existing 
candidate ARRs (see MCRR 6) yet updates to the full Annual Allocation were not made after the FERC filing. 

Issues with Current Design include the following: 

– ARRs allocated with 100% of system capacity 

– TCRs primarily awarded with 60-90% system capacity  

– Annual ARRs not feasible due to less available capacity  are carried forward to monthly processes 

– Many of these previously infeasible Annual ARRs are still infeasible in the Monthly Process  

– Infeasible capacity held by these ARRs is guaranteed through limit expansion 

– Infeasible capacity will either go to ARR holder as an ARR Self Convert or another TCR auction participant  

RR91 proposes to address the above mentioned issues through the following process improvements: 

– Change Annual ARR Allocation system capacity to match Annual TCR Auction 

– June 100%, July-September 90%, and Seasons 60% 

– Settle all Annual ARRs and/or self-convert during the Annual process 

– No ARRs carried forward 

– Limit expansion in the monthly models reduced 

– Infeasible TCRs reduced 

– All residual capacity will still be allocated and auctioned in monthly processes 

The MMU filed comments on 5/18/2015 in support of RR91 with June 100%, July-September 90%, and Seasons 60% for the 
Annual ARR Allocation, noting that this is the 1st step in right direction for solving chronic underfunding. 

MOPC recommends approval of RR91 with a change to the Annual ARR Allocation system capacity percentage.  MOPC proposes 
that 80% be used instead of 60% for the Seasons system capacity percentage.  The proposed Annual ARR Allocation system 
capacity percentages are June 100%, July-September 90%, and Seasons 80%. 

Requested Action: Board of Directors approve Revision Request 91as modified by MOPC.   

IMPACT ANALYSIS REQUIRED:   Yes      No 

Estimated Cost: $113,810 
Cost is a rough order of magnitude estimate, approx. +/-50% 

Estimated Duration: 6 months 
Duration is a rough order of magnitude estimate, approx. +/-50% 

Priority Rank for System Change:       1 – Critical       2 – High       3 – Medium       4 – Low  

SPP DOCUMENTS IMPACTED 

  Market Protocols Protocol Section(s): 3.2, 5.3, 5.3.1, 
5.3.2, 5.3.3, 5.3.4 Protocol Version: 29.a 

  Criteria Criteria Section(s):       Criteria Date:       
  Tariff (OATT) Tariff Section(s): Attachment AE; 7.2, 7.3.2 
  Business Practice Business Practice Number:       

WORKING GROUP REVIEWS AND RECOMMENDATIONS 
List Primary and any Secondary/Impacted WG Recommendations as appropriate 
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Primary Working Group: MWG 

 

Date: 6/16/2015 

Vote: Approve SPP comments from 5-29-2015 

Abstained: LES, OMPA 

Opposed: AEP, CUS, NPPD, OPPD, Xcel 

Date: 6/29/2015 

Vote: Approve Impact Assessment 

Abstained: NA 

Opposed: Xcel, CUS, LES, OPPD and NPPD 

Date: 7/22/2015 

Vote: Unanimously approved revised RR91language as reflecting the MOPC changes to the 
RR 

Abstained: NA 

Opposed: NA 

Date: 8/18/2015 

Vote: Unanimously approved RTWG comments as modified by the MWG 

Abstained: NA 

Opposed: NA 

Date: 9/15/2015 

Vote: Unanimously approved RTWG modifications 

Abstained: NA 

Opposed: NA 

Reason for Opposition: NPPD 

RR 91 concern was with uplift charges for TCR’s we have seen in the first year of the SPP IM. SPP did not provide any studies or 
modeling that verified the SPP Recommendation. SPP did state the current method has infeasible TCR’s and the there will always 
be an uplift. NPPD has a concern that areas of higher congestion in which NPPD has in multiple areas that we will not get the 
ARR/TCR’s needed and this process will allow others to get these ARR/TCR’s that NPPD could not get with the new process. 
NPPD was looking as per comments by CU of getting a second round included that give the owners of the ARR another chance of 
getting what they needed before Round 3 where everyone gets an opportunity. However this ended up not being included by the 
MWG Group. 
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Secondary Working Group: 
RTWG 

 

Date: 6/25/2015 

Vote: Approved 

Abstained: MJMEUC 

Opposed: AEP, OPPD, Xcel, NPPD 

Date: 7/23/2015 

Vote: Unanimously approved MWG language that included the MOPC changes with RTWG 
modifications. 

Abstained: NA 

Opposed: NA 

Date:  8/27/2015 

Vote:  Unanimously approved with modifications. 

Abstained:  NA 

Opposed:  NA 

Reasons for Opposition: None Provided 

 

MOPC Date: 07/14/2015 

Vote: Approved with modifications 

Abstained: WAPA, Transource Energy, Transource Missouri, Flat Ridge 2 Wind Energy, 
Dogwood Energy, Calpine, Kansas Electric Power Coop, Midwest Gen, LLC 

Opposed: ITC, Empire District, Entergy Asst Mgmt, OPPD, Flat Ridge 2, NTEC, AECC, 
ETEC, TEXLA 

Reasons for Opposition: 

ITC:  ITC voted no because the originally worded RR would better address the issue than the number that was passed.  

AECC: This is in follow-up to the July 14-15 SPP MOPC meeting in Kansas City, specifically concerning AECC’s no vote on 
RR91 Annual Allocation Percent Change, as amended by the MOPC.  The original recommendation was to change the annual ARR 
allocation system capacity to match the annual TCR auction, that is June 100%, July-September 90%, and Seasons 60%.  The 
MOPC amended the 60% to be 80% for the other Seasons.  AECC agrees that the RR as passed is an incremental improvement to 
the TCR underfunding situation, but voted no as it finds it desirable to also keep the system capacity percentage the same between 
like ARR and TCR periods (i.e., other Seasons percentage should be the same for both the ARR allocation and the TCR auction.) 
 

 

BOD/Member Committee:  

 

Date: 7/28/2015 

Vote: Approved 

Abstained: Dogwood Energy, WAPA 

 

COMMENTS 

Comment Author: Charles Cates (SPP) 

Description of Comments: SPP updated to include section 5.7 and to make additional edits 

Status: Reviewed by MWG  
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Comment Author: Jason Robison (MMU) 

Description of Comments: The MMU sees RR91 as the first step in the right direction for solving the chronic underfunding in the 
SPP TCR Market and fully supports it. Additionally, the MMU looks forward to future RRs which will further balance TCR 
funding. 

Status: Reviewed by MWG 

Comment Author: Charles Cates (SPP) 

Description of Comments: SPP proposes the following updates to RR91 – which are highlighted in green in the RR language below:  

• Section 3.2: under the heading of “Key features of the monthly TCR auction”, removed language related to “remaining 
ARRs” from the Annual ARR Allocation because that is language is no longer applicable given the proposed design changes 
of this RR91. 

• Sections 5.6 and 5.6.2 (Monthly TCR Auction Process) and Section 5.5.3 (Simultaneous Feasibility): removed language that 
mentions or is related to the handling of remaining ARRs because that is language is no longer applicable given the proposed 
design changes of this RR. 

• SPP Tariff – Attachment AE – Sections 7.4, 7.4.2, 7.5.4, 7.4.6: Added additional proposed language changes needed in the 
Tariff for the Monthly TCR process and the ARR/TCR settlements to support the proposed Protocol changes in this RR91. 

Status: Reviewed by MWG 

Comment Author: Kevin Galke (CUS) 

Description of Comments: With the RR91 observing reduced capacity in the Annual ARR allocation process, we would like to see 
Round 3-type ARR nominations in the Monthly process, where Eligible Entities are allowed to nominate paths that are outside of the 
Candidate ARR list such that the process ensures Eligible Entities have the first rights on the transmission capacities, which are not 
made available in the Annual process, before they are made available in the Monthly Auctions. 

Status: Reviewed by MWG 

Comment Author: Cliff Franklin (Westar) 

Description of Comments: Westar supports RR91 as a first step in solving some of the underfunding and over allocation of ARR 
issues in the SPP ARR/TCR processes.   RR91 correctly holds back seasonal ARR capacity during the Annual ARR allocation process 
in order to match the TCR capacity made available in the TCR Annual Auction. 

Beyond the RR91 “Annual Allocation Percent Change”, Westar strongly believes other changes are needed to ensure both hedging 
equity among Market Participants with approved firm transmission service and prevention of TCR underfunding.  Westar believes 
the following issues need to be addressed by MWG and Westar may submit future RRs that attempts to more equitably treat LSE 
congestion hedging concerns, such as follows. 

1. Seasonal ARR Nominations should be limited to an LSEs seasonal peak and operating reserve requirement to hedge 
congestion between resources and load. 

2. The Least Squares ARR allocation methodology (which singularly maximizes ARR path MWs) needs to be modified to 
more equitably balance ARR allocation maximization with other important objectives, such as LSEs firm path hedging 
requirements contributing to highly constrained generation to load (GTL) paths. 

3. SPP needs to reformulate both ARR and TCR over collection distribution to more equitably allocate surpluses to LSEs that 
don’t fully clear/hedge congestion to their peak load and reserve obligations.  LSEs which fully clear/hedge their congestion 
up to seasonal peak and reserve don’t require distribution of over collected ARR/TCR revenues.   

4. SPP needs to formulate transmission outage submission incentives to more equitably allocate more TCR/ARR underfunding 
to transmission owners that submit outages not captured by annual and monthly ARR allocations and allocate less to 
transmission owners that submit outages captured in annual and monthly ARR/TCR models.  Only scheduled outages should 
be considered in formulating ARR/TCR underfunding allocation incentives/disincentives. 
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Status: Reviewed by MWG 

Comment Author: Seth Cochran (DC Energy) 

Description of Comments: DC Energy appreciates the opportunity to comment on RR 91. We support the proposed revisions to 
reduce the Annual ARR Allocations in order to reduce the amount of infeasible ARRs. These infeasible ARRs are subject to limit 
expansions in the monthly simultaneously feasibility test process in order to accommodate the oversold condition. The overselling 
translates to underfunded TCRs as insufficient day-ahead rents are collected to fully fund positions on the constraint. DC Energy 
believes this is an important first step to address low TCR funding levels in SPP; however we would also note that further reductions 
to ARR Allocations and Annual TCR auctioned capacity might be warranted. As evidenced by the need for limit expansions, the 
current rules are leaving the monthly network models with little to no capacity on certain constraints to absorb potential topology 
changes between the annual and monthly processes, e.g. late arriving planned transmission outages. ERCOT and California ISO only 
allocate and auction Congestion Revenue Rights up to 60 and 75 percent of the network leading up to the monthly offerings 
respectively. This provides an RTO/ISO with the necessary cushion to better fund target payments. In addition, to RR91 DC Energy 
strongly believes that the root causes of underfunded TCRs need to be addressed. Specifically, SPP staff has noted (see SPP’s April 
2015 TCR quarterly update) that high impact planned transmission outages submitted after the monthly TCR model build process 
have led to underfunding. Although SPP has not quantified the exact dollar contribution (due to complexities with rerunning a market 
with new inputs) they have noted it is a significant contributor. It is important to note that the lack of an exact quantification should 
not be used as reason to suggest that no improvement is needed. This enhancement and potentially others, which would increase the 
fidelity of the TCR network models, should be seriously considered. That said, efforts to address the root causes do not preclude the 
need for the auction capacity cushion provided in RR91, as it is commonly understood that some degree of difference will always 
persist between models developed in annual and monthly processes. 

Status: Reviewed by MWG 

Comment Author: Amber Metzker (Xcel Energy Service Inc.) 

Description of Comments:  Xcel understands and fully appreciates the effort to improve TCR underfunding which is an important 
issue.  Our continued opposition to this RR is due to the importance of the other items SPP is working on to correct the underfunding 
issue; parallel flow assumptions, transmission outage scheduling, temporary and permanent flowgate modeling changes, and Market 
to Market dispatch going into place in March of 2015.  We feel that the other efforts SPP is working on are taking the correct actions 
to assist in the underfunding issue and fear the addition of the transmission system capability limitations during the Annual ARR 
Allocation process of 60% during the Fall, Winter, and Spring is too stringent of a change. 

 

SPS (XES) would like to recommend the language submitted in Xcel’s 7/1/2015 comment form as a first step to changing the Annual 
ARR Allocation process, with SPP staff continuing efforts to work on Parallel Flow Assumptions, transmission outage scheduling, 
temporary and permanent flowgate modeling practices, and continued improvement to the Market to Market modeling within the 
Simultaneous feasibility test. 

 

Status: Not yet reviewed by MWG 

 
Comment Author: Micha Bailey on behalf of MOPC 
 
Description of Comments:  Per the MOPC motion on 7/15/2015 [paraphrased] to approve RR91 as modified to change the ARR 
Allocation percentage from 60% to 80% for the Fall, Winter, and Spring seasons, and with direction to SPP Staff to edit additional 
Protocol and Tariff language as needed to conform to the percentage change.  

Status: Reviewed 

 
Comment Author: Micha Bailey on behalf of MWG 
 
Description of Comments:  MWG review the language and made some more changes in the structure of the language. MWG did 
not change content from the MOPC.  
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Status: Reviewed 

 
Comment Author: Brenda Fricano on behalf of RTWG 
 
Description of Comments:  RTWG made clarification language changes to the Tariff language. RWTG did not change content 
from the MOPC.   

Status: Reviewed by MWG 

 

Comment Author: Micha Bailey on behalf of MWG 

Description of Comments: MWG added “of ARR Award” to Attachment AE Section 7.4.2. 

Status: Reviewed  

Comment Author: Brenda Fricano on behalf of RTWG 

Description of Comments:  RTWG made clarification language changes to the Tariff language. RTWG added the following 
language in Attachment AE, Section 7.4.2.(i)(a) - ARR Award multiplied by the quantity of -   RWTG did not change 
content from the MOPC.   

Status: Not reviewed by MWG 

PROPOSED REVISION(S) TO SPP DOCUMENTS 

Market Protocols 

3.2 Transmission Congestion Rights Markets 

The structure of the TCR Markets includes annual nomination and allocation of Long-Term Congestion 
Rights (LTCRs) to Eligible Entities, allocation of Incremental Long-Term Congestion Rights (ILTCRs) 
and annual and monthly nomination and allocation of Auction Revenue Rights (ARRs) to Eligible Entities 
followed by annual and monthly TCR Auctions.  Eligible Entities for ARRs include Transmission 
Customers with firm SPP transmission service and entities with firm non-SPP transmission service 
(commonly referred to as a “grandfathered agreement or GFA”) into, out of, within or through the SPP 
Region that have identified such service during the annual LTCR/ ILTCR/ARR verification process.  
Eligible Entities for LTCRs include Transmission Customers with qualifying firm SPP transmission 
service and entities with qualifying firm non-SPP transmission service (commonly referred to as a 
“grandfathered agreement or GFA”) into, out of, within and through the SPP Region that have identified 
such qualifying service during the annual LTCR/ ILTCR/ARR verification process.  Entities with firm 
non-SPP transmission service (GFA) must agree between the parties as to which party is eligible to 
nominate LTCRs and/or ARRs.  Additionally, Eligible Entities may request NITS, GFA NITS, FPTP 
and/or GFA FPTP Candidate ARRs for firm transmission service confirmed following completion of the 
annual TCR auction.   

Key features of the annual LTCR allocation process include: 
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(1) Eligible Entities are awarded LTCRs that apply to the entire TCR year.  Holders of candidate 
ILTCRs are awarded ILTCRs that apply to the entire TCR year.  Load Serving Entities (LSEs) are 
awarded LTCRs prior to consideration of LTCR awards for Eligible Entities that are not LSEs and 
ILTCR awards.  Candidate LTCRs are only associated with eligible long-term firm transmission 
service with rollover rights.  Candidate  ILTCRs are only associated with upgrades that have been 
placed in-service; 

(2)  Nominated candidate LTCRs and nominated candidate ILTCRs are modeled in order to determine 
simultaneous feasibility of the candidate LTCRs and candidate ILTCR.  LTCRs and ILTCRs are 
only awarded up to the amount of simultaneously feasible Candidate LTCRs and ILTCRs; 

(a) Candidate LTCRs and candidate ILTCRs are evaluated for simultaneous feasibility for 
flows in the prevailing direction only with no simultaneous consideration of LTCR flows 
and ILTCRs flows in the opposite direction (i.e. counterflow is not considered in the 
feasibility analysis); 

(b) 50% of the SPP transmission system capability is available for allocation;  

(3) Awarded LTCRs and ILTCRs are of the obligation type which means that the TCRs associated 
with the awarded LTCR could result in a payment or charge to the TCR holder in the Day-Ahead 
Market settlement of TCRs; 

(a) Once awarded, the awarded LTCRs are guaranteed in subsequent years as long as the 
associated long-term firm SPP transmission service reservation remains in effect; 

(b) Once awarded, the awarded ILTCRs are guaranteed in subsequent years; 

(c) Awarded LTCRs and awarded ILTCRs may be surrendered in subsequent years at the 
Market Participant's request; 

(4) Awarded LTCRs and awarded ILTCRs are directly converted to TCRs prior to the annual ARR 
allocation for the current allocation year. 

Key features of the annual ARR allocation process include: 

(1) Eligible Entities nominate candidate ARRs separately for On-Peak and Off-Peak periods each 
month and season of the annual period in a three-round process; 

(2) Nominated candidate ARRs are awarded up to the amount that is simultaneously feasible; 

(3) The SPP Transmission System capability available for the allocation is equal to the following 
percentages: (i) June – 100%; (ii) July through September – 90%; and (iii) Fall, Winter, Spring – 
80%. 

(3) 100% of the SPP transmission system capability is available for allocation; 

(a) All awarded LTCRs are directly converted to TCRs and are accounted for prior to assessing 
nominated ARR feasibility; 
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(b) Awarded ARRs are of the obligation type which means that the awarded ARR could result 
in a payment or charge to the ARR holder.   

(4) Holders of ARRs receive positive or negative revenue resulting from the annual and monthly TCR 
auctions, including those ARRs that were self-converted to TCRs.     Positive auction revenue 
results when the sink Auction Clearing Price (ACP) is greater than the source ACP for a given 
ARR.  Negative revenue results when the sink ACP is less than the source ACP, in other words, a 
counterflow ARR.  

(a) For the annual TCR auction, the amount of ARRs eligible to receive auction revenues is 
equal to the greater of (i) ARRs self-converted to TCRs or (ii) the ARRs awarded 
multiplied by the fraction of auction available Transmission System capability percentage 
(June – 100%; July through September – 90%; and Fall, Winter, Spring – 60%) divided by 
allocation available Transmission System capability percentage (June – 100%; July 
through September – 90%; and Fall, Winter, Spring – 80%). 

(a) For the annual TCR auction, the amount of ARRs eligible to receive auction revenues is 
equal to the greater of ARRs self-converted to TCRs or the amount of ARRs awarded 
multiplied by the following percentages:   June – 100%; July through September, 90%; and 
Fall, Winter, Spring – 60%. 

(b) For the monthly TCR auctions for the months of July through September, the amount of 
ARRs eligible to receive auction revenues is equal to the amount of ARRs awarded in the 
monthly ARR allocation process. plus: the lesser of (i) 10% of the annual ARR award or 
(ii) the difference between the annual ARR award and the amount of self-converted TCRs 
in the annual TCR auction; 

For the monthly TCR auction for the months of October through May, the amount of ARRs 
eligible to receive auction revenues is equal to the amount of ARRs awarded in the monthly 
ARR allocation process plus: the lesser of (i) 40% of the annual ARR award or (ii) the 
difference between the annual ARR award and the amount of self-converted TCRs in the 
annual TCR auction. 

(a)(b) For the monthly TCR auction, the amount of ARRs eligible to receive auction 
revenues is equal to the amount of ARRs awarded in the monthly ARR allocation process 
plus: any ARRs allocated in the Annual ARR Allocation process that have not been settled 
in accordance with Section 5.7.   

Key features of the annual TCR auction include: 

(1) Any Market Participant that meets the applicable credit requirements may submit TCR Bids to 
purchase and/or TCR Offers to sell separately for On-Peak and Off-Peak periods in the annual 
TCR auction for each month and season in the annual period; 
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(a) TCRs directly converted from LTCRs  may be offered for sale in the annual or monthly 
TCR auction process; 

(2) TCRs are of the obligation type which means that the awarded TCR could result in a payment or 
charge to the TCR holder in the DA Market settlement; 

(3) The annual TCR auction is a single round process for the month of June that makes 100% of the 
available  SPP transmission system capability available, is a single round process for the months 
of July, August and September that makes 90% of the available SPP transmission system capability 
available and is a single round process for the Fall, Winter and Spring seasons that makes 60% of 
the available SPP transmission system capability available; 

(4) Market Participants who have TCR bids cleared in the annual TCR auction will be charged (or get 
paid in the case of a counter-flow TCR) based on the amount of TCR MWs cleared and the annual 
TCR auction clearing prices associated with the source and sink of the purchased TCR;  

(5) Market Participants who have TCR offers cleared in the annual TCR auction will be paid (or get 
charged in the case of a counter-flow TCR) based on the amount of TCR MWs cleared and the 
annual TCR auction clearing prices associated with the source and sink of the TCR sold;  

(6) Market Participants holding ARRs may self-convert their ARRs into TCRs for the applicable 
period subject to simultaneous feasibility.  TCRs from self-converted ARRs are included as 
awarded TCRs. 

Key features of the monthly ARR allocation include: 

(1) SPP verifies new firm transmission service reservations and performs a monthly ARR allocation 
process beginning five days prior to the applicable monthly TCR auction process.   

(a) Eligible Entities may nominate candidate ARRs from their verified NITS Candidate ARRs 
not to exceed the difference between their NITS ARR Nomination Cap and those ARRs 
awarded in the annual ARR allocation process; 

(b) Eligible Entities may nominate candidate ARRs from their verified FPTP Candidate ARRs 
not to exceed the difference between their FPTP Nomination Cap and those ARRs awarded 
in the annual ARR allocation processes; 

(c) Eligible Entities may nominate candidate ARRs from their verified GFA NITS Candidate 
ARRs not to exceed the difference between their GFA NITS Nomination Cap and those 
ARRs awarded in the annual ARR allocation process; 

(d) Eligible Entities may nominate candidate ARRs from their verified GFA FPTP Candidate 
ARRs not to exceed the difference between their GFA FPTP Nomination Cap and those 
ARRs awarded in the annual ARR allocation process; 

(e) Nominated candidate ARRs are awarded up to the amount that is simultaneously feasible; 
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(f) All TCRs previously awarded in the Annual TCR Auction Process and all remaining ARRs 
not accounted for in the Annual TCR Auction Process for the applicable month are 
modeled as fixed injections at the specified sources and fixed withdrawals at the specified 
sinks prior to assessing nominated candidate ARR feasibility. 

(2) Awarded ARRs are of the obligation type which means that the awarded ARR could result in a 
payment or charge to the ARR holder; and 

(3) 100% of the SPP transmission system capability is available for allocation. 

Key features of the monthly TCR auction include: 

(1) The monthly TCR auction process allows any Market Participants that have met the applicable 
credit requirements to submit TCR Bids to purchase additional TCRs or TCR Offers to sell 
currently held TCRs in a single-round process for the months of July, August and September and 
in a two-round process for the months of October through May;   

(2) 100% of the SPP transmission system capability is made available; and  

(3) Market Participants may self-convert their remaining ARRs (including ARRs remaining from the 
annual TCR auction process and ARRs awarded in the monthly ARR allocation process) into 
TCRs for the applicable period subject to simultaneous feasibility. 

Exhibit 3-3 provides an overview of the TCR Markets structure. 
 
The TCR Markets are operated in parallel with the timeline depicted in Exhibit 3-2 to ensure the Market 
Participants are able to obtain TCRs prior to DA Market operation.  A representative timeline for the TCR 
Market processes is shown in Exhibit 3-4.  

… 
 

5.3 Annual ARR Allocation Process 

The Annual ARR Allocation Process addresses how candidate ARRs verified in the Annual LTCR/ 
ILTCR/ARR Verification Process may be nominated and converted to ARRs.  Eligible Entities may 
nominate the candidate ARRs that they wish to receive up to their Nomination Caps less any LTCRs 
awarded plus any LTCRs surrendered.  Any candidate LTCRs not awarded in the Annual LTCR 
Allocation Process and surrendered LTCRs become candidate ARRs.  Candidate ILTCRs which were not 
awarded and surrendered ILTCRs are not eligible to receive candidate ARRs.   

(1) The annual allocation process determines the portion of the nominated candidate ARRs that are 
simultaneously feasible to allocate to each Eligible Entity.  100% of the The following percentages 
of the SPP Residual Transmission System Capability, as defined under Section 5.1, isare made 
available during the Annual ARR Allocation Process: (i) June – 100%; (ii) July through September 
– 90%; and (iii) Fall, Winter, Spring – 80%.  Candidate ARRs are nominated on a monthly  (June, 
July, August and September) and seasonal basis  (Fall, Winter and Spring) in a three-round process.  
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No later than five (5) Business Days prior to the start of the Annual ARR Allocation Process, SPP 
will post the transmission system network topology data for each of the monthly and seasonal on-
peak and off-peak models, along with corresponding Parallel Flow, prohibited collocated and 
electrically equivalent Settlement Location pairs, and transmission line outage assumptions, that 
SPP will use in the upcoming allocation process for use by Eligible Entities in developing their 
candidate ARR nomination strategies.  Exhibit 5-3 provides a representative timeline of the three-
round annual ARR allocation process.  

(2) In addition to the Annual ARR Allocation Process, a Transmission Owner may request that a 
Transitional ARR Allocation Process be conducted to the extent that the Transmission Owner is 
incorporating existing transmission facilities into the SPP Transmission System under the Tariff 
and the timing of such incorporation does not allow participation in the Annual ARR Allocation 
Process.   

(a) Only Eligible Entities with firm transmission service associated with such transmission 
facilities as verified by SPP using the process described under Section 5.1.1 will be eligible 
for candidate ARRs.   

(b) SPP will only conduct a Transitional ARR Allocation Process if the requested ARR 
allocations include at least the Winter and Spring periods.  Additional periods requested 
must align with the existing Annual ARR periods.  Otherwise, impacted Eligible Entities 
must obtain ARRs in the Monthly ARR Allocation Process.    

… 
 

5.3.3 Simultaneous Feasibility 

A simultaneous feasibility test (SFT) is performed in each round to ensure that the nominated candidate 
ARRs, with nominated candidate ARR MW modeled as generation injection at the source and a 
corresponding load withdrawal at the sink, do not violate any normal transmission line thermal ratings 
under normal system conditions and do not violate short-term Emergency transmission line thermal ratings 
following a single contingency (N-1 contingency analysis).  The SFT is performed consistent with the 
transmission system loading analysis that is performed as part the Security Constrained Economic 
Dispatch process in the DA Market and includes consideration of the impact of Parallel Flow.  100% of 
the The following percentages of the SPP Residual Transmission System Capability, as defined under 
Section 5.2.2(2), is are made available during the analysis: (i) June – 100%; (ii) July through September 
– 90%; and (iii) Fall, Winter, Spring – 80%. 

(1) The SPP Transmission System topology used in the SFT is the most up-to-date Network Model 
for all allocation periods, updated for planned maintenance outages. 
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(a) For withdrawals at Settlement Locations containing more than one PNode, SPP will 
distribute the Settlement Location withdrawal down to the PNode level using load 
distribution percentages from the peak hour of the corresponding most recent historical 
period (i.e. June, July, August, September, Fall, Winter and Spring).  These load 
distribution percentages are calculated using the methodology described under Section 
4.1.2.1.6. 

(b) For injections at Market Hubs, SPP will distribute the hub injection down to the PNode 
level on a pro-rata basis using the weighting factors defined when the hub is created. 

(c) For GFA Carve Outs that will be nominated, an injection at the source and a corresponding 
withdrawal at the sink will be included in the Annual ARR Allocation Process and will be 
subject to SFT.  The capacity used in the allocation will be the maximum allowable 
nomination as defined in section Error! Reference source not found.. 

(2) All previously awarded TCRs associated with LTCRs and ILTCRs that have not been surrendered 
are modeled as fixed injections/withdrawals. To the extent that these fixed injections and 
withdrawals are not feasible, SPP will increase the ratings of the applicable transmission lines to 
ensure feasibility.  SPP will report back to the MWG when and which transmission line ratings 
had to be adjusted, and the magnitude of each adjustment, to ensure feasibility. 

(3) Additionally, if the SFT is associated with a transitional ARR allocation as described under Section 
5.3.2.1, all TCRs previously awarded in the Annual TCR Auction Process and all remaining ARRs 
not accounted for in the Annual TCR Auction Process for the applicable study period are modeled 
as fixed injections at the specified sources and fixed withdrawals at the specified sinks. To the 
extent that these fixed injections and withdrawals are not feasible, SPP will increase the ratings of 
the applicable transmission lines to ensure feasibility prior to assessing transitional ARR 
feasibility. 

Every six (6) months for the first two (2) years after implementation of the Integrated Marketplace, SPP 
will analyze the net funding of TCRs through the Day-Ahead Market and report to the MWG.  In the event 
the cumulative funding is at or below 90% or above 100%, MWG may approve an additional adjustment 
of all subsequent monthly auctions and the month of June in the annual auction of the normal and 
emergency ratings of all flowgates and monitored transmission system elements in (2) above. 

5.6.2 Monthly TCR Auction Process 

TCRs are auctioned in a single-round process for the months of July through September and 100% of the 
SPP Residual Transmission System Capability, as calculated under Section 5.2.2(2) is made available.  
Any amounts of ARRs awarded in the Monthly ARR Allocation Process that have not been settled in 
accordance with Section 5.7 plus:  the lesser of (i) 10% of the ARRs obtained in the Annual ARR 
Allocation Process or (ii) the difference between the ARRs obtained in the Annual ARR Allocation 
Process and the amount of Self-Converted TCRs awarded in the Annual TCR Auction Process may be 
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Self-Converted during this single-round auction and any TCRs obtained in the Annual TCR Auction may 
be offered for sale.   

TCRs are auctioned in a two-round process for the months of October through May.  In the two-round 
process: 

(1) Round 1 - 50% of the Residual SPP Transmission System Capability remaining following the 
Annual TCR Auction, as calculated under Section 5.2.2(2) is made available; 

(a) TCR Bids of the Self-Convert Type for any remaining ARRs that were obtained in the 
Annual ARR Allocation Process and/or Monthly ARR Allocation Process may be 
submitted in this round for each source to sink pair that the Market Participant desires to 
convert that were obtained in the Annual ARR Allocation Process and/or ARRs obtained 
in the Monthly ARR Allocation Process into TCRs.  The Self-Convert Type option will 
convert ARRs associated with the specified source to sink pair into the TCR MW specified 
subject to simultaneous feasibility; 

(i) Only Eligible Entities holding ARRs obtained in the Annual ARR Allocation 
Process and/or Monthly ARR Allocation Process may submit a Self-Convert TCR 
Bid.   

(ii) The Self-Convert TCR Bid must specify the same source and sink as the associated 
ARR and the TCR MW must be less than or equal to the associated ARR MW. 

The lesser of: (i) 40% of the ARRs obtained in the Annual ARR Allocation Process 
or (ii) the difference between the ARRs awarded in the Annual ARR Allocation 
Process and the quantity of Self-Converted TCRs awarded in the Annual TCR 
Auction Process, plus all ARRs awarded in the Monthly ARR Allocation Process 
may be submitted for Self-Conversion; 

(iii) Any amounts of ARRs awarded in the ARR Allocation Process that have not been 
settled in accordance with Section 5.7. 

(b) Any TCRs awarded in the Annual TCR Auction may be offered for sale. 

(2) Round 2 - The remaining 50% of the Residual SPP Transmission System Capability, as calculated 
under Section 5.2.2(2) is made available; 

(a) TCR Bids of the Self-Convert Type for any remaining ARRs may be submitted in this 
round for each source to sink pair that the Market Participant desires to convert where such 
remaining ARRs are determined as described under Section 5.7(2)(c). 

(b) Any TCRs awarded in Round 1 or the Annual TCR Auction, including Self-Converted 
TCRs, may be offered for sale. 
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5.7 ARR Allocation/TCR Auction Settlements 

The charges and credits to ARR holders and TCR holders will be calculated on a daily basis and included 
on the settlement statements consistent with the timing of the Energy and Operating Reserve Markets 
settlement as described under Section 4.5.9.24.  For the purposes of calculating charges and credits to 
ARR holders, the following amounts of ARR awards will be used: 

(1) ARR Settlement for Annual TCR Auction by path will be the greater of (i) the auction available 
Transmission System capability percentage (June – 100%; July through September – 90%; and 
Fall, Winter, Spring – 60%) divided by the allocation available Transmission System capability 
percentage of annual ARR award (June – 100%; July through September – 90%; and Fall, Winter, 
Spring – 80%) or (ii) Self-Convert TCR Award:  

Below is an example of the ratio used in (1) above: 

Annual Product ARR eligible for Auction revenues    

 = (TCR Auction Capacity Percent / ARR Allocation Percent)              
   x  ARR Allocation MWs 

June    100/100 x 100MWs = 100MWs 

July – September   90/90 x 90MWs = 90MWs 

Fall, Winter, & Spring 60/80 x 80MWs = 60MWs 

(a) For the month of June, 100% of annual ARR award; 

(b) For the months of July through September, the greater of (i) 90% of annual ARR award or 
(ii) Self-Convert TCR award; 

For the Fall, Winter and Spring season, the greater of (i) 60% of annual ARR award or (ii) 
Self-Convert TCR award. 

(2)(1)   ARR Settlement for Monthly TCR Auction will be settled as described below: 

(a) For the months of July through September, remaining ARRs not accounted for in ARR 
Settlement  in the Annual TCR Auction as described in (1)(b) above plus all monthly ARR 
awards; 

(b) For the months of October through May for Round 1, the greater of (i) 50% of monthly 
ARR awards plus: (50% of the difference between the annual ARR award and the ARRs 
accounted for in the Annual TCR Auction as described in (1) above) or (ii) Self-Convert 
TCR awards; and  

(c) For the months of October through May for Round 2 any remaining ARR awards, the 
difference between: (i) the sum of annual ARR awards and monthly ARR awards and (ii) 
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the sum of ARR MW accounted for under Section (1)(c) above and the ARR MW 
accounted for under Section (2)(b) above.  

 
SPP Tariff (OATT) 

 

Attachment AE 

7.2 Annual Auction Revenue Right Allocation 

The annual ARR allocation addresses how candidate ARRs verified in the annual ARR 

verification may be nominated and awarded.  Eligible Entities may nominate the candidate ARRs 

that they wish to receive up to their ARR nomination caps.  The portion of the nominated 

candidate ARRs that are simultaneously feasible are allocated to each Eligible Entity during the 

annual allocation.  Candidate ARRs are nominated on a monthly and seasonal basis in a three 

round process. 

The Transmission Provider shall make available one hundred percent (100%) of the 

projected maximum Transmission System capability for the purpose of ARR allocation in the 

annual ARR allocation process The Transmission Provider shall make available one hundred 

percent (100%) of the Transmission System capability for the month of June, ninety percent 

(90%) of the Transmission System capability for the months of July through September, and 

eighty percent (80%) of the Transmission System capability for the Fall, Winter and Spring 

seasons.  No later than five (5) days prior to the start of the annual ARR allocation process, the 

Transmission Provider will post the Transmission System network topology data for each of the 

monthly and seasonal On-Peak and Off-Peak models, including the corresponding Parallel Flow 

and transmission line outage assumptions, used to determine the projected maximum 

Transmission System capability that will be used in the upcoming allocations. 

7.4.2 Monthly Transmission Congestion Right Auction 

TCRs are auctioned in a single round for the months of July through September and one 

hundred percent (100%) of the Transmission System capability is made available.  Any amounts 

of ARRs awarded in the monthly ARR allocation plus: the lesser of (i) ten percent (10%) of the 

ARRs obtained in the annual ARR allocation or (ii) the difference between the ARRs obtained in 

the annual ARR allocation and the amount of self-converted TCRs awarded in the annual TCR 
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auction may be self-converted during this auction and any TCRs obtained in the annual TCR 

auction may be offered for sale. 

TCRs are auctioned in a two round process for the months of October through May.  In 

the two round process: 

(1) Round 1 - Fifty percent (50%) of the Transmission System capability remaining 

following the annual TCR auction is made available; 

(a) All ARRs awarded in the Monthly ARR Allocation Process may be submitted for 

self-conversion.  

(i) ARRs obtained in the annual allocation may be submitted for self-

conversion subject to the following limitations: Eligible Entities may 

submit the lesser of (i) forty percent (40%) of the ARRs obtained in the 

annual ARR allocation or (ii) the difference between the ARRs awarded in 

the annual ARR allocation and the quantity of self-converted TCRs 

awarded in the annual TCR auction. 

 (i) ARRs obtained in the annual allocation may be submitted for self-

conversion subject to the following limitations: Eligible Entities may 

submit the lesser of: 

(a) ARR Award multiplied by the quantity of 1 minus (auction 

available transmission system capability percentage divided by the 

allocation available transmission system capability percentage) of 

ARR Award; or  

(b) the difference between the ARRs awarded in the annual ARR 

allocation and the quantity of self-converted TCRs awarded in the 

annual TCR auction.  

Where the auction available transmission system capability percentage is 

equal to: 100% - June; 90% - July through September; 60% - Fall, Winter, 

and Spring seasons.   

Where the allocation available transmission system capability percentage 

is equal to: 100% - June; 90% - July through September; 80% - Fall, 

Winter, and Spring seasons of the ARRs obtained in the annual ARR 

allocation.    
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(iii) A self-convert TCR Bid must specify the same source and sink as the 

associated ARR and must be less than or equal to the associated ARR 

MW. 

(iiii) The self-convert TCR MWs are evaluated simultaneously with TCR Bids 

and Offers and are subject to reductions that may result from the 

Simultaneous Feasibility Test. 

(b) Any TCRs awarded in the annual TCR auction may be offered for sale by the 

TCR holder. 

(d) Any Market Participant may also submit TCR Bids for any source-sink pair.   

7.6 Auction Revenue Right Allocation and Transmission Congestion Right 
Auction Settlements 

The charges and payments to ARR and TCR holders will be calculated on a daily basis 

and included on the Settlement Statements consistent with the timing of the Energy and 

Operating Reserve Markets settlement as described in Section 8.7 of this Attachment AE.  For 

the purposes of calculating charges and payments to ARR holders, the following amounts of 

ARR awards will be used: 

(1) ARR Settlement for annual TCR auction will be the greater of (i) the 

auction available transmission system capability percentage divided by the 

allocation available transmission system capability percentage of annual 

ARR award, or (ii) self-convert TCR award.  

Where the auction available transmission system capability percentage is 

equal to: 100% - June; 90% - July through September; 60% - Fall, Winter, 

and Spring seasons.   

Where the allocation available transmission system capability percentage is 

equal to: 100% - June; 90% - July through September; 80% - Fall, Winter, 

and Spring seasons of the ARRs obtained in the annual ARR allocation. 

(a) For the month of June, one hundred percent (100%) of annual ARR award; 

(b) For the months of July through September, the greater of (i) ninety (90%) 

of annual ARR award or (ii) self-convert TCR award; and 

(c) For the Fall, Winter and Spring seasons, the greater of (i) sixty (60%) of 

annual ARR award or (ii) self-convert TCR award. 

 (2) ARR Settlement for monthly TCR auction will be settled as follows: 
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(a) For the months of July through September, ARRs not accounted for in 

ARR Settlement in the annual TCR auction as described in (1)(b) above 

plus all monthly ARR awards; 

(b) For the months of October through May for round 1, the greater of (i) fifty 

percent (50%) of monthly ARR awards plus: fifty percent (50%) of the 

difference between the annual ARR award and the ARRs accounted for in 

the annual TCR auction as described in (1) above or (ii) Self-convert TCR 

awards; and  

(c) For the months of October through May for round 2,  the difference 

between: (i) the sum of annual ARR awards and monthly ARR awards and 

(ii) the sum of ARR MW accounted for in Section (1) above and the ARR 

MW accounted for in Section (2)(b) above. 

SPP Criteria 

 
N/A 
 

SPP Business Practices 

 
N/A 
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Revision Request Recommendation Report 

RR #: 100 Date: 6/9/2015 

RR Title: Gas-Electric Coordination Market Timeline Changes 

SUBMITTER INFORMATION 

Name: Jodi Woods (on behalf of GECTF) Company: SPP 

Email: jwoods@spp.org Phone: 501-551-0371 

OBJECTIVE OF REVISION 

Objectives of Revision Request:   
Describe the problem/issue this revision request will resolve.  

Proposed DA Market and timeline changes to comply with the FERC Section 206 Order in Docket NO. RM14-2 issued March 20, 
2014 to adjust the Market timelines and explain how the proposed scheduling modifications are sufficient.  This RR reflects the 
proposed timeline changes as recommended by the GECTF.  These changes include (1) moving the DA Market timeline to close at 
0930 and post at 1400 (2) shorten the reoffer period between DA Market and DA RUC to 45 minutes and (3) move the DA RUC 
timeline to close at 1445 and complete by 1715.  Per this change, all DA Market offers will now need to be submitted by 0930 day-
ahead and all RTBM offers for DA RUC consideration will need to be update by 1445 day-ahead. 

Describe the benefits that will be realized from this revision.  

These timeline changes are an incremental improvement over the existing timeline for improving coordination between the market 
results and the Timely and Evening nominations.  While the proposed timeline does not provide DA Market results prior to the 
1300 Timely Gas Nomination, it does allow for DA Market and DA RUC commitments to be provided prior to the Evening Gas 
Nomination.  This also allows sufficient time in the morning for price formation prior to the DA Market close.  This is intended to 
be an incremental step, with a long-term goal being to post DA Market results prior to the Timely Gas Nom. 

EXECUTIVE SUMMARY AND RECOMMENDATION  

This Revision Request implements Day-Ahead Market (DAMKT) and timeline changes to comply with FERC Section 206 Order in 
Docket NO. RM14-2 issued March 20. The order moves the DAMKT timeline to close at 0930 with results posted at 1400, it 
shortens the reoffer period between DAMKT and DA RUC to 45 minutes, and moves the DA RUC timeline to close at 1445 and 
complete by 1715.  The Revision proposes a timeline that does not provide the DAMKT results prior to the 1300 Timely Gas 
Nomination and provides results prior to the Evening Gas Nomination.  MOPC recommends approval. 

Requested Action:  Board of Directors approve Revision Request 100. 

 

IMPACT ANALYSIS REQUIRED:   Yes      No 

Estimated Cost: $1,510,590.05 
Cost is a rough order of magnitude estimate, approx. +/-50% 

Estimated Duration: 14 months 
Duration is a rough order of magnitude estimate, approx. +/-50% 

Priority Rank for System Change:       1 – Critical       2 – High       3 – Medium       4 – Low  

SPP DOCUMENTS IMPACTED 

  Market Protocols Protocol Section(s): 4.1.2.1.2, 
4.1.3, 4.2.2, 4.3.1, 4.3.1.1 Protocol Version:       

  Criteria Criteria Section(s):       Criteria Date:       

  Tariff (OATT) Tariff Section(s): Attachment AE: Sections 2.12; 3.1.4; 4.1; 5.1; 5.1.3; 5.2, and 5.2.3 
                              Attachment AF, Sections 3.2; 3.3; and 3.4. 

  Business Practice Business Practice Number:       
WORKING GROUP REVIEWS AND RECOMMENDATIONS 

List Primary and any Secondary/Impacted WG Recommendations as appropriate 
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Primary Secondary Working 
Group: GECTF 

 

Date: 6/3/2015 

Vote: Approved 

Abstained: OGE and Xcel 

Opposed: NPPD and Basin 

Reason for Abstention: Xcel 

The reason for our neutral position is that it is difficult to quantify the benefits and costs of the change.  Changing factors may 
create positive or negative impact on any given day.   

Generally, we see potential benefits in the changes because it will provide more information on the gas purchase side – we will 
know the quantity of gas needed following the earlier day ahead reliability clearing prior to the evening nomination cycle.  
However, there are additional risks on the bidding side – The earlier time means there would be less time for price formation and 
we would not have as much information in terms of outages, generation, forecasts, etc to make accurate bids. 

Primary Working Group: MWG 

 

Date: 6/16/2015 

Vote: Approved 

Abstained: Xcel, CUS, GSEC, OMPA and KMEA 

Opposed: Exelon, LES, OPPD, NPPD and Basin 

Reasons for Opposition: NPPD 

NPPD is a voting member of the GECTF Task force and voice their thoughts and voted No along with Basin at the GECTF Task 
Force meeting. The recommendation reports that SPP Posted did not state all the negatives and risks of this RR. Please notice the 
concerns of the SPP Northern Entities where they have dealt with cold weather has always played a part concerning Natural Gas 
during Critical timeframes. NPPD believes SPP and its Member should have went to FERC and stated our concerns of the 
timeframes proposed and then get their thoughts before making this step. 

- This task for was created for Critical Days. There are only a few days in a year that would be a Critical day. With the 
impact it has why did we go with a everyday process and not a critical Day process? The Risks and concerns of 
changing the prices  every day is greater than the gain  

- New timelines does not help Critical days for NPPD. Need to have gas nom’d in morning thus 1300 timeline does not 
help with most truncations done in morning 

o Risk of not getting NG and price spikes will result in NPPD needing to put Unit in outage due to lack of fuel 
- Impacts all days that are not critical – forecasting accuracy for load and generation (Wind especially) will be impacted 

negatively. Already a concern and this will make it worse 
- Costs could go up for MDRA and getting made whole for a Called Critical day 
-  45 minute time period is to short and has risks 
- Spending $1.5 million and not get what we need and actually could make it worse for the market overall 

 

Secondary Working Group: 
RTWG 

 

Date: 6/25/2015 

Vote: Approved 

Abstained: GSEC, Xcel and MJMEUC 

Opposed: OPPD, NPPD  

Reasons for Opposition:       

 

Secondary Working Group: 
ORWG 

 

Date: 7/7/2015 

Vote: Approved 

Abstained: Xcel 

Opposed: LES 
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Reasons for Abstention: Xcel 

The reason for our neutral position is that it is difficult to quantify the benefits and costs of the change.  Changing factors may 
create positive or negative impact on any given day.   

Generally, we see potential benefits in the changes because it will provide more information on the gas purchase side – we will 
know the quantity of gas needed following the earlier day ahead reliability clearing prior to the evening nomination cycle.  
However, there are additional risks on the bidding side – The earlier time means there would be less time for price formation and 
we may not have as much information in terms of outages, generation, forecasts, etc. to make accurate bids. 

Reasons for Opposition: LES 

I voted No on RR100 due to the following 

I wanted to support my MWG Member who voted no on RR100. The vote at the MWG was 7 – 5 for. 

I feel that this does have some reliability issues. Moving the DA forward just a few hours does increase the “staleness” of the next 
day’s load forecast, wind forecast, etc. Perhaps not so much for the RUC, but it does for the DA.  

RR100 doesn’t do a thing for LES. The close of the DA a few hours earlier doesn’t help LES meet the timing requirements for next 
day gas nominations. 

This is just an interim change. “In a few years” we would be able to meet better the timing requirements for the gas day. I would 
suggest not doing this intermediate step. 

MOPC 

 
Date: 7/14/2015 

Vote: Approved 

Abstained: WAPA, , Flat Ridge 2 Wind Energy, Xcel Energy Southwest Transmission Co, 
Midwest Energy, Transource Energy, Transource Missouri, Tenaska Power Services, South 
Central MCN, Duke American Transmission, ITC Great Plains, Heartland Consumers Power 
District, Prairie Wind Transmission 

Opposed: MJMEUC, Basin Electric, NPPD, City Utilities of Springfield, LES, Exelon 
Power Team,  OPPD, East River Electric Power Coop 

Reasons for Abstention:  

Western Area Power Administration: I voted to abstain on RR100 – GECTF Recommendation since it didn’t impact Western 
and both sides had good reasons for their positions.  

Basin: Basin’s position is that the motion did not go far enough to meet the intent of the FERC Order 206. SPP is required to adjust 
the posting time of its day-ahead energy market results and reliability unit commitment process results sufficiently in advance of the 
Timely and Evening Nomination Cycles, respectively, to allow gas-fired generators to procure natural gas supply and pipeline 
transportation capacity to serve their obligations.  The motion did not allow for SPP’s Day-Ahead market to clear ahead of the 
Timely Gas Nomination Cycle. Basin opposes the $1.5 M cost of moving the timeline only to meet the Evening Nominations 
Cycle.  This cost does not address meeting the intent of the FERC order. Additional costs will be incurred at a later date when 
FERC orders SPP to move the timeline again in front of the Timely Gas Nomination Cycle. 

Basin recommends moving the Day-Ahead market to 8:30 AM with the market clearing ahead of the Timely Cycle so that firm gas 
contracts can be scheduled in the Timely Cycle. 

Reasons for Abstention: Prairie Wind Transmission 

PWT does not have a vested interest in this subject 

Reason for Abstention:  ITC 

RR100--ITC abstained because we don’t have a position on this issue. We appreciate that the group worked to respond to the FERC 
directive.  
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BOD/Member Committee 
Recommendation 

 

Date: 7/28/2015 

Vote:       

Abstained:       

Opposed:       

Reasons for Opposition:       

 

COMMENTS 

Comment Author: Kevin Galke, CUS 

Description of Comments:  

Upon further consideration of the following items, it is our opinion that RR100 presents insufficient cost benefit. 

•The proposal included in RR100 still fails to clear the DA market in advance of the timely nomination, so the only benefit is that 
the DA RUC would clear in time for the illiquid evening gas nomination window. 

•Under RR100, load forecasts and generation status are 90 minutes older, making them implicitly less accurate. 

•SPP generation stack has a disproportionate amount of wind relative to many other RTOs, thus older wind forecasts undermine the 
validity of the DA market solution as it applies to RT. 

•The greatest benefits of RR100 impact less than 10 days a year (3%) at the detriment of the remaining 355 days. 

•SPP has a relatively small percentage of gas generation in their average stack and a ~30% capacity benefit margin, which provides 
needed cushion in the current construct. 

•SPP experiences few severe gas constraints relative to the more eastern RTO markets. 

•These changes are only intended to be an intermediate step with an additional timeline change in 2018. 

After considering the aforementioned factors, City Utilities preference is to make a “show cause” filing to FERC with the intent to 
reconsider a change in the future when modeling and technology improvements accommodate to both price discovery and timely 
gas nomination in the DA market. 

Status:       

Comment Author: Brenda Fricano on behalf of the RTWG 

Description of Comments: RTWG made clarifying changes to the Protocols, Attachment AE and AF of the Tariff. 

Status:       

PROPOSED REVISION(S) TO SPP DOCUMENTS 

Market Protocols 

 

4.1.2.1.2 Non-conforming Load 

Non-Conforming Load, as described in Section 6.2.2, is more process driven and needs to be separated 
from the load forecast application because it does not follow a predictable pattern.  Load associated with 
stored energy devices such as pumped storage hydro or compressed air Resources shall be considered a 
Non-Conforming Load.  Market Participants with registered Non-Conforming Load shall submit hourly 
load forecasts of Non-Conforming Load consumption to SPP before  SPP begins the Day-Ahead RUC 

Deleted: by 

Deleted: 1700 

Deleted: hours Day-Ahead
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process for the Operating Day and for six (6) days following the Operating Day. Once the initial 
submission is received before SPP begins the Day-Ahead RUC process, Market Participants are allowed 
to submit hourly load forecasts of Non-Conforming Load after SPP has begun the Day-Ahead RUC 
process up to thirty minutes before the Operating Hour. Market Participants are encouraged to submit a 
forecast of each registered Non-Conforming Load for two (2) hours following the current interval for each 
15-minute interval that the forecast deviates from the hourly profile.   

4.1.3 Operating Reserve, Head-room and Floor-room Requirements 

(4) The SPP BAA requirements, minimum Reserve Zone Operating Reserve requirements 
and maximum Reserve Zone Operating Reserve limitations are calculated and posted 
no later than 0600 Day-Ahead.  At this time, SPP will also communicate each Asset 
Owner’s estimated Operating Reserve obligations in each Reserve Zone using the BAA 
Mid-Term Load Forecast and the Asset Owner load forecasts developed by SPP under 
Section 4.1.2.1.5.  

4.1.3.1.1 Minimum Reserve Zone Operating Reserve Requirements 

(4)  The Reserve Zone minimum Operating Reserve requirement can be met through 
clearing of the most economic combination of Regulation-Up, Spinning Reserve and 
Supplemental Reserve that is available on Resources located within the Reserve Zone. 

(a) SPP may set specific Regulation-Up and/or Spinning Reserve minimum 
requirements for each Reserve Zone, as needed, to address reliability 
issues that can only be alleviated through carrying synchronized 
reserves.  In such cases, SPP will include these minimum Regulation-
Up and/or Spinning Reserve requirements when posting the Operating 
Reserve requirements by 0600 Day-Ahead.   

4.2.2    Offer Submittal 

Beginning seven days prior to the Operating Day, Market Participants may begin to submit Offers for 
use in the DA Market and Offers for use in the RTBM.  DA Market Offers may be updated up to the 
close of the Day-Ahead Market and RTBM Offers may be updated 30 minutes prior to each Operating 
Hour.   

4.2.5    Ramp Reservation Requirements 

(1) There are two time periods during which Market Participants can submit requests to reserve 
ramping capability: 

(a) Up to the close of the DA Market in order to reserve ramping capability for import or export 
transactions that clear in the DA Market.  Any unused reserved ramping capability is made 
available for use in import and/or export scheduling in the RTBM for the Operating Day. 
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(b) Beginning at  the close of the DA Market, ramp reservation requests may be submitted for 
import and/or export scheduling in the RTBM for the Operating Day, up to 30 minutes 
prior to the Operating Hour. 

4.3 Day-Ahead Activities 

Day-Ahead activities begin 24 hours prior to the Operating Day and consist of the DA Market and Day-
Ahead RUC processes.  Exhibit 4-12 provides a representative overall timeline of Day-Ahead activities. 
The times specified in the timeline are the times associated with normal operating conditions.  SPP may 
delay these times to account for unforeseen circumstances and, under such circumstances, SPP will notify 
Market Participants of any such timing delays.  

 
Exhibit 4-1: Day-Ahead Activities Timeline 

 

 

A detailed description of the DA Market and Day-Ahead RUC processes is provided in the following 
subsections.  

4.3.1   Day-Ahead Market  

The DA Market process begins with the submittal of new Offers and Bids, or updates to the Offers and 
Bids submitted in Pre-Day-Ahead, for use in the DA Market clearing.  Energy clearing is based upon the 
Offers and Bids submitted.  Operating Reserve clearing is based upon the Offers submitted to meet the 
SPP Operating Reserve requirement.  Market Participants must submit final Offers and Bids by the close 
of the DA Market which is no later than 0930 hours Day-Ahead. 

Immediately following the close of the DA Market, SPP begins the process of clearing the DA Market.  
This process is completed, and SPP posts the results of the Day-Ahead Market by 1400 hours Day-Ahead.  
DA Market operations consist of three steps: (1) process DA Market inputs; (2) DA Market execution and 
(3) DA Market results.  Each of these steps is described in the following subsections. 

12:00 AM 11:59 PM

01:00 02:00 03:00 04:00 05:00 06:00 07:00 08:00 09:00 10:00 11:00 12:00 13:00 14:00 15:00 16:00 17:00 18:00 19:00 20:00 21:00 22:00 23:00

1/30 - 1/30
Day-Ahead

00:00 - 11:00
MPs submit Offers and Bids

11:00
DA Market closes

11:00 - 16:00
SPP performs DA Market process

16:00
SPP posts DA Market

 results

17:00 - 20:00
SPP performs Day-Ahead RUC process

20:00
SPP communicates RUC 
results to affected MPs

07:00

SPP Posts Operating Reserve
Requirements
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4.3.1.1 DA Market Inputs 

Inputs to the DA Market algorithm consist of: 

(1) DA Market Offers and Bids as submitted by Market Participants prior to the close of the DA 
Market; 

(a) For Demand Bids, Virtual Energy Bids and/or Virtual Energy Offers submitted at a Load 
Settlement Location that contains more than one PNode, SPP distributes the Bid MW down 
to the associated PNodes using weighting factors for modeling purposes as described under 
Section 4.1.2.1.6.   

(b) For Virtual Energy Bids and/or Virtual Energy Offers submitted at a Market Hub 
Settlement Location and confirmed Interchange Transactions submitted at an External 
Interface, SPP uses a common set of weighting factors to distribute the Bid and/or Offer 
MWs down to PNodes included in the Market Hub or External Interface for modeling 
purposes.  These weighting factors are determined by SPP at the time the Trading Hub or 
External Interface is created and are not dependent upon historical injections/withdrawals.  
Resource Hub weighting factors are determined by SPP after coordinating with the 
requesting Market Participant. 

(2) Resource Offers for long lead time Resources selected by SPP for commitment during the 
Operating Day during the Multi-Day Reliability Assessment process; 

(3) Through Interchange Transactions as submitted by Market Participants and confirmed prior to the 
close of the DA Market; 

(4) SPP Operating Reserve requirements (system-wide and Reserve Zone min and max); 

(5) SPP Head-room and Floor-room requirements; 

(6) SPP Transmission System topology consistent with Network Model in place for current Operating 
Day, including adjustments to RCF firm flow entitlements if applicable;  

(7) Transmission System outages;  

(8) Parallel Flow forecasts; and 

(9) Resource outages. 

4.3.1.3    DA Market Results  

SPP electronically communicates the DA Market results for each hour of the Operating Day to Market 
Participants as described in Section 4.3.1.  The following results are communicated to each Market 
Participant that relates only to that Market Participant: 
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4.3.2 Day-Ahead Reliability Unit Commitment 

Forty-five minutes following the posting of the DA Market results, SPP begins the Day-Ahead RUC 
process to assess capacity adequacy during the Day-Ahead period and the remainder of the current 
Operating Day.  No later than two and a half hours following the start of the DA RUC process SPP shall 
communicate the results of the DA RUC as described under Section 4.3.2.3.  SPP then updates the Current 
Operating Plan, if needed, and start-up and/or shutdown orders are issued simultaneously for Resources 
other than DVERs and NDVERs for which SPP is calculating an output forecast (these Resources are 
always assumed to be self-committed if available) which may be any time after the posting of the DA 
RUC results.       

The Day-Ahead RUC consists of four steps: (1) process RUC inputs; (2) execute RUC algorithm; (3) 
evaluate and communicate RUC results; and (4) update Current Operating Plan as needed. 

4.3.2.1  Day-Ahead RUC Inputs 

Inputs to the RUC algorithm consist of: 

(1) RTBM Resource Offers, including Resources with a Self-Commit status submitted up to forty-
five minutes following the posting of the DA Market results; 

(a) During all hours between the start and completion of the Day-Ahead RUC process, Market 
Participants may continue to update RTBM Offers during Day-Ahead RUC process.  If the 
DA RUC offer being updated is for the DA RUC Study Period, SPP will notify the Market 
Participant that the offer will not be used in the ongoing DA RUC solution.  

4.3.2.3   Day-Ahead RUC Results 

No later than two-and-a-half hours following the start of the DA RUC process SPP electronically 
communicates the following Day-Ahead RUC results for each hour of the Operating Day to Market 
Participants:  

4.4    Operating Day Activities 

Operating Day activities begin when SPP posts the results of the DA RUC as described under Section 
4.3.2.3 and consist of the Intra-Day RUC processes and RTBM.  Exhibit 4-13 provides a representative 
overall timeline of Operating Day activities. 

8.2.2.3   Mitigation Measures for Energy Offer Curves 

(1) Mitigated energy offer curves shall be submitted on a daily basis by the Market Participant in 
accordance with the Mitigated Offer Development Guidelines.  The mitigated energy offer curve 
may be updated up to the close of the DA Market for use in the DA Market. In the case a Resource 
is not committed by the DA Market, the mitigated energy offer curve may be updated until the 
Day-Ahead RUC process begins. For Resources committed by the DA Market, the mitigated 
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energy offer curve submitted as of the close of the DA Market will apply to the DA Market on the 
day before the Operating Day and the RTBM on the Operating day; for all other Resources the 
mitigated energy offer submitted at the time the Day-Ahead RUC process begins will apply to the 
Day-Ahead RUC process on the day before the Operating Day, and the Intra-Day RUC processes 
and the RTBM on the Operating Day.   

8.2.2.4  Mitigation Measures for Start-Up and No-Load Offers 

(1) A Mitigated Start-up Offer and a Mitigated No-load Offer shall be submitted daily by the Market 
Participant in accordance with the Mitigated Offer Development Guidelines. The Mitigated Start-
up and No-load Offers may be updated up to the close of the DA Market for use in the DA Market. 
In the case a Resource in not committed by the DA Market, the Mitigated Start-up and No-load 
Offers may be updated until the Day-Ahead RUC process begins. The Mitigated Start-up and No-
load Offers submitted at the time the Day-Ahead RUC process begins will apply to the Day-Ahead 
RUC process on the day before the Operating Day and the Intra-Day RUC processes on the 
Operating Day.  

8.2.2.5  Mitigation Measures for Operating Reserve Offers 

(1) A mitigated offer for each Operating Reserve product shall be submitted daily by the Market 
Participant in accordance with the Mitigated Offer Development Guidelines. The mitigated 
operating reserve offers may be updated up to the close of the DA Market for use in the DA Market. 
In the case a Resource is not committed by the DA Market, the mitigated operating reserve offers 
may be updated until the Day-Ahead RUC process begins. For Resources committed by the DA 
Market, the mitigated operating reserve offers submitted as of the close of the DA Market will 
apply to the DA Market on the day before the Operating Day and the RTBM on the Operating 
Day; for all other Resources, the mitigated operating reserve offers submitted at the time the Day-
Ahead RUC process begins will apply to the RTBM on the Operating Day. 

8.2.2.6 Mitigation Measures for Transition State Offers 

The mitigation measures in this section apply only to Resources registered using the combined cycle 
configuration based modeling option as described in Section 4.2.2.5.3(4). A Mitigated Transition State 
Offer shall be submitted daily by the Market Participant in accordance with the Mitigated Offer 
Development Guidelines for each potential transition state change. The Mitigated Transition State Offer 
may be updated up to the close of the DA Market for use in the DA Market.  In the case a Resource in not 
committed by the Day-Ahead Market, the Mitigated Transition State Offer may be updated until the Day-
Ahead RUC process begins. The Mitigated Transition State Offer submitted at the time the Day-Ahead 
RUC process begins will apply to the Day-Ahead RUC process on the day before the Operating Day and 
the Intra-Day RUC processes on the Operating Day.  
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SPP Tariff (OATT) 
 
Tariff – Attachment AE 

2.12 Non-Conforming Load 

Market Participants must: 

(1) Provide hourly estimates of their registered Non-Conforming Load to the Transmission 

Provider no later than 1445 hours Day-Ahead for the remainder of the Operating Day and 

for the next six (6) Operating Days; 

(2) Update their submitted Non-Conforming Load estimates as described in the Market 

Protocols;  

(3) Provide the Transmission Provider with actual Non-Conforming Load data in Real-Time 

to the extent that telemetering is available. 

3.1.4 Operating Reserve, Head-room and Floor-room Requirements 

The Transmission Provider shall calculate the amount of Operating Reserves required for 

the Operating Day, on both a system-wide and Reserve Zone basis, in order to comply with the 

reliability requirements specified in the SPP Criteria.  In addition, the Transmission Provider 

shall calculate the amount of Head-room and Floor-room required for the Operating Day on a 

system-wide basis in order to ensure that load can be reliably serviced in real-time.  The 

Transmission Provider shall, on a daily basis: 

(1) Calculate the hourly Regulation-Up, Regulation-Down and Contingency Reserve 

requirements on an SPP Balancing Authority Area basis and post such results by 0600 

hours Day-Ahead for use in the Day-Ahead Market, Day-Ahead RUC, Intra-Day RUC 

and RTBM; 

(2) Calculate the total minimum and total maximum Operating Reserve requirement for 

Operating Reserve deployment in the up direction and for deployment of Operating 

Reserve in the down direction for each Reserve Zone.  These minimum and maximum 

Operating Reserve requirements will be determined by conducting a simulated energy 

transfer study for each hour of the Operating Day on the transmission system, reflecting 

expected outages and economic energy flows, in order to determine the energy transfer 

limitations into or out of a Reserve Zone in any hour.  If a Reserve Zone is unable to 

import enough Energy after a contingency and still maintain all necessary operating 
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limits, a minimum amount of Operating Reserve may be required to be carried in that 

Zone.  The minimum Operating Reserve requirement is the largest difference between the 

Resource MW lost in the simulated contingency and the resulting import capability of 

that Reserve Zone.  Similarly, if a Reserve Zone is unable to export additional Energy 

after a contingency outside of that Reserve Zone, then a maximum amount of Operating 

Reserve that is deliverable from that Zone will be specified in order to ensure that 

deliverable reserves are carried in other Zones.  The maximum Operating Reserve 

limitation is equal to the export capability of that Reserve Zone when replacing Energy 

lost due to a Resource contingency outside of that Reserve Zone.  The Transmission 

Provider may, at its option, set specific Regulation-Up and/or Spinning Reserve 

minimum requirements for each Reserve Zone, as needed, to address reliability issues 

that can only be alleviated through carrying synchronized reserves.  In such cases, the 

Transmission Provider will include these minimum Regulation-Up and/or Spinning 

Reserve requirements when posting the Operating Reserve requirements by 0600 Day-

Ahead;  

(3) Estimate each Market Participant’s Operating Reserve obligation by Asset Owner in each 

Reserve Zone and provide such information to Market Participants by 0700 hours Day-

Ahead.  The Transmission Provider shall calculate such estimates by multiplying the 

system-wide Operating Reserve requirements calculated in (1) above by the Transmission 

Provider’s estimate of each Asset Owner’s load in each Reserve Zone divided by the 

Transmission Provider’s estimate of system-wide load;  

(4) The Transmission Provider may increase Operating Reserve requirements for the Day-

Ahead RUC, Intra-Day RUC and RTBM above the requirements used in the Day-Ahead 

Market, including changes to Reserve Zone minimums and maximums, as required to 

meet increases in reliability requirements caused by changes in system conditions; and 

(5) Calculate the hourly Head-room and Floor-room requirements on an SPP Balancing 

Authority Area basis for use in the Day-Ahead Market, Day-Ahead RUC and Intra-Day 

RUC in accordance with the calculation procedures specified in the Market Protocols. 

4.1 Offer Submittal 

Beginning seven (7) days prior to the Operating Day, Market Participants may begin to 

submit Offers for use in the Day-Ahead Market and Offers for use in the RTBM.  Day-Ahead 
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Market Offers may be updated up to the close of the Day-Ahead Market and RTBM Offers may 

be updated thirty (30) minutes prior to each Operating Hour.  Offer submittals shall conform to 

the following: 

(1) Offers submitted in the Day-Ahead Market are independent from Offers submitted in the 

RTBM except that, if Regulation-Up Service and/or Regulation-Down Service is cleared 

in the Day-Ahead Market, Regulation-Up Mileage Offers and/or Regulation-Down 

Mileage Offers for the associated Resources for use in the RTBM are set equal to the 

Regulation-Up Mileage Offers and/or Regulation-Down Mileage Offers for the associated 

Resources submitted for use in the Day-Ahead Market; 

(2) Market Participants may specify that the Offers submitted in the Day-Ahead Market also 

apply in the RTBM; 

(a) Such an Offer shall be rejected in the RTBM if the Market Participant has submitted 

a Resource commitment status of “not participating” as described in Section 

4.1(10)(e) of this Attachment AE and the Resource is not participating in the Day-

Ahead Market.  

(3) Submitted Resource Offers will automatically roll forward hour to hour until changed 

within each respective market; 

(4) Offers may be submitted that vary for each hour of the Operating Day, except the Offer 

parameters related to unit commitment as defined in the Market Protocols for which a 

single value is submitted.  These unit commitment Offer parameters will automatically roll 

forward in each hour until updated; 

(5) Offers submitted for use in the RTBM are also used in the RUC; 

(6) Resource Offers may only be submitted at Resource Settlement Locations, Import 

Interchange Transaction Offers may only be submitted at External Interface Settlement 

Locations and Virtual Energy Offers may be submitted at any Settlement Location, 

including a Market Hub; 

(7) For Regulation Qualified Resources and Regulation-Up Qualified Resources, Market 

Participants may submit Regulation-Up Offers, Regulation-Up Mileage Offers, Spinning 

Reserve Offers and Supplemental Reserve Offers provided that if the Regulation-Up Offer 

is negative, the Regulation-Up Mileage Offer must equal zero.  For Regulation-Down 

Qualified Resources and Regulation Qualified Resources, Market Participants may submit 

Resource Offers for Regulation-Down.  For Spin Qualified Resources, Market Participants 

may submit Resource Offers for Spinning Reserve and Supplemental Reserve.  For 
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Supplemental Qualified Resources, Market Participants may submit Resource Offers for 

Supplemental Reserve.  If a Spinning Reserve Offer is submitted for a Resource, and a 

Resource Offer for Supplemental Reserve is not submitted, then the Supplemental Reserve 

Offer is set equal to zero.  Resource qualifications are verified by the Transmission 

Provider as part of the registration process as follows: 

(a) A Regulation Qualified Resource, Regulation-Up Qualified Resource or 

Regulation-Down Qualified Resource must pass a specific regulation test as 

defined in Section 2.10.3 of this Attachment AE and must be capable of deploying 

one hundred percent (100%) of cleared Regulation-Up and/or Regulation-Down 

within the Regulation Response Time for a continuous duration of sixty (60) 

minutes and provide telemetered output data that meets the technical requirements 

specified in the Market Protocols. 

(b) A Spin Qualified Resource must self-certify that the Resource is capable of 

deploying one hundred percent (100%) of cleared Spinning Reserve and/or cleared 

Supplemental Reserve within the Contingency Reserve Deployment Period for a 

continuous duration of sixty (60) minutes and provide telemetered output data that 

meets the technical requirements specified in the Market Protocols. 

(c) A Supplemental Qualified Resource must self-certify that the Resource is capable 

of deploying one hundred percent (100%) of cleared Supplemental Reserve from 

an off-line state within the Contingency Reserve Deployment Period for a 

continuous duration of sixty (60) minutes and provide telemetered output data that 

meets the technical requirements specified in the Market Protocols. 

(8) Resource Offers are limited by the Offer caps and floors specified in Section 4.1.1 of this 

Attachment AE; 

(9) The Resource Offer parameters that constitute a valid Offer for use in either the Day-Ahead 

Market or RTBM are submitted using the data formats, procedures, and information 

defined in the Market Protocols and will include the following (as further defined in the 

Market Protocols): 

• Resource Name 

• Resource Type 

• Start-up Offer 

• No-Load Offer 
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• Energy Offer Curve 

• Regulation–Up and Regulation-Down Offers 

• Regulation-Up Mileage and Regulation-Down Mileage Offers 

• Spinning and Supplemental Reserve Offers 

• Sync-To-Min and Min-To-Off Times 

• Start-Up Time 

• Hot to Intermediate and Hot to Cold Times 

• Maximum Daily and Weekly Starts 

• Maximum Daily Energy 

• Maximum and Minimum Run Times 

• Minimum Down Time 

• Minimum Emergency Capacity Operating Limit and Run Time 

• Minimum Normal, Economic, and Regulation Capacity Operating Limits 

• Maximum Normal, Economic, and Regulation Capacity Operating Limits 

• Maximum Emergency Capacity Operating Limits and Run Time 

• Maximum Quick-Start Response Limit 

• Ramp-Rate-Up and Ramp-Rate-Down 

• Turn-Around Ramp Rate Factor 

• Regulation Ramp Rate 

• Contingency Reserve Ramp Rate 

• Resource Status 

• JOU Ownership Share 

(10) Market Participants must specify a Resource commitment status as part of the Resource 

Offer using the data formats, procedures, and information defined in the Market Protocols.  

Market Participants use the commitment status to indicate; 

(a) Whether they are self-committing a Resource; 

(b) Whether the Resource may be committed by the Transmission Provider;   

(c) Whether the Resource may be committed by the Transmission Provider only to 

alleviate an anticipated Emergency Condition or local reliability issue;  

(d) Whether the Resource is on an outage; or 

(e) Whether the Resource is not participating in the Day-Ahead Market. 
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(11) Market Participants must specify a Resource dispatch status as part of the Resource Offer 

using the data formats, procedures and information defined in the Market Protocols.  

Market Participants use the dispatch status to notify the Transmission Provider whether the 

Resource is: 

(a) Eligible for Energy Dispatch; 

(b) Eligible for Operating Reserve clearing; or 

(c) Self-scheduled for Operating Reserve.  

 If the dispatch status for a Resource does not indicate it is eligible for Energy Dispatch, 

then such Resource shall not be subject to charges and credits calculated under Section 

8.6.15 of this Attachment AE and shall not be subject to the deviation calculations under 

Sections 8.6.7(A)(2)(e) and 8.6.7(A)(2)(g) of this Attachment AE. 

(12) Resource limits submitted as part of the Resource Offer must pass the validation rules 

defined in the Market Protocols, otherwise, the Resource Offer will be rejected; and 

(13) The Market Participant must comply with the must-offer requirements as defined in 

Section 2.11 of this Attachment AE. 

 

5.1 Day-Ahead Market 

The Transmission Provider shall conduct the Day-Ahead Market as described in the 

Subsections below.  Offers and Bids must be submitted by the close of the Day-Ahead Market 

which is 0930 hours Day-Ahead.  The Transmission Provider shall post the Day-Ahead Market 

results by 1400 hours Day-Ahead.  The Transmission Provider may extend these times to account 

for unforeseen circumstances and, under such circumstances, the Transmission Provider shall 

notify Market Participants of any such timing delays. 

5.1.3 Day-Ahead Market Results 

No later than posting of the Day-Ahead Market, the Transmission Provider will notify 

each Market Participant of the Day-Ahead Market results for each hour of the Operating Day. 

The following results are communicated to each Market Participant for only its specific 

Resources: 

(1) Cleared Resource Offers for Energy, Regulation-Up Service, Regulation-Down Service, 

Spinning Reserve or Supplemental Reserve; 
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(a) Cleared Offers for Energy associated with Resource Offers represent a physical 

Resource commitment. 

(b) Resources committed by the Transmission Provider in the Day-Ahead Market that 

incur one or more start-up costs within the Operating Day as a result of the 

Transmission Provider Day-Ahead Market commitment are guaranteed to receive 

revenues that are at least equal to the Resource Offer costs for the cleared amount 

of Energy, Regulation-Up Service, Regulation-Down Service, Spinning Reserve 

or Supplemental Reserve for that Resource. 

(2) Cleared Virtual Energy Offers; 

(3) Cleared Import Interchange Transaction Offers; 

(4) Cleared Demand Bids; 

(5) Cleared Virtual Energy Bids; 

(6) Cleared Export Interchange Transaction Bids; and 

(7) Cleared Through Interchange Transactions. 

 

The following results are communicated to all Market Participants:  

(1) LMPs for each Settlement Location, the marginal Energy component (“MEC”) of the 

LMP, the Marginal Congestion Component (“MCC”) of the LMP and the Marginal Loss 

Component (“MLC”) of the LMP for each Settlement Location; and 

(2) MCPs for Regulation-Up Service, Regulation-Down Service, Spinning Reserve and 

Supplemental Reserve for each Reserve Zone. 

5.2 Day-Ahead Reliability Unit Commitment 

Forty-five minutes following the posting of the Day-Ahead Market results, the 

Transmission Provider will begin the Day-Ahead RUC to assess capacity adequacy during the 

Day-Ahead period and remainder of the current Operating Day.    

5.2.3 Day-Ahead Reliability Unit Commitment Results 

No later than  two-and-one-half (2.5) hours following the start of the Day-Ahead RUC the 

Transmission Provider shall communicate the following results to Market Participants.  The 

Transmission Provider will update the Current Operating Plan, if needed, and issue start-up and/or 

shut-down orders simultaneously, which may occur anytime after the Transmission Provider posts 

the results of the Day-Ahead RUC.  The Day-Ahead RUC results include: 
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(1) For any future hours in which the Transmission Provider anticipates an emergency 

situation, the Transmission Provider shall notify all Market Participants identifying: the 

hours in which the emergency capacity of any Resources are expected to be required; the 

hours in which Resources are identified for reliability only use, as described in Section 

4.1(10)(c) of this Attachment AE, are expected to be committed; the hours in which non-

firm fixed Export Interchange Transactions are expected to be curtailed; and the hours in 

which non-firm fixed Import Interchange Transactions are expected to be curtailed.   

(a) Affected Market Participants will be notified at least ten (10) minutes prior to the 

beginning of the Operating Hour but not more than thirty (30) minutes prior to the 

beginning of the Operating Hour that the Maximum Emergency Capacity Operating 

Limit will be used; and  

(b) Affected Market Participants will be notified at least ten (10) minutes prior to the 

beginning of the Operating Hour but not more than thirty (30) minutes prior to the 

beginning of the Operating Hour that the Minimum Emergency Capacity Operating 

Limit will be used. 

(2) Using the results from the Day-Ahead RUC analysis, the Transmission Provider will 

update the Current Operating Plan and will issue start-up and shut-down orders as 

appropriate.  The Transmission Provider can only de-commit Day-Ahead Market 

committed Resources to address an anticipated excess supply condition as described under 

Section 5.2.2(2)(b) of this Attachment AE and/or to address any other Emergency 

conditions. If the Transmission Provider de-commits a Transmission Provider committed 

Resource for any hour of the Day Market commitment schedule, and causes that the 

Resource to buy back its Energy and/or Operating Reserve position at RTBM prices that 

exceed the Day Ahead Market prices for the comparable products, that Resource is eligible 

for compensation under Section 8.6.6(2) of this Attachment AE.   

Attachment AF: 

3.2 Mitigation Measures for Energy Offer Curves 

Mitigated Energy Offer Curves shall be submitted on a daily basis by the Market 

Participant in accordance with the mitigated offer development guidelines in the Market 

Protocols.  The mitigated Energy Offer Curve may be updated up to the close of the Day-

Ahead Market as defined in Section 5.1 of Attachment AE of this Tariff for use in the Day-

Ahead Market.  In the case a Resource is not committed by the Day-Ahead Market, the 
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mitigated Energy Offer Curve may be updated until the Day-Ahead RUC begins.  For 

Resources committed by the Day-Ahead Market, the mitigated Energy Offer Curve 

submitted as of the close of the Day-Ahead Market will apply to the Day-Ahead Market 

on the day before the Operating Day and the RTBM on the Operating Day; for all other 

Resources the mitigated Energy Offer Curve submitted at the time the Day-Ahead RUC 

begins will apply to the Day-Ahead RUC on the day before the Operating Day, and the 

Intra-Day RUC processes and the RTBM on the Operating Day. 

A.  The Energy Offer Curve conduct thresholds are as follows:  

(1) For Resources committed to address a Local Reliability Issue, the conduct 

threshold is a 10% increase above the mitigated Energy Offer Curve; 

(2) For Resources located in a Frequently Constrained Area and not subject to 

Section 3.2(A)(1), the conduct threshold is a 17.5% increase above the 

mitigated Energy Offer Curve;  

(3) For all other Resources the conduct threshold is a 25% increase above the 

mitigated Energy Offer Curve. 

B. The Transmission Provider shall apply mitigation measures by replacing the 

Energy Offer Curve with the mitigated Energy Offer Curve if: 

(1) The Resource’s Energy Offer Curve exceeds the mitigated Energy Offer 

Curve by the applicable conduct threshold; and 

(2) The Resource has local market power as determined in Section 3.1; and 

(3) The Resource either: 

(a)  Fails the Market Impact Test as described in Section 3.7, or 

(b) Is manually committed by the Transmission Provider or by a local 

transmission operator.     

An Energy Offer below $25/MWh will not be subject to mitigation measures for 

economic withholding.   

C. The mitigated energy offer shall be the Resource’s short-run marginal cost of 

producing energy as determined by the unit’s heat rate; fuel costs and the costs 

related to fuel usage, such as transportation and emissions costs (“total fuel related 

costs”); and Energy Offer Curve (“EOC”) variable operations and maintenance 

costs (“VOM”) as detailed in the Market Protocols.   
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D. Opportunity cost shall be an estimate of the Energy and Operating Reserve Markets 

revenues net of short run marginal costs for the marginal forgone run time during 

the timeframe when the Resource experiences the run-time restrictions as detailed 

in the Market Protocols.  The run-time restrictions shall be updated as specified in 

the Market Protocols, with more frequent updating to occur the fewer hours that 

remain available, consistent with the Market Protocols.  The Market Participant 

may include in the calculation of its mitigated Energy Offer Curve an amount 

reflecting the resource-specific opportunity costs expected to be incurred under the 

following circumstances:   

(1) Externally imposed environmental run-hour restrictions; or 

(2) Physical equipment limitations on the number of starts or run-hours, as 

verified by the Market Monitoring Unit and determined by reference to the 

manufacturer’s recommendation or bulletin, or a documented restriction 

imposed by the applicable insurance carrier; or 

(3) Fuel Supply Limitations. 

Resource specific opportunity costs are calculated by forecasting Locational 

Marginal Prices based on futures contract prices for natural gas and the historical 

relationship between the SPP system marginal Energy component of LMP and the 

price of natural gas, as determined by the SPP Market Monitoring Unit.  The 

formulas and instructions in the price forecast model shall be determined by the 

SPP Market Monitoring Unit and published in the Market Protocols as part of the 

Mitigated Offer Development Guidelines, updated, as needed, by the SPP Market 

Monitoring Unit.  Such forecasts of LMPs shall take into account historical 

variability, and basis differentials affecting the Settlement Location at which the 

Resource is located for the three-year period immediately preceding the period of 

time in which the Resource is bound by the referenced restrictions, and shall 

subtract therefrom the forecasted costs to generate energy at the Settlement 

Location at which the Resource is located, as specified in more detail in Appendix 

G of the Market Protocols.  If the difference between the forecasted Locational 

Marginal Prices and forecasted costs to generate energy is negative, the resulting 

opportunity cost shall be zero.  The Market Monitoring Unit will verify all Market 

Participants’ opportunity cost calculations for consistency and accuracy.  When the 

Market Monitoring Unit determines that the market price for any period was not 
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competitive, it will adjust the LMP forecasting process used in the opportunity cost 

calculations to ensure that forecasted LMPs do not reflect non-competitive market 

conditions.  

 The following formula shall apply to all mitigated Energy Offer Curves: 

Mitigated Energy Offer ($/MWh) = HeatRate (mmBtu/MWh) * 

Performance Factor * Total Fuel Related Costs ($/mmBtu) + EOC VOM 

($/MWh) + Opportunity Costs ($/MWh) 

 

The Market Participant shall submit heat rate curves, descriptions of how spot fuel 

prices and/or contract prices are used to calculate fuel costs, variable fuel 

transportation and handling costs, emissions costs,  and VOM to the Market 

Monitoring Unit.  All cost data and cost calculation descriptions are subject to the 

review and approval of the SPP Market Monitoring Unit to ensure reasonableness 

and consistency across Market Participants.  The information will be sufficient for 

replication of the mitigated Energy Offer Curve and shall include, among other 

data, the following information: 

(1) For fuel costs, Market Participants shall provide the Market Monitoring 

Unit with an explanation of the Market Participants’ fuel cost policy, 

indicating whether fuel purchases are subject to a fixed contract price and/or 

spot pricing and specifying the contract price and/or referenced spot market 

prices.  Any included fuel transportation and handling costs must be short-

run marginal costs only, exclusive of fixed costs. 

(2) For emissions costs, Market Participants shall report the emissions rate of 

each of their units and indicate the applicable emissions allowance cost.   

(3) For VOM costs, Market Participants shall submit VOM costs, calculated in 

adherence with the Appendix G of the Market Protocols, reflecting short-

run marginal costs, exclusive of fixed costs.   

Further details associated with the development, validation, and updating of these 

costs are included in Appendix G of the Market Protocols. 

For Demand Response Resources utilizing Behind-The-Meter Generation, the 

mitigated Energy Offer Curve shall be developed in the same manner as any other 

generating Resource as described above.  For Demand Response Resources 

utilizing load reduction, the mitigated Energy Offer Curve shall reflect the 
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quantifiable opportunity costs associated with the reduction, net of related 

offsetting increases in usage. 

For Dispatchable Variable Energy Resources, the mitigated Energy Offer Curve 

may include, but shall not exceed, any quantifiable costs that vary by MWh output, 

including short-run incremental VOM.  Mitigation will not apply to Non-

Dispatchable Variable Energy Resources in the Real-Time Balancing Market; 

monitoring of Energy Offers for Non-Dispatchable Variable Energy Resources will 

occur. 

E. Intra-day changes to the mitigated Energy Offer Curve are allowed under the 

following conditions: 

1) In the event that the Transmission Provider requests that a Resource remain 

online past their commitment period by the Day-Ahead Market or a RUC process, 

the Market Participant may submit an updated mitigated energy offer curve that 

reflects the procurement of higher cost fuel; 

2) A Resource must switch fuels due to unforeseen operating conditions; or 

3) A Market Participant employing the Quick-State Resource logic as 

described in the Market Protocols may update its mitigated Energy Offer 

Curve after the Day-Ahead RUC clears on the day before the Operating 

Day, as described in Appendix G of the Market Protocols. 

Intra-day changes to the mitigated energy offer curve must follow the mitigated 

offer development guidelines in Appendix G of the Market Protocols. Any such 

changes will be validated by the Market Monitor. 

F. In all cases under this Section 3.2, cost data submitted for the development of 

mitigated offers, including opportunity cost data, shall be subject to the 

confidentiality provisions set forth in Section 11 of Attachment AE of this Tariff. 

3.3 Mitigation Measures for Start-Up Offers and No-Load Offers 

A mitigated Start-Up Offer and a mitigated No-Load Offer shall be submitted daily by the 

Market Participant in accordance with the mitigated offer development guidelines in the 

Market Protocols.  The mitigated Start-Up and No-Load Offers may be updated up to the 

close of the Day-Ahead Market for use in the Day-Ahead Market.  In the case a Resource 

is not committed by the Day-Ahead Market, the Start-Up and No-Load Offers may be 

updated until the Day-Ahead RUC begins.  The mitigated Start-Up and No-Load Offers 
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submitted at the time the Day-Ahead RUC begins will apply to the Day-Ahead RUC on 

the day before the Operating Day and the Intra-Day RUC on the Operating Day.   

A. The Start-Up and No-Load Offer conduct thresholds are as follows:   

(1) For Resources committed to address a Local Reliability Issue, the conduct 

threshold is a 10% increase above the mitigated Start-Up or mitigated No-

Load Offer, as applicable; 

(2) For all other Resources the conduct threshold is a 25% increase above the 

mitigated Start-Up or mitigated No-Load Offer, as applicable. 

B. The Transmission Provider shall apply mitigation measures by replacing the Start-

Up or No-Load Offer with the applicable mitigated Start-Up or No-Load Offer if: 

(1) The Resource’s Start-Up or No-Load Offer exceeds the mitigated Start-Up 

or mitigated No-Load Offer, as applicable, by the applicable conduct 

threshold; and 

(2) The Resource has local market power as determined in Section 3.1; and 

(3) The Resource either: 

(a) Fails the Market Impact Test as described in Section 3.7, or 

(b) Is manually committed by the Transmission Provider or by a local 

transmission operator. 

C. The mitigated Start-Up Offer shall represent the cost per start as determined from 

start fuel usage and the costs related to that fuel usage, Performance Factor cost of 

electricity for station use to start (“Station Service”), maintenance costs attributed 

to starts, and additional labor costs, if required above normal station staffing levels.  

The following formula shall apply to all mitigated Start-Up Offers: 

Mitigated Start-Up Offer ($/Start) = [Start Fuel (mmBtu/Start) * 

Total Fuel Related Costs ($/mmBtu) * Performance Factor] + [Station 

Service (MWh/Start) * 

Station Service Rate ($/MWh)] + Start VOM ($/Start) + Start Additional 

Labor Cost ($/Start) 

The mitigated Start-Up Offer for Demand Response resources shall be the cost to 

shut down or curtail load for a given period, which varies with the number of 

deployments rather than the amount of response, and/or the start cost of Behind-
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The-Meter Generation utilizing the mitigated Start-Up Offer calculation applicable 

to other generation Resources as defined above. 

The mitigated Start-Up Offer for Variable Energy Resources shall be zero. 

D. The mitigated No-Load Offer shall be the hourly fixed cost required to create a 

monotonically increasing mitigated Energy Offer Curve.  It shall be calculated 

according to either of two methods: 

(1) No-Load Fuel Approach 

Mitigated No-Load Offer ($/hour) = No Load Fuel (mmBtu/hour) * 

Performance Factor * (No-Load VOM ($/mmBtu) + 

Total Fuel Related Cost ($/mmBtu) 

(2) No-Load Cost Approach 

Mitigated No-Load Offer ($/hour) =  

(Heat Input at Minimum Economic Capacity Operating Limit 

(mmBtu) * Performance Factor * 

(Total Fuel Related Cost ($/mmBtu) + No Load VOM ($/mmBtu) ) 

) – 

(Incremental Cost up to Minimum Economic Capacity Operating 

Limit ($/MWh) * Minimum Economic Capacity Operating Limit 

(MW) ) 

The mitigated No-Load Offer for Demand Response Resources utilizing 

Behind-The-Meter Generation shall adhere to the same definition above as a 

generating Resource.  For Demand Response Resources utilizing load 

reduction, the mitigated No-Load Offer shall not exceed the quantifiable 

ongoing hourly costs associated with load reduction. 

The mitigated No-Load Offer for Variable Energy Resources shall be zero. 

E. The Market Participant shall submit all inputs used in calculating mitigated Start-

Up and mitigated No-Load Offers to permit the Market Monitor to verify submitted 

offers.  Required information includes: heat rate curves, descriptions of how spot 

fuel prices and/or contract prices are used to calculate fuel costs, variable fuel 

transportation and handling costs, emissions costs, and VOM.  All cost data and 

cost calculation descriptions are subject to the review and approval of the SPP 

Market Monitoring Unit to ensure reasonableness and consistency across Market 
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Participants.  Information to be provided by the Market Participant shall include the 

following: 

(1) For fuel costs, Market Participants shall provide the Market Monitoring 

Unit with an explanation of the Market Participants’ fuel cost policy, 

indicating whether fuel purchases are subject to a fixed contract price and/or 

spot pricing and specifying the contract price and/or referenced spot market 

prices.  Any included fuel transportation and handling costs must be short-

run marginal costs only, exclusive of fixed costs. 

(2) For emissions costs, Market Participants shall report the emissions rate of 

each of their units and indicate the applicable emissions allowance cost.   

(3) For VOM costs, Market Participants shall submit VOM costs reflecting 

short-run marginal costs, exclusive of fixed costs.   

 Further details associated with the development, validation and updating of these 

costs are included in Appendix G of the Market Protocols. 

F. Intra-day changes to the mitigated Start-Up and mitigated No-Load Offers are 
allowed under the following conditions: 
1.) In the event that the Transmission Provider requests that a Resource remain 

online past their commitment period, the Market Participant may submit 

updated mitigated Start-Up and mitigated No-Load Offers that reflect the 

procurement of higher cost fuel; 

2.) A Resource must switch fuels due to unforeseen operating conditions; or 

3.) A Market Participant employing the Quick-Start Resource logic as 

described in the Market Protocols may update its mitigated Start-Up and 

mitigated No-Load offers as described in Appendix G of the Market 

Protocols.  

Intra-day changes to the mitigated Start-Up and mitigated No-Load offers must 

follow the mitigated offer development guidelines Appendix G of in the Market 

Protocols. Any such changes will be validated by the Market Monitor. 

G. In all cases under this Section 3.3, cost data submitted for the development of 

mitigated offers, including opportunity cost data, shall be subject to the 

confidentiality provisions set forth in Section 11 of Attachment AE of this Tariff. 
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3.4 Mitigation Measures for Operating Reserve Offers 

A mitigated offer for each Operating Reserve product shall be submitted daily by the 

Market Participant in accordance with the mitigated offer development guidelines in the 

Market Protocols.  The mitigated Operating Reserve Offers may be updated up to the close 

of the Day-Ahead Market for use in the Day-Ahead Market.  In the case a Resource is not 

committed by the Day-Ahead Market, the mitigated Operating Reserve Offers may be 

updated until the Day-Ahead RUC begins.  For Resources committed by the Day-Ahead 

Market, the mitigated Operating Reserve Offers submitted as of the close of the Day-Ahead 

Market will apply to the Day-Ahead Market on the day before the Operating Day and the 

RTBM on the Operating Day; for all other Resources, the mitigated Operating Reserve 

Offers submitted at the time the Day-Ahead RUC begins will apply to the RTBM on the 

Operating Day.   

A. The offer conduct thresholds for each of the Operating Reserve products are as 

follows:    

(1) For Resources committed to address a Local Reliability Issue, the conduct 

threshold is a 10% increase above the mitigated offer for the applicable 

Operating Reserve Offer; 

(2) For all other Resources, the conduct threshold is a 25% increase above the 

mitigated offer for the applicable Operating Reserve Offer. 

B. Any Operating Reserve Offer exceeding the applicable threshold, except offers 

below $10/MWh, will be deemed excessive.  The Transmission Provider shall 

apply mitigation measures by replacing the Operating Reserve Offer with the 

applicable mitigated Operating Reserve Offer if: 

(1) The Resource’s Operating Reserve Offer exceeds the applicable mitigated 

offer by the conduct threshold; and 

(2) The Resource has local market power as determined in Section   3.1; and 

(3) The Resource either: 

(a) Fails the Market Impact Test as described in Section 3.7,   or 

(b) Is manually committed by the Transmission Provider or by a local 

transmission operator. 

C. The mitigated Spinning Reserve Offer shall be equal to zero for Resources other 

than combustion turbines, reciprocating engines and hydro Resources operating as 

Deleted: 1100 

Deleted: hours on the day before the Operating Day

Deleted: 1100 

Deleted: hours on the day before the Operating Day
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a synchronous condenser.  No known incremental costs are incurred for providing 

Spinning Reserves from other resource types.  

 Total mitigated Spinning Reserve Offer for combustion turbines, reciprocating 

engines and hydro Resources operating as a synchronous condenser shall not 

exceed any additional fuel related costs, maintenance costs and power consumption 

costs necessary for the Resource to be prepared for deployment of Spinning 

Reserve: 

Mitigated Spinning Reserve Offer ($/MW) ≤ 

(Additional Fuel Cost($/Hr) + Additional Maintenance Cost 

($/Hr) + Condensing Power Cost ($/Hr) ) /  

Spinning Reserve MW 

The mitigated Supplemental Reserve Offer shall not exceed labor costs necessary for the 

Resource to be prepared for deployment of Supplemental Reserve: 

Mitigated Supplemental Reserve Offer ($/MW) < 

Additional Labor Cost($) / Average Supplemental Reserve MW 

D. The mitigated Regulation-Up Service Offer shall not exceed the sum of the cost 

increase due to: 

(1) the heat rate increase during non-steady state operation, 

(2) increase in VOM due to non-steady state operation,  

(3) uncompensated costs, as described in the Market Protocols: 

Where: 

Mitigated Regulation-Up Service Offer = Mitigated Regulation-Up Offer 

($/MW) + Mitigated Regulation-Up Mileage Offer ($/MW),  

Mitigated Regulation-Up Offer ($/MW) ≤ Uncompensated Cost ($/MW), 

and 

Mitigated Regulation-Up Mileage Offer ($/MW) ≤ 

(Cost Increase due to Heat Rate Increase during non-steady state operation 

+ Cost Increase in VOM) * Regulation-Up Mileage Factor 

E. The mitigated Regulation-Down Service Offer shall not exceed the sum of the cost 

increase due to: 

(1) the heat rate increase during non-steady state operation,  

(2) increase in VOM due to non-steady state operation,  

(3) uncompensated costs, as described in the Market Protocols: 
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Where:   

Mitigated Regulation-Down Service Offer = Mitigated Regulation-Down 

Offer ($/MW) + Mitigated Regulation-Down Mileage Offer 

($/MW),  

Mitigated Regulation-Down Offer ($/MW) ≤ Uncompensated Cost 

($/MW), and 

Mitigated Regulation-Down Mileage Offer ($/MW) ≤ 

(Cost Increase due to Heat Rate Increase during non-steady state operation 

+ Cost Increase in VOM) * Regulation-Down Mileage Factor 

Further details associated with the development of the exact costs in the formulas 

above are included in the Market Protocols. 

F. Intra-day changes to the mitigated Operating Reserve Offers are allowed under the 
following conditions: 
1.) In the event that the Transmission Provider requests that a Resource that is 

supplying Operating Reserves remain online past their commitment period 
by the Day-Ahead Market or a RUC process, the Market Participant may 
submit an updated mitigated Operating Reserve offer curve that reflects the 
procurement of higher cost fuel; 

2.) A Resource must switch fuels due to unforeseen operating conditions; or 
3.) Intra-day changes to the mitigated Regulation-Up and mitigated 

Regulation-Down Offers are allowed after  the Day-Ahead RUC clears on 
the day before the Operating Day under the following condition: 
a. The Resource incurs the uncompensated cost in Section 3.4(D)(3) 

of this Attachment AF, for which the mitigated offer calculation is 
described in Appendix G of the Market Protocols.  

Intra-day changes to the mitigated Operating Reserve Offer curve must follow the 

mitigated offer development guidelines in Appendix G and Section 8.2.2 of the 

Market Protocols.  Any such changes will be validated by the Market Monitor. 

G. The Market Participant may include in the calculation of its mitigated Operating 

Reserve Offer an amount reflecting the Resource-specific opportunity costs if the 

Market Participant is able to demonstrate to the satisfaction of the SPP Market 

Monitoring Unit that such costs are legitimate and verifiable and not otherwise 

included in market outcomes.  To the extent such costs include run-time 

restrictions, such run-time restrictions shall be updated as specified in the Market 
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Protocols, with more frequent updating to occur the fewer hours that remain 

available, consistent with the Market Protocols.  The formulas and instructions in 

the price forecast model for any such opportunity costs shall be determined by the 

SPP Market Monitoring Unit and published in the Market Protocols as part of the 

Mitigated Offer Development Guidelines, updated, as needed, by the SPP Market 

Monitoring Unit.  Opportunity costs for mitigated Operating Reserve Offers shall 

not include Energy and Operating Reserve Markets revenues associated with 

forgone Energy or other types of Operating Reserve production to the extent that 

such costs are included in market outcomes. 

H. All cost data and cost calculation descriptions are subject to the review and approval 

of the SPP Market Monitoring Unit to ensure reasonableness and consistency 

across Market Participants.  The information will be sufficient for replication of the 

mitigated Operating Reserve Offers and shall include, among other data, the 

following information: 

(1) For fuel costs, Market Participants shall provide the Market Monitoring Unit 

with an explanation of the Market Participants’ fuel cost policy, indicating 

whether fuel purchases are subject to a fixed contract price and/or spot pricing 

and specifying the contract price and/or referenced spot market prices.  Any 

included fuel transportation and handling costs must be short-run marginal costs 

only, exclusive of fixed costs. 

(2) For emissions costs, Market Participants shall report the emissions rate of each 

of their units and indicate the applicable emissions allowance cost. 

(3) For VOM costs, Market Participants shall submit VOM costs, calculated in 

adherence with the Appendix G of the Market Protocols, reflecting short-run 

marginal costs, exclusive of fixed costs. 

I. In all cases under this Section 3.4, cost data submitted for the development of 

mitigated offers, including opportunity cost data, shall be subject to the 

confidentiality provisions set forth in Section 11 of Attachment AE of this Tariff. 

SPP Criteria 
 
N/A 
 

SPP Business Practices 
 



Page 29 of 29 
 

N/A 
 

 
 

 



 

Southwest Power Pool, Inc. 
Markets and Operations Policy Committee 
Recommendation to the Board of Directors 

July 28, 2015 
2015 ITPNT and ITP10 Cost Variance NTC Re-evaluations 

 

Organizational Roster 
The following persons represent the Southwest Power Pool: 

Carl Monroe, Executive Vice President and Chief Operating Officer 
Lanny Nickell, Vice President, Engineering 
Antoine Lucas, Director, Planning 
 

 

Background 
On February 19, 2014, the SPP Board of Directors (Board) approved the 2015 Integrated Transmission 
Planning Near-Term Assessment (ITPNT) and Integrated Transmission Planning 10-Year Assessment 
(ITP10) reports, including the projects that had been identified as needed in those studies.  SPP 
subsequently issued Notifications to Construct (NTCs) to the designated Transmission Owners (TOs) for 
the approved projects in mid-February.  The NTCs stipulated that the TOs provide to SPP written 
commitments to construct the projects and NTC Project Estimates (NPEs) within 90 days of the date of 
issuance listed on the NTCs.  

Within their written commitments to construct, the TOs requested that 10 projects be re-evaluated of the 
40 projects issued NTCs.  Of the remaining 30 projects, 26 were found to have NPEs outside the 
bandwidths of their respective Study Estimates.  The total variance for the 30 projects with NPEs is 
below: 

Number 
of 

Projects 

Study Estimate  
(Adjusted for 

Inflation) 
NPE Variance Variance 

% 

30 $145,067,305 $239,899,547 $94,832,242 65.4% 

 

Although Business Practice 7060 (BP7060) does not require an automatic re-evaluation of a project if the 
bandwidth of an NPE exceeds the bandwidth of its Study Estimate (as with NTC-C Project Estimates 
(CPEs) for Notifications to Construct with Conditions (NTC-Cs)), section 6.1 of BP7060 states that 
changes in cost estimates could cause an NTC for a project to be re-studied. 

To reduce the number of project re-evaluations to consider, Staff used the following as guidelines to filter 
the group of 26 projects with out-of-bandwidth NPEs: 

- Apply Attachment Y business rule for Competitive Upgrades which directs a Board review if all 
cost estimates in RFP responses are 30% or higher than the Study Estimate (BP7060 directs  an 
automatic re-evaluation of an NTC-C if CPE is higher than 8.3% of Study Estimate) 



 

- Apply guideline approved by MOPC in July 2013 to report cost variances for only projects with a 
cost estimate of $5 million or more 

Applying these two filters reduces the number of out-of-bandwidth projects to be considered for re-
evaluation from 26 to eight, and includes $88.6 million, or 93.5%, of the overall cost variance of the 
projects with NPEs.  

  

Analysis 
The table below provides a summary of the cost estimate data for the eight projects considered for re-
evaluation:   

Project 
Study Estimate                           

(Adjusted for 
Inflation) 

NPE Variance Variance 
% 

Hobart - Roosevelt Tap - Snyder 69 kV 
Rebuild $14,312,133  $36,017,091  $21,704,958  151.7% 

Mineola - Grand Saline 69 kV Rebuild $7,429,561  $22,967,874  $15,538,313  209.1% 

South Shreveport - Wallace Lake 138 kV 
Rebuild $10,268,933  $18,553,018  $8,284,085  80.7% 

Linwood - South Shreveport 138kV 
Rebuild $3,494,924  $7,062,332  $3,567,408  102.1% 

Mingo 345/115 kV Ckt 2 Transformer $6,129,424  $9,842,317  $3,712,894  60.6% 

Martin - Pantex North - Pantex South - 
Highland Park 115 kV Reconductor $9,076,414  $19,534,266  $10,457,852  115.2% 

Labette - Neosho SES 69 kV Rebuild $2,105,704  $6,088,561  $3,982,857  189.1% 

Iatan - Stranger Creek 345 kV Voltage 
Conversion $16,119,447  $37,510,000  $21,390,553  132.7% 

 

More details of the eight projects considered for re-evaluation are below:   

• Hobart - Roosevelt Tap - Snyder 69 kV Rebuild (AEP) 
o NTC Scope: Rebuild 10-mile 69 kV line from Hobart to Roosevelt Tap. Upgrade jumpers, 

switches, CT ratios, and relay settings at Hobart.  Rebuild 18.7-mile 69 kV line from 
Roosevelt Tap to Snyder. Upgrade jumpers, switches, CTs, and relay settings at Snyder. 

o 2015 ITPNT 
o Regional Reliability 
o Need Date 6/1/2015 
o Projected In-Service Date 6/1/2018 
o Cost factors: 

 AEP proposing to construct with 138 kV standards due to likely future 
conversion, especially considering wind generation development in this area; 
Study Estimate assumes 69 kV 

 Additional ROW required (not due to 138 kV construction) 
 Acquisition of railway licenses and highway permits 



 

 Portion of line crosses through Mountain Park Wildlife Management Area 
 Possible jurisdiction of Great Plains State Park and State Park Service 
 Replacing facilities built in the 1940s 

 Additional substation work required beyond what is in study estimate 
 NPE included $6.5 million in contingency 

 
 

• Mineola - Grand Saline 69 kV Rebuild (AEP) 
o NTC Scope: Rebuild 13.8-mile Grand Saline - Mineola 69 kV line, and upgrade jumpers, 

switches, CT ratios and relay settings at both substations. 
o 2015 ITPNT 
o Regional Reliability 
o Need Date 4/1/2020 
o Projected In-Service Date 6/1/2020 
o Cost factors: 

 AEP proposing to construct with 138 kV standards due to likely future conversion 
and the majority of the line already being double-circuited on 138 kV structures; 
Study Estimate assumes 69 kV 

  Very complex line rebuild 
  7 miles of line on existing double-circuit structures 
  4 miles of underbuild 

  Replacing older facilities 
  Additional substation work required beyond what is in study estimate 

  NPE included $2.8 million in contingency 
 
 

• South Shreveport - Wallace Lake 138 kV Rebuild (AEP) 
o NTC Scope: Rebuild 11.2-mile 138 kV line from South Shreveport to Wallace Lake. 

Upgrade wavetrap and conductor at South Shreveport. 
o 2015 ITP10 
o Regional Reliability 
o Need Date 6/1/2019 
o Projected In-Service Date 6/1/2019 
o Cost factors: 

 Urban construction near neighborhoods 
 Located in designated wetland area 
 Wet weather driving up contingency costs ($3.5 million) 
 Replacing older facilities 

 Additional substation work required beyond what is in study estimate 
 

• Linwood - South Shreveport 138kV Rebuild (AEP) 
o NTC Scope: Rebuild 2.4-mile 138 kV line from Linwood to South Shreveport.   Upgrade 

jumpers at Linwood. 
o 2015 ITPNT 
o Regional Reliability 
o Need Date 6/1/2017 
o Projected In-Service Date 6/1/2018 
o Cost factors: 

 Urban construction near neighborhoods 
 Wet weather driving up contingency costs ($860 K) 
 Replacing older facilities 

 Additional substation work required beyond what is in study estimate 

 



 

• Mingo 345/115 kV Ckt 2 Transformer (SEPC) 
o NTC Scope: Install a second 345/115 kV transformer at Mingo. Install any necessary 115 

kV terminal equipment. 
o 2015 ITPNT 
o Regional Reliability 
o Need Date 6/1/2015 
o Projected In-Service Date 6/1/2016 
o Cost factors: 

 More substation work required than assumed in Study Estimate to protect layout 
for breaker-and-half scheme required to keep both 345/115 kV transformers at 
substation on separate breakers 

 
 

• Martin - Pantex North - Pantex South - Highland Park 115 kV Reconductor (SPS) 
o NTC Scope: Reconductor 3.4-mile 115 kV line from Pantex North to Pantex South to 

achieve a new rating of 240 MVA. Reconductor 6.8-mile 115 kV line from Highland Park 
Tap to Pantex South to achieve a new emergency rating of 240 MVA. Replace wave trap 
at Pantex South. Replace switch at Highland Park Tap. Reconductor 5.1-mile 115 kV line 
from Martin to Pantex North to achieve a new rating 240. Replace wave trap at Pantex 
North. Replace switch at Highland Park Tap. 

o 2015 ITP10 
o Regional Reliability 
o Need Date 4/1/2019 
o Projected In-Service Date 4/1/2019 
o Cost factors: 

 Study Estimate assumed the replacement of conductor only was required to 
achieve new rating; NPE estimates for a complete wreck-out and rebuild 

 
 

• Labette - Neosho SES 69 kV Rebuild (Westar) 
o NTC Scope: Rebuild 4.6-mile 69 kV line from Labette to Neosho SES. 
o 2015 ITP10 
o Regional Reliability 
o Need Date 6/1/2019 
o Projected In-Service Date 6/1/2019 
o Cost factors: 

 Length of line corrected in NPE and models to 6.0 miles instead of 4.6.  
 Additional ROW costs expected by Westar ($500 K) 
 NPE included $1.3 million in contingency 
 Scope discrepancy (monopole vs. H-frame construction and conductor size 

difference) 
 
 

 
• Iatan - Stranger Creek 345 kV Voltage Conversion (Westar/GMO/KCPL) 

o NTC Scope: Convert 18.2-mile 161 kV line from Iatan to Stranger Creek to 345 kV 
operation.  

o 2015 ITP10 
o Economic 
o Need Date 1/1/2019 
o Projected In-Service Date 1/1/2019 
o Cost factors: 

 Consistent with DPP, Study Estimate assumes 14 miles of structure replacement 
and no conductor replacement 



 

 NPE assumes 18.2 miles of structure replacement and 10.8 miles of conductor 
replacement 

 
The table below provides a summary of Staff’s recommendation to the MOPC: 
 

Project Name Recommendation 

Hobart - Roosevelt Tap - Snyder 69 kV Rebuild Suspend NTC and restudy in 2016 ITPNT 

Mineola - Grand Saline 69 kV Rebuild Suspend NTC and restudy in 2016 ITPNT 

South Shreveport - Wallace Lake 138 kV Rebuild 
Suspend NTC; restudy in Regional Review of SPP-
MISO Coordinated System Plan Study and 2016 
ITPNT 

Mingo 345/115 kV Ckt 2 Transformer No action (NTC commitment accepted) 

Linwood - South Shreveport 138kV Rebuild Suspend NTC and restudy in 2016 ITPNT 

Martin - Pantex North - Pantex South - Highland 
Park 115 kV Reconductor Suspend NTC and restudy in 2016 ITPNT 

Labette - Neosho SES 69 kV Rebuild Suspend NTC and restudy in 2016 ITPNT 

Iatan - Stranger Creek 345 kV Voltage Conversion 
Suspend NTC; restudy in Regional Review of SPP-
MISO Coordinated System Plan Study and 2017 
ITP10 

 

 

Recommendation 
MOPC recommends the Board of Directors approve Staff’s recommendation for the following projects: 

• South Shreveport - Wallace Lake 138 kV Rebuild 
• Mingo 345/115 kV Ckt 2 Transformer 
• Martin - Pantex North - Pantex South - Highland Park 115 kV Reconductor 
• Iatan - Stranger Creek 345 kV Voltage Conversion   

 
 
APPROVED: MOPC July 14-15, 2015 

  Passed with one opposed – Oklahoma Municipal Power Authority, four 
abstentions - Midwest Gen, LLC, City of Independence, Missouri, Prairie Wind 
Transmission, LLC, Flat Ridge 2 Wind Energy, LLC 

  

 

Action Requested 

 

Approve Recommendation 

 

 

  

 



 

Relationship-Based  •  Member-Driven  •  Independence Through Diversity 

Evolutionary vs. Revolutionary  •  Reliability & Economics Inseparable 

Southwest Power Pool, Inc. 

Regional State Committee, Board of Directors/Members Committee &  

Regional Entity Trustees 

Future Meeting Dates & Locations 

 

2015 

RET/RSC/BOD   October 26-27    Little Rock 
(Annual Meeting of Members) 

** BOD    December 8    Little Rock 

 

2016 

RET/RSC/BOD   January 25-26    Oklahoma City 

RET/RSC/BOD   April 25-26    Sante Fe 

* BOD     June 13-14    Little Rock 

RET/RSC/BOD   July 25-26    Rapid City, SD 

RET/RSC/BOD   October 24-25    Little Rock 
(Annual Meeting of Members) 24 October – 75th Anniversary Celebration/Dinner 

** BOD    December 6    Little Rock 

 

The RET/RSC/BOD meetings are Monday/Tuesday with the RET meeting on Monday morning, 
the RSC meeting on Monday afternoon, the BOD/Members Committee meeting on Tuesday. 
 
*The June BOD meeting is for educational purposes.  There will be no RSC or RET meetings in 
conjunction with this meeting. 
 
**The December BOD meeting is intended to be a one day in and out meeting for administrative 
purposes.  There will be no RSC or RET meetings in conjunction with this meeting. 
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